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Preface

Section 205(A)(2) of the Department of Energy Organ-
ization Act of 1977 (Public Law 95-91) requires the
Administrator of the Energy Information Administration
(EIA) to carry out a central, comprehensive, and unified
energy data and information program that will collect,
evaluate, assemble, analyze, and disseminate data and
information relevant to energy resources, reserves,
production, demand, technology, and related economic
and statistical information.

The purpose of this report, Challenges of Electric Power
Industry Restructuring for Fuel Suppliers, is to provide an
assessment of the changes in other energy industries that
could occur as the result of restructuring in the electric
power industry. This report is prepared for a wide au-

dience, including Congress, Federal and State agencies,
the electric power industry, and the general public.

The legislation that created the EIA vested the organ-
ization with an element of statutory independence. The
EIA does not take positions on policy questions. The
ElA's responsibility is to provide timely, high-quality
information and to perform objective, credible analyses
in support of deliberations by both public and private
decisionmakers. Accordingly, this report does not
purport to represent the policy positions of the U.S.
Department of Energy or the Administration.

This report can be accessed from EIA's World Wide Web
site at http://www.eia.doe.gov.
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Executive Summary

The current movement to restructure U.S. electricity
generation markets and make them more competitive
may lead to changes in the financial risks and demands
on the supply and transportation infrastructures for the
fuels used in electricity generation. This report examines
the potential impacts of restructuring of the U.S. electric
power industry on the markets for electricity generation
fuels—coal, nuclear, natural gas, petroleum, and renew-
able energy.

Included in this report are a brief review of electric
power industry restructuring already in progress at the
Federal and State levels, detailed discussions of the
major qualitative issues for each of the major fuel supply
markets, and a presentation of a range of possible
gquantitative results, based on the Energy Information
Administration’s (EIA) National Energy Modeling
System (NEMS).

The following paragraphs summarize the discussions of
issues related to the markets for coal, nuclear, natural
gas, petroleum, and renewable fuels, followed by the
quantitative analysis of electric power industry restruc-
turing on fuel markets.

Coal

The U.S. coal and electric power industries are tightly
linked: more than 87 percent of total domestic coal
consumption is used for generation by utilities, and coal
accounts for more than 56 percent of utility power gen-
eration. Thus, competitive electricity generation markets
will have far-reaching implications for the coal industry.
Power generators will attempt to pass on market risks to
coal producers and carriers (primarily railroads)
wherever they can. As a result, coal purchase contracts
will likely become shorter in duration and lower in
price. The traditionally stable coal market may absorb
some of the volatility of electricity markets.

Electric power industry restructuring is expected to
result in renewed pressure for cost cutting and con-
solidation in the coal industry, extending the trend of the
past decade or more. Future gains in productivity will
result from the computerization of administrative tasks
and continuing improvements in production technology.

Taking advantage of economic returns to scale will be
another important component of the cost reduction
effort. Small firms may be forced out of business, and
large firms are likely to continue increasing in size
through acquisitions and mergers. In addition, the trend
toward shorter contract durations and an uncertain
customer base will lead financial institutions to evaluate
coal mines on a “balance sheet” basis rather than on the
traditional project financing basis, increasing the
pressure for industry consolidation.

Risk management will become an important new tool for
coal producers. Coal futures markets, already being
developed in some areas, will provide a mechanism for
risk hedging and for price discovery. Risk reduction
may also be accomplished by vertical integration,
alliances with railroads or power producers, or the
creation of multi-fuel conglomerates. Restructuring will
change the business relationships among coal producers,
railroads, and power generators, creating incentives for
new alliances and the convergence of energy markets.

Emerging changes in the structure of the railroad
industry may also affect the economics of both the coal
and electric power industries. Transportation costs are
a major component of the delivered price of coal to
electricity generators, and over half of all coal consumed
by them is delivered by rail. As the demand for low-
sulfur western coal increases in the coming years, the
importance of railroads will become even greater. The
full effect on rail rates of the recent and ongoing
consolidation of major railroads remains to be seen: the
railroads may continue to lower rates as they achieve
greater economies of scale, or they may be unwilling to
lower rates once they establish their market power, as
many coal shippers are concerned will be the case.

Nuclear Power

Nuclear power accounts for about 13 percent of current
U.S. electricity generating capacity and about 19 percent
of total electricity generation. As the States restructure
electricity markets over the next few years, however,
some nuclear power plants are expected to become
uneconomical. Competitive electricity prices may be so
low that nuclear power plant operators will not see
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enough income to enable them to recover the costs of
operating and maintaining the plants and the costs of
capital improvements, such as steam generator replace-
ments. In the immediate future, some nuclear power
units will be at risk of early retirement as a result of
restructuring.

The additional inability of plant operators to cover a
plant's full costs, including capital costs, under restruc-
turing produces “stranded costs.” The stranded cost
recovery issue will not, however, be the major factor in
retirement decisions. Ultimately, the long-term viability
of nuclear power generation lies in the industry's ability
to keep its operating costs competitive with new sources
of generation. For nuclear plants, operating costs after
deregulation will be driven mainly by plant size, age,
capacity factors, and requirements for new capital
improvements. Issues surrounding the recovery of
future decommissioning costs remain to be resolved. In
the long run, however, the market value for long-term
firm capacity and for electricity in each region of the
country will determine the value of nuclear power
plants.

Average fuel costs make up only about one-fourth of the
operating costs for nuclear power plants, but the com-
petitive environment created by a restructured electric
power industry will encourage nuclear power plant
operators to reduce all operating costs, including the
costs of purchasing and managing nuclear fuel.
Moreover, if early retirements of nuclear power plants
result from competition in electricity markets, the
demand for nuclear fuel will be reduced. To compete,
suppliers in the nuclear fuel industry will be forced to
reduce prices or improve efficiency. In an industry that
has already seen significant contraction during a decade
of depressed prices, further consolidation is likely as
companies seek to pool resources and spread risks.

Natural Gas

Natural gas, used for about 9 percent of electric utility
generation, is primarily used during peak demand
periods and is the preferred energy source for new
generating capacity. The electric power and natural gas
industries are both network industries, in which energy
sources are connected to energy users through trans-
mission and distribution networks. As the restructuring
of electricity markets proceeds, the development of
institutions, such as futures contract markets and elec-
tronic auction markets, could lead to greater integration
of the electricity and natural gas industries and the
emergence of competitive energy markets.

The availability of market information and public
markets for natural gas and electricity will be a key to
the development of an integrated energy market for
those commaodities. Price volatility for gas and electricity
will spur the growth of futures markets and promote the
efficient allocation of resources. Challenges for the
natural gas industry include the development of shorter
term contracts with standard terms and low transaction
costs, improvements in deliverability and flexibility, and
the synchronization of same-day nominations for
deliveries of gas and electricity. Metering and measuring
of gas flows throughout the industry are also likely to
become more important as more frequent exchanges of
energy take place among market participants.

o]

Restructuring of the U.S. electric power industry should
have little overall impact on crude-oil-derived fuels
(distillate and residual). In 1996, for example, petroleum,
which fueled 2.2 percent of electric utility generation,
accounted for only 2.3 percent of the Nation's petroleum
consumption. With the deregulation of electricity gener-
ation and the resulting incentive for power generators to
lower fuel costs, the use of relatively expensive residual
fuel oil for electricity production is likely to decline even
further. As a result, petroleum refiners may be faced
with a growing problem: how to dispose of “leftover”
residual fuel and petroleum coke. Among other options,
two possibilities are related to electricity markets: (1)
selling petroleum coke to electricity generators for use as
a fuel blending component, and (2) gasification at the
refinery by using integrated gasification combined-cycle
(IGCC) technology to produce steam for process heat
and for electricity production.

Finally, electricity deregulation may provide oil com-
panies with opportunities to expand synergistically into
a related business. A number of oil companies have
gained experience in electricity production as a means of
exploiting their natural gas holdings in other countries,
and they could become important players in the U.S.
market as capacity needs grow in the future. Meanwhile,
as economic considerations increasingly dictate when
distillate fuel oil (and other fuels) will be purchased and
at what price, electricity generators will be relieving the
pressure on both available supply and the marginal price
in the very volatile heating oil market that characterizes
the Northeast during severe cold snaps.

Renewables

Because electricity generation from renewable sources
(other than hydropower) generally is more expensive
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than power from conventional sources, unconstrained
competition in electricity generation would likely result
in a reduced role for renewable energy facilities. As a
result, a variety of proposals under consideration by
State legislatures and by the U.S. Congress include
specific provisions to support the continued develop-
ment and use of renewable energy. Renewable portfolio
standards and system benefits charges are among the
programs being considered. Green marketing and
pricing programs, already being implemented by electric
utilities, may also provide a means to increase consumer
demand for electricity from renewable fuels.

The role of renewable energy sources in competitive
electricity markets will also depend on the cost and
performance of the individual renewable fuels: biomass
(primarily wood), geothermal, solar, and wind. In
addition, because renewable energy generating facilities
generally depend on the availability of energy resources
at specific sites—often at sites remote from major
electricity grids—transmission issues will affect the
penetration of renewable fuels in the electricity
generation market.

Quantitative Impacts on Fuel Markets

A quantitative analysis was conducted to determine the
impacts that competitive electricity generation markets
could have on fuel supply industries. To capture the
uncertainty about the conditions under which a
competitive electricity market will operate, EIA
prepared a range of possible outcomes (i.e., analysis
cases) based on different assumptions about key
electricity and energy variables. Two full competition
cases (assuming low and high fossil fuel consumption),
in addition to a partial competition case (the reference
case from EIA’s Annual Energy Outlook 1998 (AEO)),
were compared with a no competition case in order to
illustrate the possible impacts of competition.

In all the cases, natural-gas-fired turbines and combined-
cycle plants garner most of the market for new
generating capacity when more competition was
assumed. From 1996 to 2015, additions of coal-fired
capacity are projected to range from about 20 gigawatts
in the low fossil fuel case to 49 gigawatts in the no
competition case, whereas additions of natural gas
turbine and combined-cycle capacity range from about
256 gigawatts in the no competition case to 324 giga-
waitts in the high fossil fuel case. In all the cases, natural
gas is projected to have an increasing share of electricity
generation as demand levels grow (Figure ES1).

Unless required by Federal policies, the restructured
electricity market is not projected to stimulate renewable
energy technologies. Overall, the cases analyzed suggest
that renewable resources will remain more costly than
fossil fuel alternatives through 2015 and will penetrate
electricity markets only to the extent compelled, such as
by a renewable portfolio standard that mandates gen-
eration from renewable sources. If policies require
increased use of renewable energy, the cases suggest
that average electricity prices will increase slightly.
Biomass, wind, and geothermal would be the most likely
technology choices for expanded use of renewable
energy.

In the competition cases examined, natural gas produc-
tion is projected to range from 0.8 percent lower to 2.2
percent higher than in the no competition case in 2005
and from 0.3 percent to 6.0 percent higher in 2015. The
projected average natural gas prices at the wellhead
range from a low of $2.05 per thousand cubic feet in
2005 to a high of $2.61 per thousand cubic feet in 2015
(all prices expressed in real 1996 dollars). Overall, the
results from all the cases suggest that restructuring in
the electric power industry will stimulate demand for
natural gas and that rising demand will lead to higher
wellhead prices as the discovery process progresses
from larger and more profitable fields to smaller, less
economical ones. The projected price increases also
reflect more production from higher-cost sources, such
as offshore conventional recovery and onshore uncon-
ventional gas recovery from such sources as tight sands,
Devonian shales, and coalbed methane. Electricity
restructuring is not expected to have a significant impact
on crude oil production because petroleum-based gen-
eration is a small share of overall electricity generation.

In the national coal market, two factors lead to signifi-
cant changes: (1) the environmental regulations creating
a national market for sulfur emissions credits, which
encourages minimization of sulfur emissions and, thus,
fuel sulfur content; and (2) the competitive electricity
generation market, which rewards the minimization of
generation fuel costs. The impacts of both changes are
seen in the cases analyzed here. Across the cases,
competition tends to favor the use of natural gas over
coal for electricity generation because natural-gas-fired
power plants are generally projected to be more
economical than coal-fired plants. The exception is the
high fossil case, which assumes higher demand for
electricity than in the AEO reference case, no renewable
portfolio standard, and continued operation of relatively
higher-cost generating plants (up to 6 cents per
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Figure ES1. Electricity Generation by Fuel Type in Four Cases, 1996, 2005, and 2015

1996

|

2005

No Competition

Reference
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High Fossil

2015
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Note: Data do not include nonutility generation for own use, cogeneration, or electricity imports. Renewable/other includes

pumped storage hydroelectric.

Source: Energy Information Administration, Office of Integrated Analysis and Forecasting, National Energy Modeling System runs
nocomp.d010698a, ae098b.d100197a, complo3.d031298b, and comphiD3.d031398b.

kilowatthour). The cases vary in their projections of
consumption shares for low-, medium-, and high-sulfur
coals, regional production shares, and minemouth
prices. Production of high-sulfur coal is relatively stable
across the competition cases and declines by about 19
million tons in the low fossil case in 2010. In contrast,
low-sulfur coal production is more volatile and increases
by as much as 80 million tons in 2015 in the high fossil
case due to increased demand for coal while require-
ments to limit sulfur dioxide emissions are tightening.

Total energy consumption for electricity generation is
projected to grow from 1996 to 2015 in all the cases
analyzed. Consumption levels increase for all fossil fuels
and renewable sources, whereas consumption of nuclear
electricity generation declines as a result of retirements
and the lack of new construction. There is little variation
in total energy consumption among the competition
cases, except when higher demand levels are assumed.
There are, however, variations in the levels of con-
sumption of natural gas and coal across the cases, with
natural gas tending to gain and coal to lose market share

as the industry moves from a regulated to a competitive
environment.

The average price of fuel used for electricity production
in 2015 is projected to be about the same as in 1996 in all
but the high fossil case (Table ES1). In the high fossil
case, an increase of about 11 percent in the average price
is projected because of higher natural gas prices
resulting from assumed higher drilling costs for onshore
production. Natural gas prices increase slightly in the
other cases but are offset by an almost 30-percent decline
in coal prices between 1996 and 2015.

Electricity prices are projected to decline from 1996
levels, even in the case of no competition, because of
lower coal prices and modest additions of new capacity.
In the competition cases, prices fall even further as a
result of efficiency improvements in plant operations
and fewer additions of capital-intensive coal plants.
Prices in competitive markets are based on marginal
costs, which tend to be lower than the current average
embedded costs.
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Table ES1. Energy Consumption and Prices for Electricity Generation

2005 2015
No AEO98 Low High No AEO98 Low High
Projection 1996 Competition | Reference | Fossil Fossil Competition | Reference | Fossil Fossil
Energy Consumption by Electricity Generators
(Quadrillion Btu per Year)
Distillate Fuel . ............. 0.08 0.07 0.07 0.07 0.08 0.07 0.07 0.07 0.09
Residual Fuel ............. 0.67 0.28 0.30 0.22 0.36 0.20 0.25 0.16 0.37
Petroleum Subtotal ........ 0.75 0.34 0.37 0.28 0.44 0.27 0.32 0.23 0.46
NaturalGas ............... 3.04 5.39 5.69 5.23 6.01 7.98 8.71 8.02 10.06
SteamCoal ............... 18.36 20.60 20.55 20.35 21.04 23.16 22.29 21.21 23.21
Nuclear Power . ............ 7.20 6.87 6.87 7.45 6.87 5.12 5.12 5.90 5.12
Renewable Energy ......... 4.45 4.37 4.37 5.06 4.31 4.44 4.53 6.25 4.59
Electricity Imports .......... 0.39 0.39 0.34 0.37 0.37 0.28 0.28 0.30 0.30
Total . ................... 34.20 37.96 38.19 38.75 39.03 41.25 41.26 41.91 43.75
Energy Prices to Electricity Generators by Source
(1996 Dollars per Million Btu)
Fossil Fuel Average .......... 1.54 1.46 1.49 1.44 151 1.49 1.60 151 1.71
Petroleum Products . . ....... 3.27 3.61 3.57 3.76 3.46 4.13 4.00 4.27 3.77
Distillate Fuel .. ........... 4.90 5.17 5.16 5.15 5.14 5.45 5.47 5.42 5.40
Residual Fuel ............ 3.07 3.23 3.20 3.34 3.09 3.67 3.60 3.79 3.36
NaturalGas ............... 2.64 2.58 2.63 2.56 2.72 2.80 2.98 2.85 3.32
SteamCoal ............... 1.29 1.14 1.14 1.11 1.13 1.01 1.03 0.97 0.97

Source: Energy Information Administration, Office of Integrated Analysis and Forecasting, National Energy Modeling System runs nocomp.d010698a,
ae098b.d100197a, complo3.d031298b, and comphiD3.d031398b.
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Introduction

The movement toward a competitive electricity genera-
tion market has been underway for several years. Many
consumers, producers, and regulators see increased
competition as a key to more efficient production of
power and lower end-use prices. With the electric power
industry accounting for more than $210 billion in annual
sales, the implications of deregulated electricity genera-
tion markets for capacity choice, operating costs, and
fuel choice are significant. This report examines potential
impacts of restructuring and deregulation of the electric
power industry on the markets for electricity generation
fuels—coal, nuclear, natural gas, petroleum, and renew-
able fuels.!

The U.S. electric power industry is in the midst of a
transition that is changing electricity generation oper-
ations from regulated monopolies to entities that operate
in competitive markets. As the transition progresses, the
competitive pressure for lower electricity prices could
alter the Nation’s power generation fuel mix. The
possible ramifications vary in likelihood and complexity.
Generating companies may change their fuel purchase
arrangements and inventory practices. Higher cost
generating plants may be retired in favor of more
efficient, low-cost power plant technologies, and the
shares of electricity generation from different fuels may
change. (For example, legislation may be enacted to
ensure some level of market share for renewable fuels in
the generation mix.)

Electric power industry restructuring may lead to new
financial risks and demands on the supply and
transportation infrastructure of the fuels used for
electricity generation. This report analyzes issues that
electricity restructuring creates for each fuel market.

Major Restructuring Changes
Already in Progress

Numerous structural changes in the electric power
industry are yet to come. Already, however, there has
been significant progress by regulators, legislators, and
the utilities themselves toward a competitive electricity
market.

FERC Actions

Perhaps the single most sweeping change so far has been
the outcome of recent actions taken by the Federal
Energy Regulatory Commission (FERC), which has the
responsibility for regulating the Nation’s interstate trade
in electric power. Pursuant to guidelines set forth in the
Energy Policy Act of 1992 (EPACT) regarding open
access to transmission services at equitable rates, the
FERC issued Orders 888 and 889 in 1996. These orders
were designed to remove impediments to competition
in wholesale electricity trade and are expected to bring
more efficient, lower cost power to the Nation’s
electricity consumers. On February 26, 1997, in response
to various rehearing requests, the FERC announced a
number of minor adjustments to the rules, to become
effective 60 days after they appeared in the Federal
Register.>

Order No. 888, entitled Promoting Wholesale Competition
Through Open Access Nondiscriminatory Services by Public
Utilities; Recovery of Stranded Costs by Public Utilities and
Transmitting Utilities, requires all public utilities that
own, control, or operate transmission facilities to pro-
vide nondiscriminatory open access transmission

! Renewable fuels are hydroelectric (conventional), geothermal energy, biomass (wood, wood waste, peat, wood sludge, municipal
solid waste, agricultural waste, straw, tires, landfill gases, fish oils, and/or other waste), solar energy (solar thermal and photovoltaic), and

wind energy.

2 For further details concerning FERC actions regarding electric power industry regulatory reform, refer to Energy Information
Administration, The Changing Structure of the Electric Power Industry: An Update, DOE-EIA-0562(96) (Washington, DC, December 1996),
Chapter 7. In addition, EIA has recently published a report entitled The Changing Structure of the Electric Power Industry: Selected Issues, 1998,
that updates information on restructuring activities by the FERC, Congress, and the States.
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services by filing tariffs that offer others the same trans-
mission services they provide to themselves. In addition,
it provides for a stranded cost mechanism to aid in the
transition to a more competitive industry. Stranded
costs are those that utilities prudently incurred to serve
customers under a regulated environment, which could
go unrecovered if customers switch to other suppliers.
The FERC stressed that providing for stranded cost
recovery would ensure the financial viability of utilities
that provide reliable, essential electric service.

Order No. 889, Open Access Same-Time Information System
and Standards of Conduct (OASIS), further ensures non-
discriminatory transmission service by requiring public
utilities that own, control, or operate transmission
facilities to develop an Internet-based bulletin board
system that provides same-time information about
electricity prices and the availability of transportation
capacity on transmission lines. This rule requires public
utilities to obtain information about their transmission
system for their own wholesale power transactions in
the same way their competitors do—through the Internet
OASIS system, which began commercial operation in
January 1997. It also requires them to separate their
functions of wholesale power marketing and trans-
mission operation.

As a result of the FERC Orders, many investor-owned
utilities that own transmission lines have begun to
establish independent system operators (ISOs) to
manage and operate the transmission systems in their
regions. Eleven 1SOs have been approved, proposed, or
are under discussion, covering all parts of the United
States except the Southeast. Utility participation is
fragmented, however, and issues have arisen regarding
participation by Federal and other publicly owned
utilities. As of April 1998, four ISOs were operating:
California 1SO; ISO-New England; Pennsylvania, New
Jersey, Maryland Interconnection; and the ERCOT ISO.
Each has procedures for pricing transmission
services—in particular, when congestion occurs in the
transmission system. It is too early to determine what, if
any, changes may be seen in generation patterns and fuel
consumption as a result.

Congressional Actions

While no Federal legislation that applies directly to
electric power industry restructuring has been enacted,
a number of bills have been introduced in recent years,
and Congress has been actively pursuing the matter (see
Appendix A). Electricity workshops and Congressional
Committee hearings have been and are being held to
investigate the issues and impacts and to hear industry

views on the role the Federal Government should play
in restructuring the industry. Restructuring legislation
was introduced but not passed during the 104th
Congress. Revised legislative proposals have been
introduced and are being debated in the hopes of
mandating a federally guided approach to restructuring
before the end of the 105th Congress. On June 26, 1998,
the Secretary of Energy submitted to Congress the
Administration’s proposed legislation to implement the
Comprehensive Electricity Competition Plan that was
released by the Administration on March 25, 1998.

The common theme among the proposals is to set forth
guidelines that will benefit and protect electricity
consumers by giving them the right to choose among
competitive suppliers while securing lower rates and
higher quality service. Some proposals encourage
energy conservation and efficiency programs and the
use of renewable sources of energy. One bill that
contains the most proactive measures concerning renew-
ables, H.R. 1359 introduced by Congressman Peter A. De
Fazio (D-OR), instructs the Secretary of Energy to
establish a National Electric System Public Benefits
Board to fund programs related to renewable energy
sources, universal electric service, affordable electric
service, energy conservation and efficiency, or research
and development in each of these areas. The bill also
provides for a renewable energy portfolio standard and
for renewable energy credits. Two bills set forth a date
certain for retail competition. H.R. 655, the Electric
Consumers’ Power to Choose Act of 1997, introduced by
Congressman Dan Schaefer (R-CO), specifies December
15, 2000; and S. 237, the Electric Consumers’ Protection
Act of 1997, introduced by Senator Dale Bumpers (D-
AR), specifies December 15, 2003, as the date by which
all retail customers will be able to choose their electricity
providers.

Also included in the Federal proposals are bills to repeal
the Public Utility Regulatory Policies Act of 1978
(PURPA) and the Public Utility Holding Company Act
of 1935 (PUHCA), both of which are being identified as
impediments to a truly market-driven electric power
industry. Some groups believe that PURPA and
PUHCA repeal should be instituted, but only as part of
legislation that would comprehensively address the
many issues associated with restructuring. Additional
issues—including privatization of the Federal Power
Marketing Administrations, Federal Power Act amend-
ments prescribing State parameters relative to instituting
retail competition, the recovery of stranded costs, and
the role that the Federal Government should play in
restructuring the electric power industry—are addressed
in various bills.
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Appendix A summarizes pending Federal legislation
and the Administration’s plan?® for the restructuring of
the electric power industry, including an overview of the
major issues contained in each.

State Actions

Retail competition is being deliberated on a State-by-
State basis. The utility regulatory commissions and the
legislatures of nearly all 50 States and the District of
Columbia are in different stages of the implementation
process, from informally studying the idea to passing
legislation that specifies the date and conditions of full
retail competition. In order for a State to make the
transition to a fully competitive market, its legislature
must first pass legislation that authorizes the conversion
to deregulation. Only then can the State regulatory com-
mission proceed with approved implementation plans.
Six States, however, have been able to initiate com-
petition through regulatory orders only. Figure 1 shows
the progress being made throughout the United States
toward establishing full retail competition. As of July 1,
1998, 12 States had enacted restructuring legislation.

On March 31, 1998, California became the first State to
open its retail electricity market to competition. Retail
access pilot programs are also underway in a number of
States, including ldaho, lllinois, Massachusetts, Michi-
gan, Missouri, Montana, New Hampshire, New Jersey,
New Mexico, New York, Ohio, Oregon, Pennsylvania,
Texas, and Washington. While there are similarities
among them, each pilot program contains specifications
(regarding size and duration, flexibility, billing and
metering, targeted customers, etc.) that vary from one
program to another.* Pilot programs are being instituted
to provide insights into the workings of retail access.
The lessons learned will serve as the building blocks for
full retail competition.

Also being examined by those involved in formulating
retail competition guidelines are Federal and State
jurisdictional issues. Some groups believe that, while
States may be in a position to direct certain aspects of

full retail competition, the Federal Government is in the
best position to address broader aspects, such as the
environment, rules of reciprocity, and a date certain for
customer choice. The rules of the game have been and
will continue to be redefined by Federal and State
regulators and legislators.

Some of these issues are discussed in more detail in two
other Energy Information Administration reports, The
Changing Structure of the Electric Power Industry: An
Update and the recently released The Changing Structure
of the Electric Power Industry: Selected Issues, 1998.

The Role of Fuel Markets in
Electricity Generation

More than one-third of the primary energy consumed in
the United States is used to generate electricity. In 1996,
the Nation produced 3,447 billion kilowatthours of
electric power. Of that amount, utilities accounted for
3,077 billion Kkilowatthours and nonutilities generated
the remaining 370 billion kilowatthours.® Coal-fired
generation has been and continues to be the largest
contributor to the supply of electricity, followed by
nuclear, natural gas, renewables, and petroleum. In
1996, utility purchases accounted for 87 percent of the
U.S. coal market, 53 percent of the renewables market,
12 percent of the natural gas market, 2 percent of the oil
market, and virtually all the uranium available in the
commercial market.® Investor-owned utilities spent
approximately $22.8 billion on coal in 1996, $7.4 billion
on natural gas, $3.0 billion on nuclear fuels, and $2.4
billion on petroleum.” Because fuel costs account for
two-thirds of utility power production expenditures,?
the future price of fuels is a critical issue for utilities
facing the change to a competitive market.

Since 1986, there has been a downward trend in fuel
costs. In the coal industry, increased productivity, lower
transportation rates, and changing market conditions
have produced a steady decline in coal prices. Average
prices for natural gas to electric utilities have generally

® U.S. Department of Energy, Comprehensive Electricity Competition Plan (Washington, DC, March 1998).
* Energy Information Administration, The Changing Structure of the Electric Power Industry: Selected Issues, 1998, DOE/EIA-0620

(Washington, DC, May 1998), Chapter 4.

® Energy Information Administration, Electric Power Annual 1996, Volume 11, DOE/EIA-0348(96/2) (Washington, DC, December 1997),

pp. 13-14.

® Energy Information Administration, Annual Energy Review 1996, DOE/EIA-0384(96) (Washington, DC, July 1997), pp. 211, 265, 195,

161, and 259, respectively.

" Energy Information Administration, FERC Form 423, “Monthly Report of Cost and Quality of Fuels for Electric Plants” (1996); FERC
Form 1, “Annual Report of Major Electric Utilities, Licensees, and Others” (1996); and estimates made by the EIA Office of Coal, Nuclear,

Electric and Alternate Fuels.

® Energy Information Administration, Financial Statistics of Major U.S. Investor-Owned Electric Utilities 1996, DOE/EIA-0437(96/1)

(Washington, DC, December 1997).
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Figure 1. Status of State Electric Utility Deregulation Activity as of July 1, 1998

NN

Restructuring Legislation Enacted 2
Comprehensive Regulatory Order Issued b
Legislation/Orders Pending®

Commission or Legislative Investigation Ongoingd

No Ongoing Significant Activity®

8california, Connecticut, lllinois, Maine, Massachusetts, Montana, Nevada, New Hampshire, Oklahoma, Pennsylvania, Rhode

Island, and Virginia.

bArizona, Maryland, Michigan, New Jersey, New York, and Vermont.

ZAIaska, Delaware, Kentucky, Missouri, Ohio, South Carolina, and West Virginia.

Alabama, Arkansas, Colorado, District of Columbia, Georgia, Hawaii, Idaho, Indiana, lowa, Kansas, Louisiana, Minnesota,
Mississippi, Nebraska, New Mexico, North Carolina, North Dakota, Oregon, Tennessee, Texas, Utah, Washington, Wisconsin, and

Wyoming.
®Florida and South Dakota.

Note: Texas allows competitive wholesale wheeling as authorized by SB 373, enacted in 1995. Legislation authorizing retail
wheeling will be revisited in 1999. California, Massachusetts, and New Hampshire each have regulatory orders and legislation in

place.

Source: Energy Information Administration, Office of Coal, Nuclear, Electric and Alternate Fuels.

trended downward from a 1983 peak to a 16-year low in
1995, although they recovered somewhat in 1996.° A
large worldwide surplus of uranium has also caused its
prices to decrease precipitously over the past decade or
more.

Keeping fuel costs down is a major goal for electricity
producers in maintaining competitive prices. As a con-
sequence, fuel suppliers will be faced with many
challenges to cope with the coming changes to their
industries and remain competitive. Chapters 1 through
5, on the fuel markets, examine some of the challenges
and opportunities brought about by electric power

industry restructuring. Each fuel market is addressed in
a separate chapter, where issues important to that
particular market are discussed. Because the fuels vary
widely in their economic and technological character-
istics and in their alternative power uses, there is no
consensus set of issues applying to all markets. As a
result, the individual fuel chapters vary in the depth and
scope of their analysis. Chapter 6 presents the results of
a quantitative analysis conducted to estimate the mag-
nitude of the impacts that competitive electricity
generation markets could have on the fuel supply
industries, based on model projections from EIA’s
National Energy Modeling System.

° Energy Information Administration, Annual Energy Review 1996, DOE/EIA-0384(96) (Washington, DC, July 1997), p. 181.
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1. Impacts of Electric Power Industry
Restructuring on the Coal Industry

The U.S. coal and electric power industries are tightly
linked. Over 87 percent of all the coal consumed in the
United States is for electricity generation by utilities, and
coal is the primary fuel for more than 56 percent of
utility power generation (Table 1). Deregulation of the
electric power industry, therefore, has a potentially
profound impact on the coal industry. Moreover, that
impact will be compounded by a concurrent consoli-
dation of the rail industry, which is the largest carrier of
coal and a major determinant of the price of coal
delivered to electric power generators.

Implications of Electric Power
Industry Deregulation

The deregulation of electricity markets will have far-
reaching implications for the coal industry. In the
electric power industry itself, deregulation is expected to
result in intensified price competition, growing price
volatility, shorter-term wholesale electricity transactions,
and industry consolidation and structural changes.
Today, as the electric power industry is moving rapidly
toward retail competition, the wholesale electricity
market is already reaching full-scale, open competition.
The deregulated wholesale market is proving to be
highly dynamic; prices tend to be volatile and trans-
actions short term. The electric power industry is
undergoing consolidation through mergers and acqui-
sitions and, at the same time, has started unbundling its
generation, transmission, and distribution functions
from an integrated structure.

Dynamics of a Deregulated Power
Generation Industry

With open competition and electric industry un-
bundling, most U.S. electricity generators in the future
are likely to function as “merchant” plants, much like oil
and gas producers, with no guaranteed market for their
output. These merchant plants will be in constant
competition for sales of their output. Plant operators
will look to cut costs wherever they can and to manage

risks in both the fuel and electric power markets. The
electric power industry has already started a consoli-
dation, and it is expected to continue. At the same time,
convergence between electric power, natural gas, and
coal markets is also taking place.

All these developments reflect strong incentives for
electricity generators to become lower cost producers,
expand market share, and remain profitable in a
deregulated environment. In a fully competitive retail
electricity market, only those generators with costs low
enough to produce electricity at market prices, as
opposed to costs that are simply low enough to meet
regulatory oversight, will be able to sell electricity
profitably and remain viable.

Electric power generators will face new risks in a
deregulated environment, and they must manage their
operations to cover their costs in more competitive
markets. Yet, greater uncertainty will prevail in virtually
every aspect of their operations. Most notably, they will
operate without a guaranteed market or price for their
electricity. As retail competition unfolds, the market for
their electricity will become even more uncertain in
magnitude, timing, and price.

Risk management in power generation and in fuel
purchasing will focus primarily on managing the spread
between electricity and fuel prices, known as the “spark
spread.” Power generators will use various physical and
financial techniques, such as futures or options con-
tracts, to manage risks in both electricity and fuel
markets. They will also attempt to pass on risks to fuel
suppliers wherever possible. Such risk management
techniques are well established in the oil and gas
markets and recently have begun to emerge in electricity
markets. In the near future, they will become important
in coal markets as well.

Uncertainties in power markets will lead power gener-
ators to change their coal purchasing practices. They
will shift from long-term to shorter term contracts to
remain flexible in coal purchasing, and their contracts
for coal purchases will include terms and conditions
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Table 1. Electric Utility Net Generation and Coal Receipts by NERC Region, 1996

Total Appalachian Interior Western Total
Coal Other Fuel | Generation Coal Receipts Receipts Receipts Receipts
NERC Percent
Region Billion Kilowatthours Share Million Short Tons
ASCC .... 0.2 4.8 5.0 4.6 NA NA NA NA
ECAR .... 467.8 56.8 524.6 89.2 123.0 41.5 35.7 200.2
ERCOT ... 104.2 117.7 221.8 47.0 0.0 51.3 29.1 80.5
FRCC .... 59.8 79.1 138.8 43.1 13.4 7.7 0.7 21.8
MAAC . ... 106.7 98.1 204.7 52.1 43.5 0.0 0.0 43.5
MAIN .. ... 136.4 95.7 232.0 58.8 1.8 17.5 56.9 76.2
MAPP . ... 115.6 44.3 159.9 72.3 0.0 1.3 70.6 72.0
NPCC .... 37.7 141.8 179.4 21.0 12.9 0.0 0.0 12.9
SERC 358.4 228.2 586.6 61.1 100.4 30.2 18.9 149.5
SPP...... 166.2 122.4 288.6 57.6 0.0 5.6 91.6 97.2
WSCC 184.7 344.8 529.5 34.9 0.0 0.0 104.3 104.3
Total® 1,7375 1,333.6 3,071.0 56.6 295.0 155.1 407.8 858.0

#Excludes 6.4 billion kilowatthours of electricity generated in Hawaii, all from other fuels.

NA = Not available.

Source: Energy Information Administration Form EIA-759 for electric utility net generation by fuel type and Federal Energy
Regulatory Commission Form 423 for coal receipts by coal-producing region.

enabling them to react to unanticipated changes in the
coal market.

Complicating the above scenario is the regional disparity
in coal dependence (Table 1). While 56.6 percent of all
utility generation in the United States is coal-fired,
regional dependence on coal varies widely, ranging from
less than 5 percent for Alaska (ASCC) to almost 90
percent for the ECAR region (Figure 2). Further com-
plications will arise from a consideration of the source of
the coal used in power generation. For example, the SPP
and MAAC regions are similar in their levels of coal
dependence, but generators in the SPP obtain their coal
mostly from suppliers in the West, whereas the MAAC
region relies primarily on Appalachian coal. The
difference in their coal sources may result in very
different responses to deregulation.

The Link to Coal Prices

The dependence of coal producers on the electricity
generation market closely ties them to developments in
the electric power industry. Once electricity markets are
deregulated, power generators will try to cut fuel costs
by putting pressure on both minemouth and delivered
coal prices. Among the many strategies to cut costs,
power generators will focus on reducing fuel costs,

which are seen as being manageable and are the largest
component of production costs at coal-fired power
plants—over 75 percent. Power generators generally
have less opportunity to cut nonfuel (operation and
maintenance) costs (Figure 3). The importance of fuel
costs is clearly reflected in today’s incremental whole-
sale powver sales, which are largely based on relative fuel
costs.

Over the past decade, coal costs for electricity produc-
tion have declined substantially. For example, between
1991 and 1996, they declined by 21 percent—from $17.84
to $14.08 per megawatthour (MWh) (in 1996 constant
dollars)—while operation and maintenance costs
remained flat. Much of the recent decline in coal costs is
attributable to falling coal prices. Coal producers and
carriers (primarily railroads) have improved their
productivity and competed for utility coal business. In
a deregulated electricity market, power generators are
certain to look for still lower coal costs, adding pressure
on both minemouth and delivered coal prices.

To remain competitive, power generators will intensify
pressures on coal producers for lower coal prices, but
will not be willing to make long-term commitments for
coal purchases. This will mark a significant departure
from past practices, with far-reaching impacts on the
coal industry.
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Figure 2. North American Electric Reliability Council (NERC) Regions for the Contiguous
United States and Alaska

ECAR

FRCC
MAAC
MAIN
MAPP
NPCC
SERC
SPP
WSCC

ERCOT

NERC Regional Councils

East Central Area Reliability Coordination Agreement
Electric Reliability Council of Texas

Florida Reliability Coordinating Council

Mid-Atlantic Area Council

Mid-America Interconnected Network

Mid-Continent Area Power Pool

Northeast Power Coordinating Council

Southeastern Electric Reliability Council

Southwest Power Pool

Western Systems Coordinating Council

Note: The Alaska Systems Coordinating Council (ASCC) is an affiliate NERC member.
Source: Energy Information Administration, Office of Coal, Nuclear, Electric and Alternate Fuels.

Because coal-fired power plants are mostly baseload,
their average capacity utilization rate is relatively high
(for example, 63 percent in 1996, compared with only 20
percent for natural gas and 11 percent for oil, which in
many situations are largely used for peaking genera-
tion'). Coal-fired power plants operate most of the time
with a high degree of certainty, and their steady, large
volume of electric output in the past has allowed power
generators to make long-term contractual commitments
to coal suppliers. Coal mines were usually opened with
secured, long-term contracts in place, guaranteeing a

market for their output that would provide a stream of
(future) revenue. Even where long-term commitments
were not made, coal producers at least knew that a well-
defined market existed for power generation. Much of
this certainty for coal producers, however, will dis-
appear in unbundled, deregulated power markets
populated with power generators functioning as
merchant plants.

Power generators will attempt to pass on the pressures
and risks in electricity markets to coal producers and

! Energy Information Administration, Electric Power Annual 1996, Volume I, DOE/EIA-0348(96)/1 (Washington, DC, August 1997),

Table 1.
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Figure 3. Average Power Production Expenses
for Major U.S. Investor-Owned Coal-
Fired Electric Utility Plants
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Source: Federal Energy Regulatory Commission, Form 1,
“Annual Report of Major Electric Utilities, Licensees, and
Others.”

carriers wherever they can. This has already resulted in
significant reductions in coal contract prices and
duration. Price pressures mean lean profits for coal
producers and new challenges to find ways to cut costs
to remain viable. In addition, volatility in electricity
markets may well be reflected in the coal markets. With
the greater use of short-term transactions for coal and
increasing market uncertainty, coal producers, like
power generators, could well find themselves subject to
considerable price and volume volatility and risks,
which they will need to hedge.

The Coal Industry Response
Changing Industry Structure

Coal Production Trends

The result of a competitive, deregulated electricity
market will likely be further consolidation in the coal
industry. Pressure from electric power generators for
lower coal prices will mean reduced revenues and,
hence, profits, which will drive out smaller, inefficient
coal producers. This will benefit larger companies, as
larger size generally results in lower overhead and

mining costs through economies of scale, diversification
of business, and the availability of financial resources to
make new investments in mines and to improve
productivity.

Coal may also be included in attempts by energy com-
panies to integrate their operations across energy
sources. Combining electricity and gas in transactions is
already a common business practice. This is one aspect
of the widely discussed phenomenon termed “conver-
gence” of the energy industry. Some coal producers
today are packaging coal and sulfur emission allow-
ances. Convergence could expand to include coal, as
well as emission allowances, along with electricity and
gas.

Only those coal producers with the ability to obtain
financing and manage risks will survive. They must be
able to face the challenge of investing with lower and
less certain revenues per ton. Small coal producers may
not have the financial resources to do this. Increasingly,
balance-sheet financing of companies, based on the
company’s overall financial strength, will replace project
financing of specific mining ventures. This, in turn, will
favor the larger companies and may act as an incentive
for further consolidation.

Coal Industry Concentration. The coal industry has
been undergoing consolidation for some time, creating
fewer but larger mines and firms and producing more
coal (Table 2). Two basic forces have been driving con-
solidation in the coal industry. In the 1960s and 1970s,
more stringent mine safety and reclamation laws forced
many small mines out of operation. Then, in the 1980s,
falling coal prices caused small, inefficient producers to
close down or be bought out, and pressure to reduce
costs motivated producers to seek economies of scale by
forming larger units.!* Under deregulated electricity
markets, power generators will further increase the
pressure on coal producers to lower prices, intensifying
the recent trend toward increasing consolidation and
concentration of mining operations and firms.

Nationally, concentration among coal producers has
increased. The top four coal producers had a market
share of 32.9 percent in 1996, up from 19.6 percent in
1986.% In coal reserve holdings, a key indicator of future
production, concentration among the four largest
reserve holders fell from 10 percent in 1985 to 7.2

! Electric Power Research Institute, Structural Change in the Coal Industry: Coal Industry Concentration Trends, 1970-1994, TR-105026 (May

1995).

2 Energy Information Administration, The Changing Structure of the U.S. Coal Industry: An Update, DOE/EIA-0513(93) (Washington,
DC, July 1993), Table 13; and Coal Industry Annual 1996, DOE/EIA-0584(96) (Washington, DC, November 1997), Table 15.
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Table 2. Coal Production Trends

Industry Characteristics 1970 1980 1990 1996
Numberofmines ............ .. ... ... .. ...... 5,601 3,969 2,707 1,903
Number of surfacemines .. .................... 2,662 2,082 1,285 1,018
Number of underground mines . .. ............... 2,939 1,887 1,422 885
Average production per mine, surface. ........... 102 236 471 642
Average production per mine, underground . ....... 116 179 299 463
Percent of production east of the Mississippi River . . . 93 69 61 53
Percent of production west of the Mississippi River . . 7 31 39 47

Source: Energy Information Administration, Form EIA-7A, “Coal Production Report,” and Coal Industry Annual 1996,

DOE/EIA-0584(96) (Washington, DC, November 1997).

percent in 1990.2® However, a recent survey indicates
that the concentration of reserve holdings may also be
increasing. In 1996, the four largest reserve holders held
8.7 percent of total U.S. coal reserves.'*

Increasing concentration in coal production can be seen
in the Powder River Basin (PRB), the Nation’s largest
and fastest growing coal-producing region. Coal pro-
duction in the PRB is dominated by a small number of
large surface mines, which currently include 14 of the
Nation’s 15 largest mines, and is becoming increasingly
concentrated. In 1986, the top 4 producers in the PRB
accounted for 48 percent of its total output: Amax (14
percent), Arco (14 percent), Exxon (12 percent), and
Nerco (8 percent). By 1996, the top 4 producers
represented 77 percent of the Basin’s total output:
Peabody (33 percent), Kennecott (17 percent), Arco (15
percent), and Cyprus Amax (12 percent).t®

The number of both surface and underground mines fell
dramatically between 1970 and 1996, increasing the
average production from both types of mines (Table 2,
Figure 4). Surface mines on average produced six times
more in 1996 than they did in 1970, due largely to the
regional shift in coal production toward large western
surface mines. Western coal production accounted for
47 percent of the U.S. total in 1996, up from only 7

percent in 1970. Deregulation of the electric power
industry is likely to bolster this trend.

The coal industry is also increasingly becoming inter-
national. Foreign-affiliated coal firms made up only 1.4
percent of total production in 1976.* By 1995, three of
the top five U.S. coal producers had foreign affiliations,
and production by foreign-affiliated firms had risen to
30.7 percent.'’

Another clear trend is that the coal industry is largely
becoming composed of companies focusing almost
exclusively on the coal business. Companies that cur-
rently have long-term interests in the coal industry tend
to have more significant expansion plans; in fact, most
recent acquisitions have been made by companies that
have coal as their main business. Such firms also tend to
operate mines more efficiently and reliably. Other types
of companies—such as electric utilities, steel manufac-
turers, and oil companies—have mostly left the coal
industry. For example, between 1989 and 1994, six
petroleum companies sold or offered to sell their coal
divisions.” It is noteworthy that such companies
brought large amounts of capital to the coal industry, yet
they failed to attain the same level of expertise and
commitment as those dedicated primarily to the coal
industry.’ Kerr-McGee, the only remaining major

2 Energy Information Administration, The Changing Structure of the U.S. Coal Industry: An Update, DOE/EIA-0513(93) (Washington,

DC, July 1993), Table 10.

4 National Mining Association, Facts About Coal, 1996 (data compiled from a National Mining Association survey of major producers

may not be all inclusive), p. 14.

% Energy Information Administration, Form EIA-7A, “Coal Production Report.”
'8 Energy Information Administration, The Changing Structure of the U.S. Coal Industry: An Update, DOE/EIA-0513(93) (Washington,

DC, July 1993), Table 13.

7 Energy Information Administration, Performance Profiles of Major Energy Producers 1995, DOE/EIA-0206(96) (Washington, DC, January

1998), p. 82.
18 |bid., p. 54.

19 Electric Power Research Institute, Fuel Management for Competitive Power Generation-A Guide to Managing Change, TR-107890 (April

1997), pp. 6-13.
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Figure 4. Production and Number of Operating U.S. Coal Mines
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petroleum company with significant coal holdings,
recently put those assets up for sale.?

On the other hand, the deregulation of electricity mar-
kets may drastically affect the current composition of the
coal industry, if many multi-fuel conglomerates are
formed to maximize the flexibility and reliability of their
fuel supply options. Competitive pressures in the elec-
tric power industry will provide incentives to coal
producers to reduce costs through mergers and acqui-
sitions. This option will appeal to those producers who
hope to take advantage of economies of scale and
achieve greater flexibility in managing supply contracts
with electric power generators. In the short run, this
will increase concentration, but will also lead to further
reductions in coal prices, increases in productivity, and
larger mine operations. In the long run, however,
increasing concentration in the industry could result in
less competitive pressure among producers, at which
point prices may level off or rise.

One way to reduce costs is to shift production to larger,
more efficient, low-cost mines. This is reflected in the
trend of mine closings over the past three decades.
Between 1980 and 1996, the total number of coal mines
fell by more than half, with the average mine in 1996
producing more than 2.5 times the 1980 level (Table 2).
In addition, production at the largest mines is becoming
increasingly concentrated (Table 3). By 1996, mines
producing more than 1 million short tons represented
nearly three-quarters of total output, and the largest 20
mines were responsible for 30 percent of total coal

production. Mine closures also show relatively more
underground mines than surface mines being closed.
The resulting shift toward surface mines, coupled with
the shift toward predominantly large surface mines in
the West, increased the market share of surface-mined
coal (Figure 4).

Surface mines have lower production costs per ton than
underground mines, as can be seen in the lower mine-
mouth prices of coal from these mines (Figure 5). For
surface mines in the 500,000 to 1,000,000 short-ton range,
prices at the minemouth in 1996 were 18 percent lower
than those of underground mines. The difference was
even more dramatic for surface mines that produced
more than 1 million tons. Overall, the production cost
per short ton for surface mines is less than half that for
underground mines, reflecting the economies of scale of
larger mines, the highly productive thick seams, and the
low overburden ratios (cubic yards of overburden per
ton of coal in the seam) of western surface mines.

Coal Industry Investment Trends

Opening a large coal mine requires a substantial
investment. Also, planning, acquiring property rights,
developing access, purchasing capital equipment,
developing the mine and support facilities, and covering
startup costs extend over several years before the mine
is fully operational. Thus, potential investors in new
mines face the challenge of recovering and earning a
return on their invested capital.

2 |ntertec Publishing Corp., “Kerr-McGee to Exit Coal Business,” Coal Age (March 1998), p. 10.
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Table 3. Coal Production by Mine Size
(Percent of Total Production)

Mine Production

(Short Tons) 1970 1980 1990 1996
1,000,000 @nd OVEF .. ..ot ieeit e - 44.4 63.5 74.3
500,000t0999,999 . ...... ... .. 59.6 15.3 111 10.5
200,000t0499,999 .. ... ... 14.0 16.7 12.8 8.9
199,999 and below . ........... ... ... ... 26.3 23.6 12.7 6.2

-- = Not applicable.

Note: Components may not add up to 100.0 percent due to independent rounding.

Sources: U.S. Department of the Interior, Bureau of Mines, Mineral Yearbook 1970, “Coal—Bituminous and Lignite”
(Washington, DC, 1972), Table 8; Energy Information Administration, Coal Production 1980, DOE/EIA-0118(80) (Washington,
DC, May 1982), Table 5;Coal Production 1990, DOE/EIA-0118(90) (Washington, DC, September 1991), Tables 1 and 4; and
Coal Industry Annual 1996 (DOE/EIA-0584(96) (Washington, DC, November 1997), Table 6.

Figure 5. Average Minemouth Price per Ton by
Mine Type and Mine Size, 1996
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Sources: Energy Information Administration, Coal Industry
Annual 1996, DOE/EIA-0584(96) (Washington, DC, November
1997).

The traditional method of financing coal mines is
“project finance.” By this debt financing method, each
mine is treated as a separate business entity that must
stand on its own financially. Lenders have limited or no
recourse to the mining company itself. The mine entity
obtains a loan based on projections of its expected future
revenues and costs. A basic requirement for project
finance is a contract (or contracts) with customers
monetarily able to repay the debt. The financing
agreement with the mine dedicates a certain portion of
revenues from the contract(s) to repay the loan. The
assurance of the revenues from the contract gives the
mine entity its financial credibility. Project financing of
coal mines has typically been based on long-term coal
sales contracts with electric utilities.

Power generators now want contract terms that are
shorter, with frequent re-openers to adjust the price of
coal to the market, making the use of project finance
techniques much more difficult. This problem is
analogous to that of merchant power plants, which have
no guaranteed market for electricity. In this new busi-
ness environment, most financing will be done on a
corporate balance sheet basis rather than through project
finance. Investors—both equity and debt—will most
readily fund mining companies that are large, diver-
sified (even international), low cost, and financially
strong. Such companies are likely to invest only in
proposed new coal mines that offer production costs so
low that they are viable under most future market
scenarios.

Only about a dozen financial institutions specialize in
financing coal mines, and these institutions see project
finance as increasingly difficult for new mines. Investors
also face higher risks due to the increased uncertainty
facing coal producers. Those firms that are able to
obtain debt financing will generally use more balance
sheet financing, which favors the large and most
profitable companies. Smaller firms will find it difficult
to secure financing or to use balance sheet financing,
leading to a further consolidation of the coal industry,
which many analysts had considered to be nearly
complete.

Effective risk management tools may help to provide the
needed revenue stability to assist in securing financing
for new investment. The amount of equity required will
increase, and a broader set of investors, perhaps
including international investors, may enter the market.
One bond rating agency predicts that, during the next
several years, mining projects will attempt to raise rated
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debt (bonds) in the broader markets as an alternative to
specialized lending sources.”

These financing considerations are likely to provide even
more pressure to accelerate the consolidation of the coal
industry. As mines become larger and more capital
intensive, more capital will be needed for each mine.
Also, small- and medium-sized coal producers will find
it increasingly difficult to obtain financing, as their
operations are too small to cover the increased capital
investments. This, in turn, will favor the larger coal
producers that have greater resources.

Not all financial analysts agree with this perspective,
however. Some question whether the consolidation of
the coal industry can go any further, arguing that
additional gains from consolidation may not be
feasible.”? Some say that smaller operations, where the
mine management has an ownership interest, have a
stronger incentive to be profitable and may be run better
than a mine operated by a large corporation.?

Changing Coal Prices

Whatever the outcome of coal industry consolidation,
coal producers will increasingly face tough, ongoing
competition based on low but volatile prices. They must
respond to this challenge by finding ways to sell coal
profitably at lower prices and to address emerging price
and volume risks. Their efforts will focus on (1) cutting
costs, (2) managing risks, and (3) redefining customer
relationships. Some coal producers will be able to do
this better than others, and they will have a competitive
advantage.

Cutting Costs

Several methods are available for coal producers to
reduce costs. First, they may improve the management

Table 4. Average Coal Prices Delivered to Electric Utilities

(Dollars per Short Ton)

of coal mining operations to increase efficiency. Second,
mining firms may invest in more productive equipment
to lower production costs. Third, consolidation may
reduce costs through economies of scale and, at the same
time, increase the producer's negotiating power to deal
with large power generation and transportation counter-
parts. Another strategy to cut costs is to close down
high-cost mines and/or to restructure some of them to
be more economical. Efficient companies may be
presented with opportunities to buy inefficient mines for
a low price, make the necessary restructuring invest-
ments, and turn them into financially viable operations.

Such cost-cutting measures are not new. The coal
industry has resorted to these measures to remain
competitive and viable over the past decade to survive
previous shakeouts. The coal industry’s ability to
change the way it structures its operations, utilizes labor,
and adopts new technologies has resulted in sub-
stantially lower mine costs, which, when coupled with
lower coal transportation costs, explains why coal prices
to power generators have declined steadily in both
nominal and real dollar terms over the past decade
(Table 4). The emerging electric power industry dereg-
ulation and restructuring add to the ongoing pressure
for coal producers and carriers to reduce costs. The coal
industry is certain to continue to use those cost-cutting
measures that have worked in the past as well as other
new measures (such as forging new business
relationships with power generators and coal carriers).

Mine Productivity and Labor Issues. Mine produc-
tivity, measured in tons per miner hour, has increased
significantly over the past decade and a half, by 6.9
percent per year from 1980 to 1996, with gains for
surface mines being slightly higher than for under-
ground mines (Table 5). The gains are attributable
primarily to capital investment in more efficient
technology, the closing of less efficient mines and the

Price 1970 1975 1980 1985 1990 1996
Nominal ....................... 7.13 17.63 28.76 34.53 30.45 26.45
Real (1996 dollars) .............. 25.78 46.16 52.54 48.46 35.85 26.45

Sources: 1970-1975: Bureau of Mines, Minerals Yearbook, “Coal—Bituminous and Lignite” and “Coal—Pennsylvania
Anthracite” chapters; 1980-1996: Federal Energy Regulatory Commission, Form 423, “Monthly Report of Cost and Quality of

Fuels for Electric Plants.”

2L A Simonson and D. Nayduch, “Project Finance Criteria: Mining Projects,” Standard & Poor's Global Project Finance (March 1997), pp.

18-21.

22 personal communication, Steve Fiscor, Executive Editor, Coal Age (July 3, 1997).
2 personal communication, Al Bertoni, National City Bank, Kentucky (July 28, 1997).
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Table 5. Coal Mine Productivity by Mine Type
(Short Tons of Coal Produced
per Miner Hour)

Under-

Year Overall ground Surface
1970 .......... 2.36 1.72 4.53
1975 ..., 1.83 1.19 3.26
1980 .......... 1.93 1.20 3.21
1985 .......... 2.74 1.78 4.24
1990 .......... 3.83 2.54 5.94
1996 .......... 5.69 3.57 9.05

Sources: 1970-1975: Bureau of Mines, Minerals
Yearbook, “Coal-Bituminous and Lignite” and “Coal-
Pennsylvania Anthracite” chapters; 1980-1990: Energy
Information Administration, Coal Production Report,
DOE/EIA-0118, various annual issues; and Coal industry
Annual 1996, DOE/EIA-0584(96) (Washington, DC,
November 1997), Table 48.

opening of more productive mines, and the regional
shift of production toward western coal. A more
experienced work force and more flexible working
conditions have also contributed to productivity gains.

Coal prices and mine productivity are closely related.
As prices fall, coal producers must make more efficient
use of all assets—including labor—for improved pro-
ductivity, or they will lose profits. Inefficient mines
eventually close, improving the average productivity for
the industry. Conversely, during periods of high prices,
high-cost mines can be opened profitably, thus lowering
average productivity. The relationship between coal
prices and productivity gains is circular: productivity
gains allow coal prices to be lowered and price declines
induce actions by coal producers that raise productivity
and cut costs.?* This has been the case in recent years,
and electric power deregulation is expected to reinforce
this trend through price pressure on coal producers.

Labor composes roughly half of total mining costs,
making it a major cost component for coal producers.®®
As a result, there has been substantial substitution of
capital for labor in the coal industry over the years,
yielding significant productivity gains and mine cost

reductions. With increasingly efficient equipment and
technologies applied to coal mining, the number of coal
miners has declined over the years—by 5.8 percent per
year, from 154,645 in 1986 to 83,462 in 1996.% During the
same period, total coal output has increased on average
by 1.7 percent per year.

The United Mine Workers of America (UMWA), the
largest union of coal miners with nearly 33,000 members,
is opposed to electric industry deregulation. The union
is concerned that efforts by coal producers to cut costs in
a deregulated electricity market will eventually lead to
wage cuts and layoffs for miners (as power generators
look to reduce coal prices).”” Recently, the UMWA
began a major lobbying effort to build grass roots
opposition to any legislation in Congress to deregulate
the electric utility industry by 2000.%

In the past decade, coal producers so far have moved to
make capital investments that increase mine produc-
tivity and cut labor costs. Is there room for further
reduction in labor costs? One possibility is that the
similarity of operations between surface mines and the
construction industry may create downward pressure
on wages in some surface mines. An influx of workers
from the construction industry moving into surface
mining operations may create a wage structure that
resembles the construction industry, with resulting
lower average wages.?

Innovation in Mining Technology. Coal producers
have been able to raise productivity and lower costs, in
part, by adopting new, more efficient production
technologies. Underground coal mining has advanced
from the conventional “room and pillar” method to the
more efficient continuous mining method. Since about
1980, highly productive longwall mining has greatly
expanded in the United States, contributing significantly
to productivity gains in underground mining (Table 6).%°
In surface mining, productivity gains have come from
the use of progressively larger draglines to excavate
coal, as well as larger trucks to haul it. The industry has
a history of innovation and of moving quickly to adopt
new, more efficient mining methods and technologies.
Such innovation can be expected to continue in the
future.

2* Electric Power Research Institute, Central Appalachia: Coal Mine Productivity and Expansion, IE-7117 (September 1991).

% bid.

% Energy Information Administration, Coal Industry Annual 1996, DOE/EIA-0584(96) (Washington, DC, November 1997), Table 40.
27 personal communication, Doug Gibson, Director of Communications, United Mine Workers of America (June 24, 1997).

% N. Knox, “U.S. Electric Deregulation Loses Steam,” The Detroit News (June 19, 1997).

% personal communication, Leslie Coleman, National Mining Association (June 1997).

% Energy Information Administration, Longwall Mining, DOE/EIA-TR-0588 (Washington, DC, March 1995), Chapter 4.
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Table 6. Coal Production by Mine Type
(Million Short Tons per Year)

Mine Type 1970 1975 1980 1985 1990 1996
Surface Mining . . . ............ 272 361 492 533 605 654
Underground Mining . ......... 341 294 338 351 425 410
Longwall Mining ........... 7 9 26 61 115 194
Total ........ ... . ... . ... 613 655 830 884 1,029 1,064

Sources: 1970-1975: Bureau of Mines, Minerals Yearbook, *“Coal—Bituminous and Lignite” and “Coal—Pennsylvania Anthracite”
chapters; 1980-1990: Energy Information Administration, Coal Production Report, (DOE/EIA-0118), various annual issues; and
Coal industry Annual 1996, DOE/EIA-0584(96) (Washington, DC, November 1997).

Competitive pressures for lower coal prices will
continue to encourage coal producers to take advantage
of new technologies that increase productivity. The
most promising new technologies currently on the
horizon include further improvements in underground
mining methods, the use of larger equipment in surface
mining operations, and computerization applied to a
wide range of administrative and mine maintenance
activities.

Technological improvements in underground mining
methods have been a major driving force for the sub-
stantial gains in productivity over the past decade,
particularly the spread of longwall mining. Further
gains may be obtained from more automated longwall
operations (reducing labor requirements), faster
advancing longwalls with deeper cutting shearers (to
increase extraction rates), and more rapid and reliable
conveyors (to speed coal haulage).®* Increased use of
computer controls with “expert systems” that draw
upon human experience are also expected to improve
longwall productivity. Real-time monitoring of the
cutting blades can increase or reduce pressure to take
full advantage of the equipment while reducing wear
and increasing reliability.

Faster continuous miners also offer potential improve-
ments in productivity. A mid-1970s continuous miner
would produce at 5 tons per minute or less. Today's
continuous miners can cut 10 tons per minute and load
at 15 to 20 tons per minute.** Increased output and
reliability can be achieved through improved drill bits
and roof bolting technology. Increased reliability and
more repairable equipment offer further gains in
productivity. The use of self-diagnostic equipment that

*! Ibid., Chapter 5.

can direct repair personnel to the source of the problem
will cut repair time.

In surface mining, increasing productivity is also closely
tied to improvements in technology. Gains have come
from the use of larger, more powerful draglines and
dozers for strip mining and larger coal loaders and
haulers to carry the coal. Manufacturers have noted that
sales of trucks below 200 tons capacity have recently
dropped, while sales of trucks above 200 tons have
increased. Recently, the first 300-ton trucks have been
introduced in the Powder River Basin.** New designs in
buckets also offer improved performance for large
draglines.

Technological innovation can also improve adminis-
trative and auxiliary work outside the mine. Using
electronic data interchange (EDI), coal producers can
speed the processing of purchase orders and billing.
EDI can also interconnect the computer systems of coal
producers, transporters, and power generators. The Rail-
Utilities-Mining Group, formed in October 1996, is
developing shipment, scheduling, routing, and payment
standards for coal and coal transportation services.*
Industry standards for coal quality analysis results and
invoices are also under development.

Improvements in the technology for handling coal are
also possible. One example is the on-line coal quality
analyzer, which provides real-time sampling of coal
quality. This ensures consistent coal quality and the
ability to meet varying specifications for different
customers—capabilities that will be valuable in a
competitive short-term market. Real-time analysis of
coal may also facilitate the creation of coal hubs, where

% Electric Power Research Institute, Central Appalachia: Coal Mine Productivity and Expansion, IE-7117 (September 1991), pp. 2-11.
® R.A. Carter, “Battle of the Behemoths,” Coal Age (January 1997), pp. 24-25.
® J.P. Bradshaw, “Doing Business in Cyberspace,” Mining Voice (March/April 1997), pp. 20-25.
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coals are blended to meet a wide variety of specifi-
cations. By interfacing with the accounting systems of
the coal producer and power generator, on-line
analyzers can also be used for payment purposes.®
Their use will reduce laboratory and labor costs and
ensure timely coal quality adjustments to the price of
coal on the basis of coal quality.

Managing Risks

Coal producers will need to manage new risks arising
from uncertainties in the deregulated electricity market.
Power generators, facing increasingly uncertain elec-
tricity prices and sales volumes, will focus on managing
the “spark spread”—the price differential between
electricity and fuel—both to cover costs and to earn a
return. They can manage the spread, to some extent,
with risk management instruments, such as futures or
options contracts. They will also try to manage their
risks by sharing them with fuel suppliers, for example,
by linking fuel purchase arrangements to electricity
market conditions.

In addition to uncertainties arising from risk manage-
ment efforts by power generators, coal producers must
also deal with new uncertainties of their own. Coal con-
tracts are growing shorter, more coal is sold on the spot
market, and sales to power generators are becoming
more uncertain. This uncertainty creates larger price
volatility, and the resulting risks can have a significant
impact on profitability unless steps are taken to manage
them. A variety of methods or tools—financial, physical,
and organizational—are available for coal producers to
manage these new risks.

Coal producers may mitigate price risks by using
financial risk management tools, such as forward or
futures and options contracts. Although futures con-
tracts for coal are not yet offered by any institutionalized
exchange market, when offered, they will allow coal
producers and power generators to lock in a coal price
in the short to intermediate term. If the market coal
price declines, the producer has the option either to sell
the coal at the contract price or to sell the futures
contract.

Because they are standardized in terms of quantity,
quality, and delivery requirements, futures contracts are

traded on commodity exchanges, allowing firms to use
futures contracts markets as a means of price discovery
as well as for hedging risk. Futures contracts have a
small degree of flexibility in the contract specifications,
but their homogeneity is the key to their usefulness.

The development of standard futures contracts for coal
has lagged behind those for natural gas and electricity
because coal prices are less volatile than those of other
energy commodities and coal is more variable in quality.
The New York Mercantile Exchange (NYMEX), a major
futures exchange for oil, natural gas, and electricity,
received approval from the Commodity Futures Trading
Commission on May 11, 1998, for a Central Appalachia
coal futures contract, which it hopes to offer in late 1998
or early 1999.% This contract will cover clean-burning
coal with delivery to ports along the Big Sandy River
and the Ohio River from Big Sandy, Kentucky, to
Huntington, West Virginia. NYMEX is considering a
Powder River Basin coal futures contract as well.

Until coal futures contracts are established, coal pro-
ducers can use (non-standard) forward or options
contracts to reduce price risk. Arco Coal Sales has
offered call options on its coal, with delivery dates
between 1999 and 2004.%” Kennecott Energy is reported
to have sold options to power marketers for delivery of
PRB coal in 1999.% Zeigler Coal Holding is also rumored
to be selling coal options, but Zeigler officials will say
only that they are interested in the idea.

A coal producer can also purchase or sell an electricity
or natural gas futures or options contract, a practice
called “cross-commodity hedging.” For example, a coal
producer may purchase an option to buy electricity at a
“strike” price of $25.00/MWh. The coal delivery contract
may specify a price of coal that translates into
$25.00/MWh. If the price of coal increases to a level that
translates to $28.00/MWh, the producer can sell the coal
on the spot market, realizing a profit of $3.00, and
instead provide electricity to its customer through the
futures contract.

The creation of regional “coal hubs,” where coal can be
blended and delivered to the ultimate consumer by
multiple modes of transportation, has been proposed as
a physical method to manage risks.* A coal hub would
provide a common regional delivery point where coals

¥ R.C. Woodward and B. Lee, “On-line Analysis Evolves,” Coal Age (March 1997), pp. 22-25.

% pasha Publications, Inc., “Feds Approve Coal Futures Contract,” Coal Outlook (May 18, 1998).

%7 pasha Publications, Inc., “Arco Seeks Bids on Coal Option Contracts,” Coal Outlook (March 9, 1998).

® pasha Publications, Inc., “Kennecott Sells Options for Future PRB Delivery,” Coal Outlook (January 26, 1998).

% M . Hyrnick, “Management of Coal Options Through Fuel Flexibility,” 1995 EPRI Fuel Supply Seminar, New Orleans, LA.
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can be traded and blended to meet the specifications of
a wide variety of coal users, allowing coal producers
and generators greater flexibility in transactions. The
feasibility of coal futures contracts would also increase
with the creation of hubs representative of specific
markets. To date, however, no coal hubs have been
created.

Coal producers may also reduce risks through diver-
sification of their customer base, allowing them to
reduce market risk by becoming less dependent on any
one customer. For example, some producers export a
portion of their output, reducing the risks associated
with the domestic market. Exports traditionally make
up a small part of U.S. production—only about 8.5
percent in 1996“—but increased uncertainty in the
domestic U.S. market may make international markets
more attractive. Exports may be a hedge against
declining U.S. prices,*” but they may not be an option for
all producers. Indeed, export markets are highly volatile
and have their own risks.

Other potential approaches to risk management create
closer ties between companies. Kennecott Energy
recently signed an alliance agreement with Enron
Capital & Trade Resources making each the preferred
provider of the other in joint coal/energy deals.*
Traditional mergers, both with other producers
(horizontal integration) and with customers (vertical
integration), are also options. Each of these organ-
izational methods allows parties with complementary
needs and resources to share the new risks within the
deregulated electricity market.

Changing Customer Relationships

The deregulation of electricity markets is already
changing the relationship between coal producers and
their power generation customers in significant ways:
coal supply contract terms are changing in that (1)
purchase arrangements are becoming shorter in duration
and existing contracts above market price are being
renegotiated; and (2) new types of business arrange-
ments are emerging. Many of these new relationships
differ greatly from the traditional arms-length relation-
ships between electric utilities and their fuel suppliers.

Because both electricity generators and coal producers
will need to focus on meeting the demands of the

competitive electricity marketplace, both entities will
have a greater commonality of interest than they had in
a regulated marketplace. Cooperative relationships
between fuel buyers and sellers are already emerging,
with the objective of sharing opportunities and risks in
the electric power marketplace. Vertical integration may
even be an option.

Changing Contract Terms. The procurement of coal by
power generators traditionally has involved a mix of
contracts of various lengths as well as spot purchases.
Deregulation of the electric power industry will create
uncertainty about electricity and fuel prices and their
volumes due to the lack of guaranteed markets for
electricity. Electricity sales will vary over time and more
widely across customer types. The result will be a
dynamic market situation in which the parties involved
must be able to respond quickly to changing market
conditions. Faced with these uncertainties, committing
to conventional long-term coal contracts will be
increasingly difficult for power generators.

Large amounts of coal have traditionally been purchased
under long-term contracts, some of which exceeded 30
years. However, contract durations have increasingly
become shorter. In terms of tonnage share, deliveries of
coal under contracts of shorter duration (less than 10
years) more than doubled from 17 to 39 percent between
1985 and 1995, while medium-term (11 to 30 years)
deliveries shrank from 56 percent to 32 percent, and
longer term (over 30 years) deliveries remained
relatively unchanged from 27 percent to 29 percent
during the same period (Figure 6). As coal prices have
fallen over the past decade, and are expected to continue
falling for some time to come, power generators have
been shortening contract durations.

Uncertainties in deregulated markets will lead power
generators increasingly toward shorter term, more
flexible arrangements, including spot market purchases.
(Spot market coal purchases currently account for less
than 20 percent of all utility coal receipts. Their prices
are substantially lower than contract prices.)*®* New coal
contracts tend to have re-openers and other clauses that
increase flexibility or pass on some of the electricity
market risks to coal producers.

One new type of contract that has emerged over the past
several years ties the price of coal to the price of

0 Energy Information Administration, Coal Industry Annual 1996, DOE/EIA-0584(96) (Washington, DC, November 1997), Table 76.
41 A. Blumenfeld, “Exports to ‘Swing’ into Favor in the United States,” Coal Age (July 1997), pp. 35-36.

“2 pasha Publications, Inc., “Enron, Kennecott Form Alliance,” Coal Outlook (March 9, 1998).

3 Energy Information Administration, Electric Power Monthly, September 1997, DOE/EIA-0226(97-09) (Washington, DC, September

1997).
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Figure 6. Distribution of Contract Coal Tonnage
by Contract Duration
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Source: Energy Information Administration, Energy Policy
Act Transportation Rate Study: Interim Report on Coal
Transportation, DOE/EIA-0597 (Washington, DC, October,
1995), Table 32, and the Coal Transportation Rate Data
Base.

wholesale electricity. This is a way for power generators
to ensure that their fuel costs will remain competitive.
In some cases, the coal price is linked to specific
electricity market transactions. Through this type of coal
supply contract, the coal producer and the power
generator share both the opportunities and the risks.

While new coal supply contracts are becoming
increasingly short term, existing long-term contracts are
also being renegotiated for lower prices. Many of the
long-term coal contracts currently in force were signed
when the electric power industry was regulated. The
expectation at that time was that fuel costs under these
contracts could be recovered from ratepayers through
the normal ratemaking process. For many utilities, this
included a “Fuel Adjustment Clause,” which, subject to
prudence review, automatically passed on all changes in
fuel costs to customers. Since these contracts were
entered, however, coal prices have declined sub-
stantially, making the price of coal under many
remaining contracts higher than the current market
price. Itis no longer clear whether the cost of coal under
these above-market priced contracts can be recovered
from electricity customers once the industry is fully
deregulated. Above-market contracts are making many

generators uncompetitive in the current wholesale
market. As a result, above-market contracts are con-
sidered to be potential “stranded liabilities” that may not
be recovered.

What happens to above-market contracts will have an
impact on power generators, their coal suppliers, and
the overall coal market. Many will be renegotiated,
bought out (as was done in the past), or will expire over
the next several years. In order to avoid financial losses,
power plant operators will need to ensure that these
contracts are renegotiated or terminated before their
plants are exposed to the full effects of open
competition. Thus, timing is particularly important.

A recent analysis of coal supply contracts in the six
National Electric Reliability Council (NERC) regions
most dependent on coal shows that above-market con-
tracts constitute a large portion of the coal contracts in
force, but that over half will expire by 2005 (Figure 7).4
At the beginning of 1995, 413 million short tons out of
492 million short tons under long-term contract in those
regions were above market prices. This tonnage was
estimated to decline to 342 million short tons by the end
of 1997, but 144 million short tons will still remain in
effect at the end of 2005. Of this, about 27 million short
tons will be for coal from “captive” mining operations,
mostly in the Western Systems Coordinating Council
(WSCC), where the plant operators also own the mines.

Figure 7. Above-Market Contract Coal Returning
to
Market, 1995-2015

‘-MAIN BEMAAC EIMAPP COJSERC OOWSCCLJECAR

Million Tons per Year

1995 2000 2005 2010 2015

Source: Hill & Associates, Inc., Generating Cost Study, 1996
(Annapolis, MD, 1996).

“ Hill and Associates, Inc., Generating Cost Study, 1996 (Annapolis, Maryland). The six regions are the East Central Area Reliability
Coordination Agreement (ECAR), the Mid-Continent Area Power Pool (MAPP), the Mid-Atlantic Area Council (MAAC), Mid-American
Interconnected Network (MAIN), Southeastern Electric Reliability Council (SERC), and Western Systems Coordinating Council (WSCC).
“Above market” in this study is defined as above the price that would be obtained for a new coal contract—typically about 5 percent above
the spot price. This premium reflects the added benefit in terms of reliability, security of supply, and coal quality assured by contract

purchase.
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Coal tonnage under above-market contracts and their
expiration dates vary among the NERC regions. The
East Central Area Reliability Coordination Agreement
(ECAR) region originally had the most above-market
contracts (128 million tons in 1995); however, all but 30
million tons will expire by 2005. Declines in all the other
regions except WSCC are similarly precipitous. In
WSCC, 85 million of the 101 million tons of above-
market contract coal outstanding in 1995 will still not
have expired by the end of 2005. This largely reflects the
fact that many of the power plants in this region are
located at the minemouth, and some are captive
operations.

Pressures on both electricity generators and coal pro-
ducers to renegotiate terms of above-market contracts
(or to restructure captive mining operations) will be
intense, as coal sales to power generators ultimately
depend on the amount of electricity the generators can
sell.®® Coal producers may be more willing to renegotiate
above-market contracts than before to avoid seeing their
customers become uncompetitive and nonviable.

Coal contracts can be above market price due to high
transportation rates. Thus, coal carriers may also feel
pressure to renegotiate their transportation rates. If the
carrier has a degree of market power (as discussed
below), however, the generator’s negotiating leverage
may be more limited.

While above-market coal contracts will eventually cease
to be a problem for most electric utilities, such contracts
have been an important source of revenue for many coal
producers. Expiration and renegotiation of these con-
tracts, which have ensured profitability and stability for
coal producers, may create financial difficulties for many
coal producers. The renegotiation and expiration of
above-market contracts in the past have already reduced
the contract premiums substantially. For example, in
the Southeastern Electric Reliability Council (SERC)
region, contract premiums dropped from 23 percent in
1990 to 10 percent in 1996.¢ With fewer long-term
contracts, coal producers will sell more coal on spot
markets, which are more competitive than contract
markets and bring lower prices (and profits) to the coal
producers.

New Business Arrangements. Increasing competition
is forcing many electricity generators to rethink how
they deal with fuel suppliers. New cooperative

relationships are, in some cases, replacing the traditional
arms-length, adversarial purchasing practices. Oppor-
tunities are now emerging for coal producers, railroads,
and electricity generators to develop new strategic
relationships, causing new arrangements, such as
strategic alliances, “coal-by-wire,” “tolling,” and “energy
swaps” to emerge.

By working together, coal producers, carriers, and
generators can coordinate their operations both to take
advantage of opportunities and to create economies. For
example, they can share market information and
structure deals to realize specific opportunities. Coal
producers and railroads can jointly schedule trans-
portation to reduce downtime, and closer coordination
can reduce the size of inventories and move the parties
closer to “just-in-time” deliveries. Taken a step further,
coal producers may be able to help manage coal
inventories at some power plants. In addition, central-
ized rail fleet operations may allow carriers to reduce
the number of cars they need, reducing capital costs, and
master contracts that consolidate volumes over multiple
plants may reduce rates and allow power generators to
optimize shipments of coal among power plants.

Strategic alliances offer one avenue for cooperating to
share opportunities and risks. A number of major coal
companies and electricity generators are currently
seeking such relationships. For example, Cyprus Amax
Minerals Company has announced that it has formed
strategic alliances with 12 of what it calls “leadership
utilities,” including coal tolling arrangements.*’

In tolling, a power marketer (or fuel supplier) contracts
with the operator of a generating plant to convert the
power marketer’s fuel into electricity, which is delivered
over a transmission line to an agreed-upon location. The
generator does not take title to either the fuel or the
electricity, but is paid a tolling fee for its services. The
power marketer owns the electricity output and is
responsible for selling it. Several coal tolling arrange-
ments have recently been announced (Table 7). A power
plant with underutilized generation capacity may
generate greater revenues by tolling the available plant
capacity, and the power marketer may have access to
low-cost fuel and have power marketing opportunities.

Tolling as currently practiced is a temporary oppor-
tunity when the situation is right, not a permanent
relationship. Itis typically used when a plant operator’s

% C. Seiple, “At-Risk Generation: Implications for the Coal Industry,” Coal Age (March 1997), p. 28.
6T, A. Myers and B. O'Neill, “Converging Coal Prices in Retail Power Markets,” Coal Age (June 1997), p. 42.
" R.D. Rosenberg, “Who Wins in a Competitive Power Market: Gas? Coal? Or Rail & Mining Interests?” Public Utilities Fortnightly (April

1, 1997), pp. 41-45.
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Table 7. Announced Coal Tolling and Energy Swap Transactions

Toller Utility Size of Deal Plant Type of Deal
Vitol Gas & Electric (VGE) ....... Public Service Electric & Gas 750,000 tons Hudson Coal Tolling
VGE ...... ... .. . Midwest utility 700,000 tons NA Energy Swap
VGE ..... ... ... . . Western utility 400,000 tons NA Energy Swap
VGE ..... ... ... Lower Colorado River Authority 200,000 tons NA Energy Swap
VGE ...... ... ... . . LCRA 500,000 tons Fayette Energy Swap
VGE ...... ... ... . .. Commonwealth Edison NA NA Energy Swap
Louisville Gas & Electric (LGE) PSEG 750,000 tons Hudson Coal Tolling
LGE . ... ... Ohio Edison 945,000 tons Burger Coal Tolling
Entergy Services . ............. Southern Co. 60,800 MWh Crist Coal Tolling
Carolina Power & Light ......... Appalachian Power NA Amos Coal Tolling
Detroit Edison ................ Wisconsin utility NA NA Coal-by-Wire
Cyprus AmaxCoal ............. Ohio Edison 800,000 tons Burger Energy Swap
ZeiglerCoal .................. NorAm Energy Services 100,000 tons Springfield, IL Coal Tolling
CINergy ..................... East Coast utility (VA/MD) 800,000 tons NA Coal Tolling
Lakeland Electric & Water . ...... NP Energy 9,000 tons NA Coal Tolling

NA = Not available.

Sources: VGE: Coal Outlook, 20:7; Coal Outlook Supplement (February 3, 1997);Coal Outlook, 20:47; Coal Week, 23:3; Coal
Outlook, 21:20; Coal Outlook, 21:17; LGE: The Energy Daily (February 18, 1997); LGE: Power Markets Week (June 24, 1996);
Entergy : Power Markets Week (February 12, 1997); Carolina P&L: Coal Outlook Supplement (August 5, 1996); Coal Outlook,

20:9; Detroit Edison:

access to power market information and/or low-cost
fuel supplies is restricted in some way, or when the
plant operator has a different tolerance for risk. A
customer may also initiate the process, acquiring fuel
and having it converted into electricity by a generator,
buying the electricity at a lower price than the same
generator could offer. “Reverse tolling” occurs when the
value of the coal is greater in the spot market than in the
electricity market. An electricity generator may have a
stockpile of coal that, if burned, would receive a price in
the electricity market that is less than needed to cover its
generation cost. Through reverse tolling, the coal is sold
on the spot market, and the generator can earn a profit
without burning the fuel itself.

Energy swaps are a more flexible arrangement than
tolling, in which the parties involved agree to exchange
coal, electricity, gas, or cash. For example, a power
marketer may arrange to supply a power generator with
coal in exchange for electricity. Unlike a tolling deal, the
power generator is not obligated to burn the coal, but is
free to sell the coal to another party. Moreover, the
timing and location of each part of the transaction may
vary, provided that a method is agreed upon to assign
value to each part.

Coal Outlook, 20:21; Cyprus Amax: Coal Outlook, 23:2; Zeigler Coal: Coal Outlook, 21:10; CINergy:
Coal Outlook, 20:27; Lakeland: Coal Transportation Report, 17:6.

Tolling, reverse tolling, and energy swap transactions
are manifestations of the “convergence” of energy
markets, which has emerged from a dynamic power
marketplace just since 1995. These methods of doing
business reflect the new fluidity in the market as well as
the new characters of the players, all of whom are
competing for market share and profit. These trans-
actions also show how the inputs and outputs of
electricity generation are becoming virtually inter-
changeable, providing mechanisms for fuel suppliers,
electricity generators, and power marketers to operate in
each other’s markets.

The Role of the Railroads in
Competitive Electricity
and Coal Markets

The coal industry is facing a double challenge. Just
when the major customers of the coal industry are being
restructured, the railroads—the dominant transportation
mode for coal—have been undergoing a significant
consolidation. The role of the railroads in bringing coal
to market is vital, and rail industry consolidation is
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controversial. Any changes in the structure of the
railroad industry may affect the economics of both the
coal and electric power industries.

Major railroads are merging to create larger companies,
and concerns are being raised about their market power.
Coal shippers—i.e., coal suppliers and power gener-
ators—are concerned that the railroads may seek to
capture larger economic rents from them and, as a
result, adversely affect their competitiveness. Some fear
that by favoring the shippers that provide them with the
most profitable traffic, railroads will charge discrim-
inatory rates to others. The railroads contend that
competition will be adequate, and they argue that larger
operations will reduce costs and improve service and
efficiency through economies of scale.

Importance of the Rail Industry to Coal

Although transportation modes differ among the
regions, railroads are the most widely used mode of
transportation for coal. Nearly 58 percent of all coal
delivered to consumers in 1996 involved rail as the
primary transport mode (Table 8). Further, average coal
hauls are getting longer, reflecting the increased penetra-
tion of western coal carried by rail into southern and
eastern utility coal markets. According to one study, the
average haul of contract utility coal by rail lengthened
by 33 percent, from 485 to 643 miles, between 1979 and
1995.”% Coal is an important cargo for the railroads as
well. In 1996, Class | railroads, defined as systems with
operating revenues of more than $250 million, received
22.5 percent of their gross revenues from transporting
coal, and coal composed 43.8 percent of the total tons of
freight hauled by rail.*

Table 8. Coal Transportation by Mode, 1996

While the distance coal travels has lengthened, average
coal transportation costs have been declining for every
mode over the past decade. Although rail rates for coal
per ton mile increased slightly in nominal dollar terms,
they declined by 51.0 percent in real dollar terms from
1985 t0 1995.% Such declines (in rates per ton mile) have
contributed to the increased competitiveness of more
distant western coal sources in eastern markets. The
competitiveness of different coal-producing regions is,
therefore, sensitive to rail rates, and even small differ-
ences in rates can tip the balance in regional competition.

Because of differences in shipping distance and trans-
portation mode, transportation costs vary greatly among
different sources of coal. Eastern coal is costlier at the
minemouth, but its transportation costs are lower,
involving relatively shorter hauls to consumers not just
by rail but also by low-cost barge. Low-cost western
coal is shipped primarily by rail over great distances,
thus involving a larger transportation cost. In 1995, coal
transportation costs on average represented 11.8 percent
of the delivered price for Interior region coal, 19.9
percent for Appalachian coal, and 51.4 percent for
western coal.5* For some western coal hauls, transpor-
tation costs account for up to 75 percent of delivered fuel
costs.*

Increasing Rail Concentration and
Concern s

The first single-company transcontinental railroad, the
Canadian Pacific Railway, was completed more than 100
years ago, in 1887. All other North American railroads
both before and since have provided only regional
service. However, the present trend in the rail industry

Mode Ralil Water Truck Conveyor Total @
Thousand Short Tons 611,674 247,935 99,941 98,934 1,059,892
Share of Total (Percent) . . . 57.7 23.4 9.4 9.5 100.0

®Total includes 1,408,000 short tons for which the transportation mode is not known.
Source: Energy Information Administration, Form EIA-6, “Coal Distribution Report.” See Coal Industry Annual 1996, DOE/EIA-

0584(96) (Washington, DC, November 1997), Table 65.

“8 Energy Information Administration, Energy Policy Act Transportation Rate Study: Interim Report on Coal Transportation, DOE/EIA-0597
(Washington, DC, October 1995), Table 34; and the Coal Transportation Rate Data Base.

49 Association of American Railroads, Commodity Freight Statistics (1997).

% Energy Information Administration, Energy Policy Act Transportation Rate Study: Interim Report on Coal Transportation, DOE/EIA-0597
(Washington, DC, October 1995), Table 37; and the Coal Transportation Rate Data Base.

%! Energy Information Administration, Energy Policy Act Transportation Rate Study: Interim Report on Coal Transportation, DOE/EIA-0597
(Washington, DC, October 1995), Table 50; and the Coal Transportation Rate Data Base.

%2 G. E. Vaninetti and J. J. Valentine, “Outlining the Impacts of Utility Deregulation on Railroads,” Coal Age (December 1996), p. 51.
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is toward increasing concentration, and the possibility
that the U.S. rail market may be dominated by two
major transcontinental railroads is even being dis-
cussed.

In 1970, there were 71 Class | railroad companies. By late
1996, they had been combined into only nine.** Among
western railroads, mergers over the past 16 years have
resulted in only 2 major railroads, Burlington Northern-
Santa Fe and Union Pacific-Southern Pacific. The most
recent proposed development—the division of Conrail
between CSX and Norfolk Southern—will leave only two
major lines to serve the eastern part of the country.
Currently, 5 companies—Burlington Northern-Santa Fe,
Union Pacific-Southern Pacific, Conrail, CSX, and
Norfolk Southern—combine to account for 90 percent of
total railroad revenue from coal transportation.®®

Perhaps an exception to the trend toward fewer,
increasingly large railroads is a proposed plan by the
Dakota Minnesota & Eastern (DM&E) Railroad to add a
third railroad option to the PRB coal-producing region.
This plan proposes to create a new railroad both by
purchasing and upgrading existing track and by
investing in new track. If it becomes a reality, the plan
will create more railroad competition in the increasingly
important PRB coal supply region. With this new rail-
road, DM&E Railroad hopes to capitalize on new
business from utilities not yet using PRB coal in the
Midwest and East.*®

With the railroads carrying the largest share of coal
shipments, coal shippers are concerned that the
increasing rail concentration may weaken competitive
pricing and affect them adversely through higher rail
rates. Many coal shippers believe that the rail rates they
receive depend on the intensity of competition among
the carriers serving them. They argue that increasing
concentration among railroads creates fewer choices for
coal deliveries. Particularly concerned are “captive

shippers,” who have only one transportation option.
Coal shippers also perceive that railroads can attempt to
maximize their profits by favoring coal producers and
power generators they think will give them the most
profitable traffic.” They also claim that duopoly pricing
could develop, with railroads implicitly colluding with
each other to set prices at higher than competitive
rates.®

The railroads, on the other hand, contend that compe-
tition will be adequate and that, to compete and survive,
they need to take advantage of economies of scale
through mergers and acquisitions. Reducing costs and
improving performance, they argue, will ultimately
benefit rail customers through lower transportation
costs.® They also suggest that a larger geographic scope
of company operations may broaden markets for coal
producers and offer more coal supply choices for
electricity generators.

New Rail Technologies for Moving Coal

The railroads have adopted many cost-cutting measures
in the past. They have already reduced train crews
where possible (for example, phasing out the brakeman
position and leaving only the engineer and conductor to
run a train®). Further cost savings from reductions in
train personnel are unlikely. Future productivity gains
are more likely to come from improvements in the
capital stock. The old carbon steel cars are being
replaced by ones made of lighter materials—stainless
steel in the East, aluminum in the West.®* Ultra-light,
high-strength composites are being considered for use in
the next generation of cars.®” Increased use of alternating
current locomotives will also improve productivity.®

Railroads are continuing to adopt technological
innovations that offer more options to their customers
and greater flexibility in operations. One such example
isthe “coaltainer,” a specially designed container for

%3 C. Jones, “Whose Pound of Flesh is Extracted by Deregulated Markets?” Power (April 1997), p. 19.
% Electric Power Research Institute, Railroad Consolidation and Market Power: Challenges to a Deregulating Electric Utility Industry, TR-

1107301 (December 1996), p. 3-1.
% lbid., p.3-12.

% “Industry Reacts Cautiously to DM&E Project,” Coal Transportation (June 16, 1997).
% Electric Power Research Institute, Railroad Consolidation and Market Power: Challenges to a Deregulating Electric Utility Industry, TR-

107301 (December 1996), p. 2-2.

%8 R. D. Rosenberg, “Who Wins in a Competitive Power Market: Gas? Coal? Or Rail & Mining Interests?” Public Utilities Fortnightly

(April 1, 1997), pp.41-45.

% Electric Power Research Institute, Railroad Consolidation and Market Power: Challenges to a Deregulating Electric Utility Industry, TR-

107301 (December 1996), p. 3-2.

8 D, M. Sawinski, ed., U.S. Industry Profiles, The Leading 100 (first edition, 1995), p. 506.

81 Chilton Publications, “Conrail Builds 600 Stainless-steel Rail Cars,” Iron Age New Steel (September 1997).
82 G. Welty, “Will Composition Enter the Mainstream?” Railway Age (August 1997).

83 C. Deutsch, “Riding the Rails of Technology,” New York Times (August 1, 1997).
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intermodal transportation of coal. The containers can be
transported both by rail and by truck, creating the
equivalent of a rail spur without having to build one.®*
This and other new technologies may provide a
competitive alternative for power generators who are
captive to a single carrier.

Another innovation is the use of real-time satellite
monitoring to improve the scheduling and routing of
trains through computerized traffic management
systems. Electronic data interchange (EDI), already
extensively used by most railroads, can be expanded to
offer potential improvements in many areas, such as
better coordination among coal mines, railroads, and
power generators for reduced cycle times and inventory
levels. EDI will become increasingly important as more
electricity generators move toward “just-in-time” inven-
tory management. Norfolk Southern has already begun
marketing this type of service.®

Options for Coal Shippers To Increase Rail
Competition

Most rail rates are generally negotiated between the
shipper and the railroad. As competitive pressures rise,
coal shippers will seek to have as many options as
possible for their shipments to give them greater
leverage in rate negotiations. Such options for shippers
include increasing access to alternative modes of
transportation, forming new relationships, and using
transactions that reduce transportation costs.

Table 9. Recent Railroad Spur Development Activity

Consolidation of the electric utility industry may, in
itself, create more choices for power generators. Larger
companies, for example, may have more options in plant
dispatch, which will enable them to dispatch those
power plants getting the best rail rates. In addition, the
larger size of the merged power companies may give
them leverage to negotiate lower rail rates through
volume discounts.®® Many of the utility mergers that
have taken place so far have been between utilities that
predominantly use coal.

The most direct approach to fostering competition,
where feasible, is to create new or extended tracks,
called “spurs,” from a power plant to a second railroad
line, giving the power company access to a competitive
delivery option. Several electric utilities have recently
built or are building new spurs (Table 9). Sometimes,
the mere threat of building a spur can force railroads to
renegotiate prices.

Rates may also be reduced by cooperation among
railroads, coal producers, and power generators to
increase the efficiency of rail operations. Strategic
alliances among coal producers, power generators, and
railroads have the potential to control costs and risks in
a deregulated market. Shippers and carriers can also
work together to create economies of scale. For example,
by creating a centralized operation for a group of plants,
the railroad can reduce the number of cars in its rolling
stock, resulting in lower capital costs.

Utility Plant Original Carrier Status Connection
Grand Island Electric Dept., Nebraska ....... Platte UP Considering Burlington Northern Santa Fe
Nebraska Public Power District . ........... Gentleman BN Completed Union Pacific-Southern Pacific
Omaha Public Power District. .............. Nebraska City BN Planned Union Pacific-Southern Pacific
Houston Power & Light ................... Parish ATSF Completed Union Pacific-Southern Pacific
Alabama Power Company. ................ Miller CsX Approved Norfolk Southern
Savannah Electric & Power ................ Mclintosh CsX Completed Norfolk Southern
Western Farmers Electric Cooperative . ...... Hugo Kiamichi Underway Texas, Oklahoma & Eastern
Tennessee Valley Authority . ............... Kingston NS Planned CSX
Gulf States Utility .. ...................... Nelson Kansas City Southern Completed Union Pacific-Southern Pacific
Mid American . .............. .. ... ..., Council Bluffs BN Completed Union Pacific-Southern Pacific
Wisconsin Electric .............. ... ... ... Pleasant Prairie UpP Underway Canadian Pacific Rail

Sources: Coal Outlook, 21:17, 21:19, 21:25, 21:29, 21:44, 21:46, and 22:33; Coal Transportation Report, 16:16; Coal Week, 23:19; Journal of

Commerce, February 19, 1997.

8« A Whole New Way of Moving Coal,” Mining Voice (March/April 1997), p. 9.
% H. J. Holcomb, “How to Break up Conrail in 14,810 Pages,” The Philadelphia Inquirer (June 24, 1997).
% Electric Power Research Institute, Fuel Management for Competitive Power Generation—A Guide to Managing Change, TR-107890 (April

1997), pp. 4-8.
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“Coal-by-wire” and tolling arrangements, as discussed
above, offer new ways for coal producers, power gener-
ators, and power marketers to market their products in
a competitive electricity market. If a reasonable rail rate
is not available for its own plant, for example, a power
generator may be able to send the coal to another plant
and have the coal-generated electricity delivered
through the transmission grid, reducing or saving coal
transportation costs. It should be noted, however, that
coal-by-wire is, to a great extent, limited by the
availability of the transmission grid.

Summary

Electric power industry deregulation will open whole-
sale and, eventually, retail power sales to competition.
Because coal is the major fuel used in electricity genera-
tion and electricity generators are the major consumers
of coal, the coming changes will present a variety of
challenges and opportunities to the coal industry.

Power generators will eventually be unbundled from the
integrated electric utility structure and function as
merchant plants, with no fixed customer base of present-
day ratepayers. Competition among power generators
will focus on price cutting and risk management.
Attempts to cut prices will focus on fuel costs, the
largest component of a power plant’s production costs,
which, in turn, will put pressure on coal prices. Power
generators will not be willing to commit to new, long-
term, fixed-price coal supply contracts, and they will
seek to renegotiate existing high-price contracts to
reduce fuel costs. Fluid electricity markets and in-
creasing numbers of short-term coal transactions will
increase the volatility of coal prices and the uncertainty
of demand, requiring astute risk management by coal
suppliers.

The coal industry has been cutting costs and consoli-
dating production at both the mine and corporate levels
for over a decade now. Electric power industry dereg-
ulation will continue, if not hasten, these processes.
Productivity gains and cost reduction will result from
improvements in technology, particularly the computer-
ization of administrative tasks, as well as the use of
bigger and more efficient mining machinery. Small
firms, unable to take advantage of technological im-
provements and improve efficiency, will either go out of
business or be bought out by larger firms, and large
firms are likely to continue to increase in size through
acquisitions of small firms or mergers with other large
firms.

Coal industry financing will change dramatically under
deregulation and will be a new challenge for coal
producers, especially small producers who do not have
large financial resources. The trend toward shorter con-
tract durations and an uncertain customer base will lead
financial institutions to evaluate coal mines on a
“balance sheet” basis rather than the traditional “project
financing,” increasing the pressure on the industry to
consolidate.

As coal contracts become shorter in duration and price
volatility increases, risk management will be a crucial
tool for coal producers to learn about and use in
maintaining competitive viability. The most important
development in this regard is the coming futures market
in coal. Although coal’s extreme variability in quality is
a problem, NYMEX has one coal futures contract
planned for Central Appalachian coal and is considering
a Powder River Basin coal futures contract as well. Coal
futures markets will not only allow risk hedging but also
play the role of a coal price discovery mechanism. Other
strategies for reducing risk include merging with other
coal producers, creating alliances with customers (both
railroads and power generators), vertical integration,
and the formation of multi-fuel conglomerates.

The railroad industry, which will also figure prom-
inently in any deregulation scenario, compounds the
challenges faced by coal suppliers. Being the dominant
carrier of coal, railroads can greatly influence coal
transportation costs and, thus, the competitiveness of
both coal producers and power generators. Of particular
concern is that the increasing concentration of the
railroad industry through consolidation may create the
potential for the exercise of market power to extract
large monopoly rents from coal shippers, with the
possibility of changing the economics of coal production,
distribution, and consumption at both the national and
regional levels. On the other hand, the railroads may
continue to lower their coal transportation rates through
economies of scale and efficiency gains as they have
done over the past years.

Deregulation will change the business relationships
among coal producers, the railroads, and power gen-
erators. Coal producers may ally with railroads to
provide delivered coal on a fixed schedule, allowing
power plants to manage their inventories by less costly
“just-in-time” methods. Coal producers and electricity
generators may engage in profit- and risk-sharing
alliances, such as coal tolling, a form of short-term
alliance that allows plants to increase utilization rates
and lower inventory costs. The strong incentives for the
convergence of energy forms will expand to coal.
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2. Impacts of Electric Power Industry Restructuring
on the U.S. Nuclear Power Industry

Introduction

Nuclear power accounts for about 13 percent of the
Nation’s electricity generating capacity and about 19
percent of total electricity generation.®” As the electric
utility industry is restructured, the 105 commercial
nuclear power plants currently in operation will face
increasing competition.®® The prospect of having to
compete on the basis of market value of electricity
threatens the continued operation of a number of units.
From January 1997 through January 1998, utilities have
announced the retirement of five units at four plants
before the expiration of their operating licenses (Table
10). In each case, the utility owner calculated that
continued operation was uneconomical given the costs
of operating the plant, the market value of the electricity,
and the long-term prospects for making the plant
economical.

The continued operation of the remaining nuclear power
plants depends on the ability of each plant owner to
recover operating and capital improvement (i.e., capital
additions) costs.®® If revenues under competition exceed
operating and capital improvement costs, the plant will
probably continue to operate. Plant owners, however,
may have stranded costs because of the inability of the
plant to generate revenues that fully cover sunk capital
costs. By contrast, if revenues do not exceed operating
and capital improvement costs and the utility has no real
prospect of changing this relationship, the plant will
most likely be retired or, if possible, sold to another
company that believes it can make the long-run

operating costs economical. These decisions and
relationships take place on a unit-by-unit basis according
to the specific factors affecting the unit, State, and local
power market.

This chapter discusses the potential impacts of electric
power restructuring on the nuclear power industry. The
issues facing the industry include stranded cost
recovery, market competitiveness of plants, and the
funds needed to cover decommissioning costs. Potential
impacts on the nuclear fuel industry are also included.

Stranded Cost Recovery

Under the regulatory frameworks that have prevailed at
the State and Federal levels, utilities are permitted to
recover all their prudently incurred expenses and to
earn a rate of return that fairly compensates the
providers of capital.”® In a competitive market, utilities
will charge market rates for their electric power. The
market rates will establish the value of the utilities’
nuclear assets. If they cover operating expenses but not
all the capital charges, the assets will essentially be
devalued, but the plants may continue to operate. If the
market rates fail to cover operating expenses, however,
the plants will most likely be shut down or sold.

Over the past decade, several nuclear plants have been
offered for sale in whole or in part. Before prematurely
retiring the Rancho Seco plant in 1989, the Sacramento
Municipal Utilities District was involved in discussions

%7 Energy Information Administration, Annual Energy Outlook 1998, DOE/EIA-0383(98) (Washington, DC, December 1997), p. 113, and
Nuclear Power Generation and Fuel Cycle Report 1997, DOE/EIA-0436(97) (Washington, DC, September 1997), p. 89.

88 A plant comprises one or more units. In common usage, the units are individually and collectively termed “plants.” Thus, one speaks
of 105 operating nuclear power plants rather than the technically correct 105 operating nuclear units.

% Operating costs consist of fixed operations and maintenance costs, variable operations and maintenance costs, and fuel costs. Because
of regulatory requirements and operational characteristics, the overhead and fuel costs of nuclear plants are highly fixed. Capital
improvement costs cover long-lasting equipment, such as steam generators.

™ The restructuring concepts discussed in this chapter apply to all investor-owned utilities. These utilities represent about three-
fourths of the plant ownership and electricity sales in the United States. The same concepts may also apply to municipal utilities and
cooperatives on a case-by-case issue. Municipal utilities and cooperatives self-regulate but are subject to Federal requirements for
reciprocity in providing open access and may be subject to State proposals to permit retail choice. No current Federal or State restructuring
plan applies to Federal agencies, such as the Bonneville Power Administration or the Tennessee Valley Authority.
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Table 10. List of Recent Nuclear Plant Closings as of January 31, 1998

Status

Size Date of
Plant?® Location (MWe) | Shutdown
Haddam Neck Haddam Neck, 560 1/97
Connecticut
Big Rock Point Charlevoix, 67 8/97
Michigan
Maine Yankee Wiscasset, Maine 870 8/97
Zion1and 2 Zion, lllinois 2,080 1/98

Following an economic analysis of operations, expenses, and
the cost of inexpensive replacement power, the utility—
Connecticut Yankee Atomic Power Co.—felt a shutdown was
the best option.

The plant's small size made generating electricity very
expensive. Consumers Energy felt that with only 36 months
remaining on its operating license, improvements to the plant
that would be needed to meet future regulatory requirements
would be too expensive to be economical.

Maine Yankee Atomic Power Company cited the rising cost
of safety measures which made generating electricity too
expensive in a market that is opening to deregulation and
therefore provides no guaranteed customer base.

Commonwealth Edison Co. cites deteriorating steam
generators as the reason the plant was shut down. The
company said that the two nuclear units would not be able to
produce competitively priced power based upon projected
costs of operating and supporting the plant, the amount of
electricity it was expected to generate, and the projected
price of electricity under deregulation.

gSince January 31, 1998, utility owners have announced the early retirement of two nuclear units—Oyster Creek (619 MWe)
in Fork River, New Jersey, and Millstone 1 (641 MWe) in Waterford, Connecticut.

Source: Haddam Neck — NucNet, “ The Operators of the Connecticut Yankee Nuclear Power Plant Have Taken a Final Decision
to Close Down the Unit for Financial Reasons after 29 Years of Service” December 5, 1996, Internet — Nucnet@otagbe.ch.;
Maine Yankee —Ross Kerber, “Owners of Maine Yankee Plant Say It May Be Closed Permanently,” Wall Street Journal (May
28, 1997), Section B4; Big Rock Point —News Releases from Consumers Energy, “Rock Nuclear Plant Closing” (June 11, 1997),
web site www.cpco.com/news/release_274.html; Zion—News Briefs, “ComEd to close Zion,” Ux Weekly (January 19, 1998),

pp. 3-4.

with Duke Power, Bechtel, and others about a potential
sale. In the late 1980s, Consumers Power Company
evaluated selling its Palisades plant, located in South
Haven, Michigan, to a consortium led by Westinghouse.
In 1996 and 1997, the owners of Maine Yankee plant held
discussions about selling the plant to Philadelphia
Electric Company (PECO). Ultimately, none of the
plants was sold.

Currently, General Public Utilities (GPU) has offered for
sale both its nuclear units, Oyster Creek and Three Mile
Island-1."* On April 16, 1998, Boston Edison announced
that it was seeking qualified buyers for its Pilgrim
nuclear plant.”” Potential buyers for nuclear plants are,
in general, more aggressive utilities with large and
successful nuclear plant operations, such as Duke Power

and AmerGen, a joint venture of PECO and British
Energy. As issues such as divestiture and mitigation of
stranded costs become major factors in utility restruc-
turing, more nuclear plants may be offered for purchase.

In the electric utility industry, the difference between full
cost recovery under regulation and market-based
income is “stranded cost.” Figure 8 shows a simplified
depiction of the potentially strandable nuclear cost
components. With the advent of competition, utilities
with high-cost nuclear units in States requiring retail
competition may not be able to recover all the costs they
have incurred to build the plants, the costs they are
incurring to operate them, or the costs they are
committed to incur to decommission them. To the extent
that these costs would have been recoverable under

™ “GPU In Serious Discussions Over TMI-1, Oyster Creek Sale,” Nucleonics Week (September 18, 1997), p. 12.
72 «Billing It As Hedge Against Fossil Costs, Boston Ed Puts Pilgrim Nuclear on Block,” Electric Utility Week (April 20, 1998), pp. 11-12.
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Figure 8. Simplified Depiction of Potentially
Stranded Nuclear Cost
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operating cost, fuel cost, unrecovered decommissioning cost,
regulatory assets, and the cost associated with the generation of
electricity.

Source: Energy Information Administration, Office of Coal,
Nuclear, Electric and Alternate Fuels.

conventional cost-of-service regulation, the unrecover-
able amounts will be stranded.”

The main assets at risk under competition are high-cost
generating plants (especially, but not exclusively,
nuclear), high-cost power purchase contracts, nuclear
decommissioning costs, and regulatory assets.” Esti-
mates of the potential size of such stranded assets range
from about $30 billion to $150 billion.”® Data Resources
Incorporated estimates nuclear stranded costs at roughly
$88 billion.”* Moody’s Investors Service estimates total
stranded costs for 114 investor-owned utilities at $135
billion.”” These estimates depend on many factors,
including how the electric utility industry is restruc-
tured, when or if States allow retail competition, and
what the current and long-term market value for power
and energy is at the time of competition.

The nuclear stranded cost issue is a question of
recovery—that is, how much can be recovered from
ratepayers through the State procedures established
through legislation or regulatory orders and how utility
stock and bondholders will be affected by retail
competition in electricity markets.

State Approaches to Stranded Costs

For the States that have approved retail competition,
most allow full or substantial recovery of stranded
capital assets, decommissioning costs, and regulatory
assets incurred as of a specific date. In many cases, the
accelerated recovery of stranded costs is timed to coin-
cide with the introduction of competition at the State
level. Recovery of stranded costs typically takes place
over a period of about 4 to 9 years. Overall costs to
ratepayers are reduced via “securitization” of the
stranded cost income streams and through utility
acceptance of reduced but accelerated cost recovery.™

All States with restructuring programs are attempting to
mitigate stranded costs by aggressive cost cutting, staff
reductions, and incentive pay plans. Another way to
mitigate costs is to sell the stranded assets. In New
England, for example, old and apparently uneconomical
non-nuclear generating plants have brought much
higher prices than valuations established by the selling
utility or the book value of the assets. One way that this
increased valuation can arise is if the acquiring utility
places a high value on the land, site, and non-generating
infrastructure (e.g., transmission connections) associated
with the uneconomical generating assets. Because the
higher value could not be realized by the continued use
of the generating assets under regulation but could be
realized under competition by replacing the plant with
a new, more efficient plant, the revaluation of the non-
generating assets may offset the devaluation of the
generating assets. For nuclear assets, the primary way
for the valuations to be increased is for a plant to be

™ During the 1980s, regulators disallowed $16 billion in nuclear expenditures as imprudent (Edison Electric Institute News, March 6,
1997). These costs are not recoverable under regulation and thus are not strandable.

™ Regulatory assets are assets created through the regulatory process. For example, a utility may have a portion of its plant balances
ruled imprudent on the basis of the “used and useful” standard and thus excluded from the ratebase. Over time, the asset would be allowed
into the ratebase as load growth made the plant “used and useful.” Another example relates to “phase-in.” If a regulatory commission had
ordered a utility to phase-in the recovery of capital costs from a new, large power plant to avoid rate shock, the unamortized plant balances
in excess of traditional amortization levels would be regulatory assets. In either case, regulatory assets are assets created by the regulatory
process for later recovery by the utility.

™ Ipid.

® Adam D. Thierer, Electricity Deregulation: Separating Fact from Fiction in the Debate Over Stranded Cost Recovery (The Heritage
Foundation, March 11, 1997).

™ Ibid.

"™ Securitization refers to the process of converting the regulatory-guaranteed stranded cost recovery income over a period of years
into security, e.g., a bond that can be sold at a lower interest rate than the utility would otherwise enjoy due to the regulatory guarantee
of repayment.

Energy Information Administration/ Challenges of Electric Power Industry Restructuring for Fuel Suppliers 27



acquired by a more efficient operator—presumably, one
with many nuclear plants and economies of scale, which
can justify paying more for the asset than it is worth to
the selling utility.

The following sections provide examples of State rulings
on specific nuclear stranded cost items.

Capital Costs

Virtually all the more recently constructed nuclear
plants, such as the Seabrook, South Texas, and
Comanche Peak plants, have substantial stranded capital
costs. Stranded capital costs exceeding $1 billion per
unit are not unusual for units that originally cost $2
billion or more to construct. In general, States are
treating stranded capital costs as fully or partially
recoverable; however, no one clear theme has emerged
among the States. The following approaches have been,
or are about to be, implemented:

® In California, restructuring legislation passed in
1996 included recovery of transition (i.e., stranded)
costs and provided for a 10-percent electricity rate
reduction for residential and small commercial
customers by March 31, 1998. The restructuring
legislation authorized utilities to finance a portion
of their transition costs with “rate reduction
bonds.” The maturity period of the bonds is
expected to extend beyond the transition period at
a below-market rate of return. In the case of Pacific
Gas & Electric’s (PG&E) Diablo Canyon nuclear
power plant, sunken costs will be fully recovered
over a period ending in 2001 at a return on
common equity equal to 90 percent of PG&E's
embedded cost of debt (7.52 percent in 1996).”° For
Southern California Edison (SCE), sunk costs at the
Palo Verde nuclear power plant will be recovered
over the same period at a 7.35-percent rate of
return on ratebase.®’ Southern California Edison
will also use a balancing account to pass through
Palo Verde's incremental operating costs (con-
sidered reasonable so long as they do not exceed 30
percent of a baseline forecast and the site's gross
annual capacity factor does not go below 55
percent). Recovery of San Onofre nuclear power
plant operating costs will be on a fixed per-

™ |bid., p. 18.

8 gSouthern California Edison Co., 1996 Form 10-K, p. 8.
8 |bid.

8 PECO Energy Company, 1996 Form 10-K, p. 2

& Ppublic Service Electric & Gas Co., 1996 Form 10-K.

kilowatthour basis. This difference recognizes that
SCE is the operator of San Onofre but only a
minority partner of Palo Verde.®!

® In Pennsylvania, recovery is limited to “just and
reasonable” amounts, as determined prospectively
by the State Public Utilities Commission (PUC).
These costs, after mitigation by the utility, are to be
recovered through the Competitive Transition
Charge (CTC) approved by the PUC and collected
from distribution customers for up to 9 years.®

® In New Jersey, the State is proposing that utilities
have an opportunity for a limited number of
years to recover stranded generating capacity costs
through rates, with the intent to open the electricity
market to all retail customers by July 2000. The
determination of stranded cost recovery would be
undertaken on a case-by-case basis—100 percent
recovery of all eligible stranded costs would not be
guaranteed. The opportunity for full recovery of
such eligible costs would be contingent upon and
may be constrained by the utility’s meeting a
number of conditions, including achieving the goal
of delivering a near-term rate reduction to
customers of 5 to 10 percent.®® Public Service
Electric & Gas (PSE&G) plans to reduce its rates by
a combination of securitizing a portion of its
strandable costs and extending the depreciation
period of its distribution assets. Securitization
involves the financing of stranded costs, up to a
specified limit, by insurance of debt and subse-
quent liquidation of it through a surcharge on the
utility’s customers. The extension of the depre-
ciation period for the distribution assets (to 45
years from 28 years) results in a theoretical
increase in depreciation reserves, which PSE&G
proposes to use as a partial offset for stranded
generating assets.®

Decommissioning Costs

A large portion of the stranded costs for nuclear power
plants is associated with the amount of unrecovered
decommissioning costs. Currently, decommissioning
costs appear to average slightly more than $400 million
for a single-unit station and about $700 million for a

8 Public Service Electric & Gas Co., Form 10-Q for the quarter ended June 30, 1997.
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two-unit station.®*® A major variable in decommissioning
cost and timing is the cost of low-level waste (LLW)
disposal, which has been increasing steadily over the
past 10 years, with no clear abatement in sight.

The procedure for collecting decommissioning costs is
through annual payments to a trust fund over the
expected 40-year licensed operating life of the plant.®
Because of the payment structure, utilities will not
collect half of the required final balance until after the
30" year of contributions and accruals. Since more than
half of the current capacity has 20 or more years of life
remaining, the assets in decommissioning trusts are
substantially below the estimated terminal requirements.
On a national average basis, they are about one-third of
the estimated terminal values.

In the past, regulatory authorities have permitted utili-
ties to collect all or most of the decommissioning cost
shortfall from ratepayers for the commercial reactors
that were shut down before their operating licenses
expired. Regulatory authorities generally recognize that
the issue of decommissioning cost shortfalls is related in
principle to the issue of unrecovered capital costs (i.e.,
liabilities of a plant no longer generating revenue), and
they seem to treat such costs similarly.®

With the advent of restructuring, most States are
treating decommissioning costs as fully recoverable
stranded costs. For the most part, decommissioning
costs that could not be covered by revenues would be
recovered through a transmission charge or a charge on
departing customers. The prospect for adjustments in
decommissioning costs over time is unclear. Some
States (e.g., Rhode Island) will allow decommissioning
cost adjustments that reflect new information about the
actual cost to decommission a unit. In Maine, a nuclear
utility will have one opportunity to estimate and charge
decommissioning costs under restructuring.®® After that
point, the utility will bear all the risk of cost increases.

Another issue in the debate over stranded nuclear
decommissioning costs concerns the operating costs
from the time a utility terminates commercial operation
to the time it receives its possession-only license (POL).
Nuclear power plant operators incur costs to maintain

the plant at a commercial level. Aside from the defueling
activity itself, other major cost areas are plant staffing,
maintenance, security, and compliance with Nuclear
Regulatory Commission (NRC) regulations.

Utilities currently treat these costs as operating costs, not
decommissioning costs. For a typical operating plant
with a staff of 500 to 1,500, annual transition costs could
be in the range of $50 million to $150 million. Recently,
POL transition periods have been on the order of 1 to 2
years. These periods should decline to 3 to 6 months for
plants that shut down according to a planned retirement
schedule. Plants that shut down abruptly, however,
may continue to have transition periods of 2 years or
more, and their transition costs could be $100 million to
$250 million. Because these costs are part of nuclear
operations (not decommissioning), they do not appear to
be recoverable under any definition of stranded costs.
Utilities will be able to recover these costs if plants are
retired while still under rate regulation; however, if
plants are retired in deregulated, competitive markets,
the costs may not be recoverable.

Implications of Denying Stranded Cost
Recovery

Although the States are establishing procedures for
stranded cost recovery, those procedures may not result
in full recovery of nuclear stranded costs because of time
limits on recovery or the prescribed procedure for deter-
mining stranded costs. Without substantial stranded
cost recovery, a significant number of nuclear utilities
will suffer large losses in market value.

Three groups of nuclear utilities are at particularly high
risk: utilities with heavy investments in relatively recent
(and therefore relatively costly) nuclear plants; utilities
with older, poorer performing units; and utilities with
relatively concentrated nuclear exposure regardless of
the vintage of the plants. At-risk utilities include a few
very large investor-owned utilities, such as Common-
wealth Edison, and a considerable number of municipal
utilities and cooperatives. For example, large shares of
the Catawba and McGuire plants in North Carolina and
the River Bend plant in Louisiana are owned or have
been owned by municipal utilities and cooperatives,

% Energy Information Administration, Nuclear Power Generation and Fuel Cycle Report, 1996, DOE/EIA-0436(96) (Washington, DC,

October 1996), pp. 44-47.

% The fund operates like an annuity, growing over time as yearly annuity payments are made along with interest earnings.
8 Energy Information Administration, Nuclear Power Generation and Fuel Cycle Report 1996, “Decommissioning U.S. Nuclear Plants,”

DOE/EIA-0436(96) (Washington, DC, October 1996), p. 51

8 “Energy Online Completes Review of Electric Deregulation Initiatives in All 50 States, Congress, Administration,”
www.energyonline.com/Restru..ng/news_reports/news/0819wrap.html, accessed October 23, 1997.
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which are at risk as a result of asset concentration,
independent of the absolute capital or operating costs of
their nuclear plants.

Competitiveness of Nuclear Plants

Ultimately, the long-term viability of nuclear power
generation lies in the industry’s ability to keep its
operating costs competitive with those for alternative
forms of generation, primarily baseload coal-fired power
plants. Over the past decade, the nuclear industry has
succeeded in reducing average operation and main-
tenance (O&M) costs significantly.®® In 1996, O&M costs,
including fuel costs, reached an industry low of 1.91 cent
per kilowatthour (Figure 9). Much of the decline is the
result of a decade-long increase in unit capacity factors.
The average capacity factor for the industry increased
from 66.0 percent in 1990 to a high of 77.4 percent in
1995.% Over the same period, the nuclear industry
continued to reduce the list of NRC issues requiring
resolution, aggressively replaced steam generators and
other major components causing difficulties, reduced
refueling outage durations, extended operating cycles,

Figure 9. Comparison of Average O&M Costs for
U.S. Nuclear and Coal-Fired Power
Plants, 1981-1996
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Note: Costs are in 1996 dollars. Fuel costs are included.
Averages are generation weighted.

Source: Federal Energy Regulatory Commission, Form 1,
“Annual Report of Major Electric Utilities, Licensees, and
Others.”

and took other steps to improve cost and efficiency.®
On average, O&M costs for U.S. nuclear power plants
are now about the same as for U.S. coal-fired power
plants, 1.81 cents per kilowatthour in 1996.%

Although nuclear plants are competitive with coal-fired
plants on average, there are wide variations among
individual nuclear units (Figure 10). For the 1994-1996
period, roughly 16 percent of the units had O&M costs
exceeding 2.5 cents per kilowatthour. About 12 percent
of the units had O&M costs exceeding 3.0 cents per
kilowatthour. If significant additional costs must be
incurred to ensure safety and reliability, some nuclear
plants may cease to be competitive.

Figure 10. Variation in O&M Costs for U.S.
Nuclear Plants, 1994-1996

B Number of Units

0+ - - - - -

304 --- - -

Number of Units

204 - - - - -

10 3 B EEEEEE

1.01-1.50 1.51-2.00 2.01-2.50 2.51-3.00 3.01>
O&M Costs (Cents per kilowatthour)

Note: Costs are in 1996 dollars. Costs include fuel costs but
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Source: Federal Energy Regulatory Commission, Form 1,
“Annual Report of Major Electric Utilities, Licensees, and Others.”

Units whose operating costs approach or exceed long-
term firm capacity and energy prices are at risk of early
closure. In regions with substantial surplus capacity, it
is possible that nuclear plants will be at risk because
their operating costs are above the costs for long-term
non-firm energy, which is widely available at less than
2 cents per kilowatthour.® For all the units, a complex
analysis of the long-range competitive market is
required. Issues include the prospects for reducing
O&M and capital improvement costs, the prospects for

¥ Energy Information Administration, World Nuclear Outlook 1994, DOE/EIA-0436(94) (Washington, DC, December 1994), pp. 43-44.

% Energy Information Administration, Monthly Energy Review, DOE/EIA-0035(97/03) (Washington, DC, October 1997), p. 105.

8 Energy Information Administration, Nuclear Power Generation and Fuel Cycle Report 1996, DOE/EIA-0436(96) (Washington, DC,
October 1996), and World Nuclear Outlook 1994, DOE/EIA-0436(94) (Washington, DC, December 1994).

% Federal Energy Regulatory Commission, Form 1, “Annual Report of Major Electric Utilities, Licensees, and Others.”

% Firm power is power that is intended to be available at all times, even under adverse conditions. Non-firm power does not have

the guaranteed continuous availability of firm power.
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increasing capacity factors, the likelihood that long-term
firm power will remain available at low rates,
decommissioning costs and scheduling, the projected
O&M costs of competing fossil fuel generation, and cost
recovery for prematurely retired units.

Many utilities, including GPU Nuclear Corporation (the
owner of Oyster Creek), Commonwealth Edison (the
owner of Dresden and Quad Cities), Wisconsin Public
Service (the owner of Kewaunee), and Boston Edison
(the owner of Pilgrim) have publicly addressed these
issues, with varying results. In some cases (e.g., Oyster
Creek), the utility has said that the plant will either be
sold or closed, because the prospects for making it
competitive are poor.* In other cases (e.g., Pilgrim), the
utility has said that the plant will be brought up to
competitive standards over the next few years and will
not be retired prematurely.®® The following section
outlines some of the factors that go into these decisions.

Market Value

Under restructuring, the market value for long-term
firm capacity and energy in each region of the country
will determine the value of nuclear power plants. In the
short term, firm capacity and energy will be available in
most of the country for the incremental price of coal-
fired energy from plants operated at less than baseload
levels. This price is less than $20 per megawatthour in
most of the country, although it is higher in some
regions, such as New England. No utility, however,
retires a plant with 10 to 20 years of remaining life
because replacement power costs are low for the next
year or two. Figure 11 shows the current average oper-
ating costs of nuclear power plants by North American
Electric Reliability Council region.

Regional differences will play a major role in market
value assessments. In New England, for example, coal-
fired power is expensive because the coal sources are
distant and the regulations governing air emissions and
siting are stringent. Transmission of surplus coal-fired
power from the Midwest and Mid-Atlantic would lower
prices, but it is limited by the existing transmission
capacity to New England, which is much less than
would be optimal, given the differences in relative
generating costs among the regions. Over the long term,
new gas-fired combined-cycle capacity in New England

and upgraded or possibly new transmission capacity to
other regions, including Canada, may eliminate some of
the regional pricing differences. In the Southwest, on
the other hand, almost all these factors are reversed.
Coal-fired power is available, transmission constraints
are minimal, and surplus power is exported to Mexico.
The net result is that the market value for power in the
Southwest is much less than in New England.

As surplus coal-fired capacity available for baseload
generation is used up in the first half of the next decade,
prices may rise, making nuclear-powered generation
more competitive. Prices may also rise in the early part
of the next century as stringent sulfur dioxide emissions
standards under the Clean Air Act take hold. New
emissions standards for nitrogen oxides, as proposed by
the U.S. Environmental Protection Agency in October
1997, would also significantly add to long-run operating
costs. Limiting these increases in the long-run market
price for baseload capacity and energy will be new
combined-cycle gas-fired power plants, which can
deliver power and energy at less than $40 per mega-
watthour, including capital recovery.

Operation and Maintenance Costs

If nuclear power plants are to remain viable in deregu-
lated electricity markets, their O&M costs will have to be
maintained at the competitive levels achieved over the
past decade. Factors contributing to nuclear O&M costs
include plant size and age, required capital expendi-
tures, and capacity factor.

Size

Roughly 70 percent of the O&M expenditures for
nuclear units are for labor. Labor costs are largely fixed
by regulatory requirements that do not relate to size.
Moreover, multi-unit plants share a considerable
amount of the labor relating to regulatory compliance,
procurement, permitting, etc. Thus, larger units and
multi-unit plants have the potential to be less costly to
operate per kilowatthour than smaller units and single-
unit plants. Most of the nuclear units prematurely
retired or announced for premature retirement in recent
years have been single-unit plants (e.g., Trojan, Rancho
Seco, Maine Yankee, Big Rock Point, Oyster Creek, and
Haddam Neck) and many are small units.

% D. Airozo, “Oyster Creek May Close in 2000, Unless a Buyer Can Be Found,” Nucleonics Week (April 10, 1997).
% «Little Pilgrim Working To Avoid Fate of New England Neighbors,” Nucleonics Week (June 19, 1997), p. 9.
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Figure 11. Variation in O&M Costs for U.S. Nuclear Power Plants by NERC Region, 1994-1996
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too short to permit competitive amortization of the costs

Age

of major capital improvements, such as steam generator
The age of a plant is significant for several reasons. replacements. Second, older plants are usually smaller,
First, as a plant passes 20 or 25 years of its 40-year meaning that the fixed costs of replacements are spread
license life, the remaining lifetime of the plant may be over fewer Kkilowatthours of generation. Third, older
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plants have often required major upgrades because of
their vintage rather than their operational performance.
Several units (e.g., San Onofre 1, Yankee Rowe) have
been prematurely retired because they could not
economically be brought up to current standards while
remaining economical. On the other hand, one
unit—Robert Ginna, a 470-megawatt unit in Rochester,
New York—had its steam generators replaced in 1995
because the utility, Rochester Gas and Electric Corpora-
tion, determined that the plant’s long-run economics
were favorable.

Large Capital Expenditures

Another major factor in determining a plant’s competi-
tiveness is whether significant capital expenditures will
be needed in the near future for continued operation.
Such capital expenditures are not sunk costs and, in a
competitive marketplace, must be included in the cost of
electricity generation. A plant that is currently competi-
tive but is anticipated to require a large influx of capital
in the next several years is a less desirable economic
asset and may simply be operated until a large capital
infusion is needed and then shut down.

The largest capital expenditure typically facing existing
nuclear plants (pressurized-water reactors only) is the
cost to replace degraded steam generators.”® As a result
of degraded steam generators, Commonwealth Edison
announced in January 1998 that it was permanently
shutting down its Zion plant.¥”’

Capacity Factor

The capacity factor of a nuclear power plant has a
significant impact on the cost of power from the plant.
Although O&M costs usually are seen as variable costs,
they are essentially fixed for any operational nuclear
power plant. Nuclear fuel costs are also mostly fixed.
Thus, most of the change in the capacity factor goes
directly to the bottom line of the utility’s income
statement. For a 1,000-megawatt plant selling power at
$25 per megawatthour, each capacity factor point
generates $2.2 million in revenue per year and only
slightly less in before-tax net income. The net present
value of this percentage point change over a typical 20-
year remaining life is $15 million to $20 million,

depending on the discount rate. Not surprisingly,
utilities are willing to make investments to improve
plant performance. Similarly, the possibility of multi-
point increases in capacity factors is a major influence on
the retirement decision. For plants that have historically
operated far below the industry average capacity factor
(currently in the mid- to upper 70s), the prospect of a
double-digit increase in capacity factors may justify
expenditures to improve performance.

Decommissioning Assurance

Restructuring of the electricity industry introduces
issues that concern the NRC and its relationship to
utilities demonstrating financial assurance for decom-
missioning funds. The current NRC rule is based on the
premise that the operator of a nuclear power plant will
be an ongoing, capital-intensive concern with significant
financial resources, including ratebase access, to cover
any shortfall in the plant’s decommissioning fund.®®

With the advent of restructuring, utilities will no longer
have a guaranteed customer base. Most State commis-
sions have accepted full recovery for decommissioning
costs, but it is unclear how the costs will be translated
into rates or charged to existing and former customers.
In addition, it is unclear how future increases in
decommissioning costs could or would be passed on to
former customers.

The NRC has statutory authority to regulate the decom-
missioning of its licensed nuclear facilities. On April 8,
1996, the NRC posted an announcement in the Federal
Register soliciting public comment for a proposed
rulemaking, stating it is considering rulemaking that
would:

® Require that electric utility reactor licensees assure
the NRC that they can finance the full estimated
cost of decommissioning if they are no longer
subject to rate regulation by State agencies or by
the Federal Energy Regulatory Commission and do
not have a guaranteed source of income.

e Require utility licensees to report periodically on
the status of their decommissioning funds. The
present rule has no such requirement because State

% The replacement of steam generators for a pressurized-water reactor between 1994 and 1995 cost between $125 million and $153

million.

" “ComEd To Close Zion,” The Ux Weekly (January 19, 1998), p. 3.

% The NRC may require accelerated funding of a reactor’s decommissioning fund if the operator’s bond rating is below “A” by a
national rating agency for a specific period of time. The NRC may consider other financial criteria in arriving at its decision. Energy Infor-
mation Administration, Nuclear Power Generation and Fuel Cycle Report 1996, DOE/EIA-0436(96) (Washington, DC, October 1996), p. 49.
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and Federal rate-regulating bodies actively monitor
the funds. A restructured nuclear utility would have
no such monitoring.*®

The proposed rulemaking would assign financial
oversight to the NRC by requiring licensees to report
periodically the status of their decommissioning funds
to the NRC. Whether the final rule does grant this
authority to the NRC remains to be seen. In the past,
however, the nuclear industry has resisted any pro-
posals that would give NRC financial oversight
responsibility.

Impacts on the Nuclear Fuel Industry

To produce fuel suitable for loading into a nuclear
power plant’s reactor core, naturally occurring uranium
must undergo the following manufacturing steps: (1)
extracting and processing ore to produce uranium
concentrate (U,0,), (2) conversion, (3) enrichment, and
(4) fuel fabrication (see textbox, p 35). These steps are
referred to as the “front end” of the nuclear fuel cycle.
In contrast, the management of spent fuel discharged
from reactors is referred to as the “back end” of the
nuclear fuel cycle. Products or services for each front-
end stage are bought and sold in separate markets.
Auvailable capacity, inventory level, and the application
of trade restrictions and other national policies differ
from market to market. Consequently, trends in prices
may show little correlation between markets. For
example, the average annual spot-market price for the
restricted U.S. uranium market increased by 36 percent
from 1995 to 1996, compared with an increase of only 6
percent in the average annual spot-market price for the
restricted U.S. enrichment market.*% 101 102

The restructuring of the electric power industry is
expected to affect the demand for nuclear fuel as
uneconomical plants are retired early and the operators
of the remaining plants focus on the marginal costs of
power production. This section describes the potential

impacts that the restructuring of the electricity industry
will have on the nuclear fuel industry in the following
areas: (1) changing emphasis on fuel costs, (2) declining
demand for uranium and nuclear fuel services, (3)
availability of uranium made surplus by plant closures,
(4) decrease in inventories, (5) consolidation in nuclear
fuel procurement, and (6) consolidation in the nuclear
fuel industry.

Changing Emphasis on Fuel Costs

Unlike nonfuel O&M and capital additions costs, the
cost of fuel has not been considered critical in deter-
mining the economic viability of existing nuclear power
plants. Factors contributing to this view include: (1) fuel
represents a relatively small share of power production
costs; (2) fuel has been priced at historically low levels;
and (3) utilities, operating as regulated monopolies, have
generally been able to pass through fuel costs to
customers. With the restructuring of the electric power
industry, nuclear generating companies will be selling a
commodity (electricity) in a highly competitive market-
place with little opportunity to differentiate their
product other than by price. In this setting, they will be
forced to focus on the incremental costs of production,
including those for fuel, to remain competitive.

Fuel composed just 27 percent of the average nuclear
power production expenses reported by major U.S.
investor-owned utilities in 1996.1% The remaining 73
percent of average nuclear production expenses was
categorized as non-fuel O&M. In contrast, fuel con-
tributed to a much greater share of the average power
production expenses incurred by fossil steam, gas
turbine, and small-scale plants (Figure 12).2%

A general condition of oversupply has kept the prices of
uranium and nuclear fuel cycle services at historically
low levels (Figure 13).2% The average annual spot-market
price for the U.S. uranium market has declined to levels
substantially lower than in the late 1970s, in sharp
contrast to the substantial increases in nonfuel O&M

% NRC Press Release, NRC Electronic Bulletin Board on FEDWORLD, www.fedworld.gov (April 8, 1996).
190 Historical uranium and enrichment spot-market prices used in this chapter are the Exchange and SWU Values, respectively, reported

in TradeTech, The Nuclear Review (Denver, CO).

101 |n the spot market, transactions are made for the one-time delivery of the entire contract to occur within 1 year of contract execution.
Term contracts are typically made for one or more deliveries to occur over a time period in excess of 1 year from contract execution.

92 buye to restrictions on U.S. imports from republics of the former Soviet Union, a two-tiered market for uranium, consisting of
restricted U.S. and unrestricted world components, was established in 1992.

102 Federal Energy Regulatory Commission, FERC Form 1, “Annual Report of Major Electric Utilities, Licensees and Others” (1996).

19% The gas turbine and small scale category includes gas turbine, internal combustion, photovoltaic, and wind plants.

1% The nuclear fuel cycle includes the steps necessary for transforming naturally occurring uranium into fuel loaded into nuclear

reactors.
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Characteristics of Nuclear Fuel

1. Multiple Production Stages and Markets

Four major stages are involved in the transformation of naturally occurring uranium into the fuel assemblies that are loaded into
a typical nuclear power reactor operating in the United States. These stages, collectively referred to as the “front end” of the
nuclear fuel cycle, and their associated products, each sold through separate markets, are as follows:

® Ore mining and processing: production of uranium concentrate (U;Og or yellowcake) from ores and solutions recovered
from the earth.

® Conversion: U;0g is converted into uranium hexafluoride (UFg), a feedstock required for enrichment.

® Enrichment. the fissile content of natural uranium (0.7 percent 2®U) is increased to low-enriched uranium (generally 3.0-5.0
percent 2°U ), suitable for reactor fuel. A utility typically contracts to have uranium enriched by a provider of enrichment
services. The energy required for enrichment is measured in separative work units. Low-enriched uranium, known as
enriched uranium product, also can be purchased directly from the marketplace.

® Fuel Fabrication: Fabricators manufacture fuel assemblies containing fuel rods loaded with uranium oxide (UO,) pellets
made from low-enriched uranium.

2. Five-year Useful Life

Nuclear fuel assemblies are designed to be used for up to 5 years, depending on the reactor operating cycle, burnup?® rates,
and other fuel management practices. The acquisition cost of nuclear fuel is accounted for as an asset on a utility’s balance
sheet, since nuclear fuel loaded into a reactor provides future economic benefit. A portion of the acquisition cost is allocated
to each year in which the fuel provides benefit. This allocation, generally referred to as amortization, is deducted from the asset
account on the balance sheet and added as a fuel expense to the income statement.

3. Internalization of Environmental Costs Incurred from Its Use

Nuclear fuel that has reached the end of its useful life is discharged from reactors during refueling in a manner that prevents
contamination of the environment. This discharged fuel, termed “spent” fuel, is highly radioactive. It currently is being held by
U.S. utilities at reactor sites, either under water in storage pools or in dry cask storage facilities, until a repository is made
available for its permanent disposal. The management of spent fuel comprises the “back end” of the nuclear fuel cycle. Under
the Nuclear Waste Policy Act of 1982, as amended, the U.S. Department of Energy (DOE) is to provide for the ultimate disposal
of spent fuel waste. To fund the DOE’s contractual obligations, each nuclear utility pays an ongoing fee, in addition to a one-time
payment to cover disposal of fuel utilized prior to April 7, 1983. The annual fee is currently 1 mill per kilowatthour of net
electricity generated and sold; it is included in the fuel expenses reported to the Federal Energy Regulatory Commission. Also,
owners of nuclear power plants are required by the U.S. Nuclear Regulatory Commission to place funds into an external trust
to provide for the cost of decommissioning the radioactive portions of plant and equipment. Thus, the costs incurred to ensure
that nuclear waste does not contaminate the environment are included, or “internalized,” in the cost of nuclear power.

4. Relationship to Nuclear Nonproliferation and Arms Reduction Programs

Critical components of nuclear weapons, especially highly enriched uranium (*°U content greater than 20 percent) and
plutonium, can be produced in the same type of facilities used for the civilian nuclear fuel cycle. To provide safeguards against
the spread of nuclear weapons, the United States and 185 other nations have signed a Non-Proliferation Treaty (NPT) with the
International Atomic Energy Agency, an organization within the United Nations. The NPT requires detailed accounting of nuclear
materials by signatory nations. With the end of the cold war, Russia and the United States have declared surplus a portion of
their respective nuclear weapons arsenals. As a result of an agreement signed between the United States and Russia in 1993,
the first fuel from highly enriched uranium (HEU) taken from dismantled Russian nuclear warheads was delivered to a U.S.
electric power utility in November 1995. Nuclear fuel derived from U.S. HEU is scheduled to enter the market in 1998. In 1997,
the DOE began selling surplus commercial-grade uranium that was intended for defense purposes. Plutonium from dismantled
U.S. nuclear weapons could become available for use in commercial nuclear fuel after 2000.

®Burnup is a measure of the amount of energy obtained from fuel in a reactor.
Source: Energy Information Administration, Office of Coal, Nuclear, Electric and Alternate Fuels.
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Figure 12. Fuel as a Share of Average Power
Production Expenses for Plants
Owned by Major U.S. Investor-Owned
Electric Utilities, 1996
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Notes: Power production costs include operating and
maintenance (O&M) as well as fuel. Nuclear fuel expense
includes payments for disposal of spent nuclear fuel waste.

Source: Federal Energy Regulatory Commission, FERC
Form 1, “Annual Report of Major Electric Utilities, Licensees,
and Others.”

costs reported by nuclear power plants during the 1980s
(Figure 9). There is excess production capacity in both
the enrichment and fuel fabrication markets. The cur-
rent world enrichment services capacity is estimated at
49.5 million separative work units (SWU), compared to
33.9 million SWU projected to be required by the
world’s nuclear reactors in 1998.1% 07. 198 The current
world capacity for light-water reactor fuel fabrication
has been estimated at 150 percent of requirements,*® 11
The market conditions responsible for low prices have
enabled utilities to exercise a certain amount of leverage
in negotiating favorable contract terms for the purchase
of uranium and nuclear fuel cycle services.

e Asregulated monopolies, utilities were able to pass
through fuel costs to customers as long as such
costs were determined to be prudent by State pub-
lic utility commissions; however, the move toward
full competition will make it increasingly difficult
for nuclear generating companies to recover above-
market generation costs. For example, some States

Figure 13. Spot-Market Price for the U.S.
Uranium Market, 1976-1996
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Notes: Price is in 1996 dollars. A two-tiered market
developed at the end of 1992 as a result of agreements
between the United States and the republics of the Former
Soviet Union (FSU) that restrict U.S. imports of uranium from
the FSU.

Source: The reported price is the Exchange Value for the
restricted U.S. market reported in TradeTech, The NUCLEAR
Review (Denver, CO, October 1997).

have implemented performance-based ratemaking
in exchange for allowing utilities to accelerate the
recovery of their stranded costs as a transition to
full competition (see text box on page 37). Per-
formance-based ratemaking affects the profits of
utilities by setting a level of operating revenues
available to utilities for covering the day-by-day
costs of generating electricity. To realize a profit,
the utility must keep its production costs below the
available revenue limit. However, the fixed portion
of production costs, such as those for engineering
and plant safety, are considered as unavoidable.
Therefore, a nuclear generating company must
focus on the variable portion of production costs,
including fuel, to improve profit margins.

Declining Demand for Uranium and Nuclear
Fuel Services

As nuclear capacity is retired prematurely for com-
petitive reasons, the demand for uranium and nuclear

1% separative Work Unit (SWU) is the standard of measure for enrichment services.
17 Enrichment plant capacity from NAC International, Nuclear Industry Status Report on Enrichment, A Fuel-Trac Product (Norcross, GA,

February 1997), Table B-3.1.

1% Energy Information Administration, Nuclear Power Generation and Fuel Cycle Report 1997, DOE/EIA-0436(97) (Washington, DC,

September 1997), Table F3.

199 The majority of the world’s nuclear power reactors are light water reactors.
10 Fyel fabrication capacity utilization from Energy Resources International, Inc., 1997 Nuclear Fuel Cycle Supply and Price Report

(Washington, DC, May 1996), p. 7.1.
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California’s Move to Competitive Electric Power Market Highlights Fuel Costs

The following description of legislation in California and its impact on a nuclear utility is presented to illustrate the changing focus
on fuel costs as the electric power industry undergoes restructuring. The passage of Assembly Bill 1890 in 1996 provided the
legal framework to establish a fully competitive electricity generation market in California by 2002. A key provision of the
restructuring legislation authorizes utilities to recover certain generation-related costs that are likely to become stranded in a
competitive marketplace. The recovery would take place during the transition period (1997-2001) preceding full competition.
For example, Pacific Gas & Electric Company (PG&E) will accelerate the recovery of costs for its Diablo Canyon nuclear power
plant over 5 years, instead of over the previous amortization period ending in 2016.

To provide for the accelerated recovery of costs considered as stranded, customers would continue to pay prices for electricity
similar to those in effect before the adoption of the restructuring legislation. In return, PG&E would receive a reduced return
on common equity for those costs. The lower return reflects the reduced risk associated with increased certainty of recovering
costs over a shorter period. In addition to accelerated cost recovery, revenues would be unbundled for application to distribution,
transmission, public purpose programs, generation, nuclear decommissioning, and other areas.

The revenues made available annually to PG&E for the recovery of ongoing operating costs and capital additions for Diablo
Canyon will be based on the Incremental Cost Incentive Price (ICIP) established by the California Public Utilities Commission
(CPUC) in May 1997. The ICIP is scheduled to increase periodically from 3.26 cents per kilowatthour in 1997 to 3.49 cents per
kilowatthour in 2001. In determining the ICIP, the CPUC used an assumed capacity factor of 83.6 percent for Diablo Canyon
and an escalation factor of 1.5 percent. The ICIP also contains a prudence disallowance of approximately $70 million for the
undepreciated portion of costs attributed to unreasonable construction error.

The price paid by customers of PG&E in California for electricity generated by the Diablo Canyon plant peaked at around 11
cents per kilowatthour in 1994. At peak prices, the operating revenue for each reactor under 100 percent power was over $3
million per day. Because of the longer amortization period available prior to restructuring, much less revenue was applied on
an annual basis to recovering costs that are now considered as stranded. Thus, the operation of Diablo Canyon provided a
substantially greater margin of profit than is possible today. The cost of fuel, including interest and the spent fuel fee, was only
about 3.5 percent of the price paid by customers in 1994,

Because the operation of Diablo Canyon realized a large profit margin, PG&E did not have to be overly concerned about cost
management as long as the plant was producing electricity. In contrast, the accelerated recovery of costs and the imposition
of the PCIP as a result of restructuring will inhibit Diablo Canyon’s contribution to corporate profits. PG&E estimates that the
operating revenue provided from each reactor will be reduced to only $0.8 million per day in 1997.

Diablo Canyon’s production cost was about 2.9 cents per kilowatthour at the beginning of 1997, compared with the operating
revenue of 3.26 cents per kilowatthour established by the PCIP for 1997. For Diablo Canyon to contribute to corporate profits
during the transition period, it must keep production costs below the PCIP. Thus, considerable emphasis will be placed on the
management of production costs. In this context, the cost of fuel, which currently makes up about 15 percent of Diablo Canyon’s
production costs, becomes increasingly relevant.

In 2002, the electric power generation market is expected to be fully competitive in California. With the completion of
accelerated recovery of stranded costs, Diablo Canyon’s asset value will have been depreciated to zero. With the exception of
decommissioning costs, customers will no longer be subsidizing above-market generation costs. To improve the operating
efficiency of Diablo Canyon, PG&E plans to increase the duration of each reactor’s operating cycle, measured as the time
between refueling outages, from 18 months to 24 months by 2001. With fewer planned outages, O&M costs are expected to
be reduced. Although the overall cost of power production will decline, the cost of fuel will actually rise, because increased
performance of nuclear fuel is required for the longer operating cycle. Thus, fuel will become an even more significant
component of production costs.

Sources: Pacific Gas & Electric Corporation, 10-K Report to the Securities and Exchange Commission (March 5, 1998), pp. 23-25;
J. Sellers, “Strategies for Competition and Nuclear Fuel,” paper presented at the Nuclear Energy Institutes’s FuelCycle 97 conference
(April 1997).
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fuel services will be reduced in the United States. For
example, the closure of the Zion 1 and 2 nuclear power
generating units, announced by Commonwealth Edison
in January 1998, will reduce U.S. annual requirements
for uranium and enrichment services by about 1.0
million pounds U,0, and 250,000 separative work units
(SWU), respectively.'* Each Zion unit had a generating
capacity of 1,040 net megawatt-electric (MWe) and was
operated on an 18-month refueling cycle. Common-
wealth Edison is expected to use uranium that was being
held for future fuel reloads at Zion as supply for its
reactors remaining in operation.!*?

Because of differences in the types of reactors and man-
agement policies, not all reactors are operated in the
same way. For this analysis, fuel cycle requirements for
the Zion units are assumed to approximate those for
plants with a similar generating capacity. Based on this
assumption, uranium and enrichment services require-
ments would be reduced by about 500,000 pounds U,O,
and about 125,000 SWU, respectively, for each 1,000-
MWe increment of net generating capacity retired from
service. Thus, the closure of a 1,000-MWe nuclear unit
would have only a marginal impact on total U.S.
requirements, which are projected to be 49.4 million
pounds U,O, and 11.1 million SWU for 1998.'3
Similarly, requirements for conversion and fuel fabri-
cation services would be affected only marginally.

From the perspective of the U.S. nuclear fuel supply
industry, however, each plant closure represents the loss
of an actual or potential customer in a highly com-
petitive marketplace. Plant closures could have a
detrimental impact on suppliers that have relatively high
marginal costs of production or have large shares of
their business concentrated in the United States. The
following discussion focuses on the U.S. uranium and
enrichment service industries.

Because of differences in the quality of ore reserves, ura-
nium concentrate (U,0O,) is more expensive to produce
in the United States than in such countries as Australia

11 The Ux Weekly (January 19, 1998), pp. 3-4.
12 hid,

and Canada. In addition, to earn foreign exchange, the
Commonwealth of Independent States and other
countries have supplied uranium to utilities in the
United States from mines that might not be economical
to operate under U.S. accounting principles.* Driven
by competitive pricing, imports have become the most
important source of uranium for meeting U.S. require-
ments. The equivalent of 43.0 million pounds U,0O, was
imported by U.S. suppliers and utilities in 1997.15 ¢ |n
contrast, domestic uranium concentrate production was
5.6 million pounds U,Oq in 1997.*

A decline in demand brought about by nuclear power
plant closings could weaken the price of uranium,
forcing producers with marginal production costs above
the market price to suspend operations. Under a
scenario of declining price, relatively higher cost U.S.
production would be particularly susceptible to com-
petitive pressures exerted by imports.

The United States Enrichment Corporation (USEC), the
only domestic provider of enrichment services, reported
that contracts with U.S. utilities accounted for more than
60 percent of its total worldwide sales in 1996.1*¢ It pro-
vided enrichment services to four-fifths of the domestic
nuclear power generating industry in 1997.1*° Thus,
USEC'’s earnings would be more sensitive to closings of
U.S. nuclear power plants than would those of enrichers
with less exposure to the U.S. market. Because enrich-
ment services are sold under long-term contracts, USEC
could be challenged to find new customers should the
domestic market be substantially reduced.

Availability of Uranium Made Surplus by Plant
Closures

With restructuring, some companies may completely
exit the nuclear power generation industry. If they do,
they are likely to sell inventories of uranium no longer
needed to meet previously scheduled fuel reloads. For
example, inventory equivalent to approximately 500,000

13 Energy Information Administration, Nuclear Power Generation and Fuel Cycle Report 1997, DOE/EIA-0436(97) (Washington, DC,

September 1997), Tables F1 and F3.

14 Energy Information Administration, Uranium Industry Annual 1991, “The Uranium Industry of the Commonwealth of Independent

States,” DOE/EIA-0478(91) (Washington, DC, October 1992), p. 11.

15 Energy Information Administration, Uranium Industry Annual 1997, DOE/EIA-0478(97) (Washington, DC, April 1998), Table 28.
18 Yranium imports included U,0;, UF,, and enriched uranium product (see text box, p. 35). For comparative purposes, the various

forms of uranium are expressed as “equivalent” U,Oq.

17 Energy Information Administration, Uranium Industry Annual 1997, DOE/EIA-0478(97) (Washington, DC, April 1998), Table 5.
18 United States Enrichment Corporation, 1996 Annual Report, p. 22.
119 United States Enrichment Corporation, “About USEC,” website www.usec.com/about.html (accessed March 5, 1998).
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pounds U,O, became surplus as a result of the decision
by Connecticut Yankee Atomic Power Co. (CYAP) to
close the Haddam Neck nuclear power plant per-
manently. This quantity of uranium is equivalent to
about 9 percent of the 5.6 million pounds of uranium
produced in the United States during 1996.° In August
1997, Northeast Utilities, the parent company of CYAP,
sold the uranium through an auction.

The sale of uranium made surplus by the closure of
nuclear power plants displaces other sources of supply.
The extent to which surplus uranium impacts the market
depends on the timing and mechanism involved in
selling the uranium. At the time that Northeast Utilities
announced its intent to sell uranium made surplus by
the closure of Haddam Neck, the uranium market had
experienced a significant decline in price. The monthly
spot-market price for the restricted U.S. market declined
from $16.50 per pound U,O; in July 1996 to $10.20 per
pound U,O, in August 1997. During the third quarter of
1996, the demand for uranium on the spot market
reached a low not recorded since 1988.*%

In addition to Northeast Utilities, the U.S. Department
of Energy (DOE) announced plans to sell uranium that
had been declared surplus.’? The planned sales
contributed to the downward pressure on price, with
other sellers offering uranium at prices lower than the
prevailing spot-market price in order to complete sales,
before Northeast Utilities and DOE entered the market.
By using an auction, however, Northeast Utilities was in
a position to decline bids that were below the prevailing
spot-market price. Buyers anticipating no further
decline in spot-market price provided bids at or above
the prevailing market to procure uranium at relatively
low prices.’® Prospective buyers apparently withheld
demand until they perceived that the anticipated sales of
surplus uranium would no longer push prices lower.
Following sales of uranium by both Northeast Utilities
and DOE, the spot-market price for the restricted U.S.
market rose to $12.75 per pound U,O, in October 1997.

Decrease in Inventories

In a competitive business environment, companies have
historically sought to minimize inventory holding costs.
For example, it is well documented that U.S. automobile
manufacturers have met this goal by matching the
delivery of parts from suppliers with assembly activities.
This strategy has been popularly referred to as “just-in-
time” delivery management. In contrast, nuclear utilities
historically have favored the maintenance of inventories
in excess of immediate fuel requirements.

Inventories of uranium are managed by utilities as part
of work-in-process or “pipeline” materials required for
the preparation of nuclear fuel to be loaded into the core
of reactors.’® In addition to the pipeline category,
utilities also hold strategic inventories that could be used
to minimize possible disruptions in supply, as well as
hedging inventories used to take advantage of move-
ments in uranium spot-market prices. Countries distant
to uranium supply or nuclear fuel cycle services are
more likely to hold strategic inventories. In contrast,
some utilities in the United States, beginning in the
1980s, have held only inventories of the magnitude
needed in the pipeline for a particular fuel reload.'?®
Nevertheless, U.S. utilities have acquired excess inven-
tories to hedge against a rise in prices. For example,
discretionary purchases made in 1995 to hedge against
a possible price rise contributed to an increased volume
of spot-market transactions and the first increase in U.S.
utilities’ year-end inventories since 1983.1%

As the electric power industry moves toward competi-
tive retail markets, nuclear generating companies are
likely to minimize inventory holding costs for both
economic and regulatory considerations. Public utility
commissions are likely to increase the regulatory
oversight of fuel costs as they authorize nuclear utilities
to recover potentially strandable costs before the onset
of fully competitive markets while, at the same time,
minimizing the impact on customers. As a result,

120 Energy Information Administration, Uranium Industry Annual 1997, DOE/EIA-0478(97) (Washington, DC, April 1998), Table 5.
121 «Third Quarter Spot U0, Review,” The Ux Weekly (October 13, 1997), p. 1.
122 Energy Information Administration, Commercial Nuclear Fuel from U.S. and Russian Surplus Defense Inventories: Materials, Policies, and

Market Effects, DOE/EIA-0619 (Washington, DC, May 1998), p. 37.

122 “The Auction Season (and Its Aftermath),” The Ux Weekly (September 8, 1997), p. 1.

124 some utilities sell nuclear fuel to another corporation and lease it back for use in reactors.

125 R. McKeon, and J. Stefanko, “Uranium Procurement at Pennsylvania Power and Light Company (One Utility’s Perspective),” paper
presented at the U.S. Council of Energy Awareness International Uranium Seminar (September 1989).

126 Energy Information Administration, Nuclear Power Generation and Fuel Cycle Report 1997, DOE/EIA-0436(97) (Washington, DC,

September 1997), p. 22.
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nuclear power plant operators may not be able to
recover their traditional out-of-core inventory holding
costs.*

To reduce inventory holding costs, the operators of
nuclear power plants are expected to seek more flexible
delivery schedules from nuclear fuel cycle vendors.
Lead times for delivering uranium to each successive
nuclear fuel cycle stage will be reduced. In a competi-
tive marketplace, it will be important for fueling outages
to coincide with low power market prices. This will
require fuel deliveries to be flexible enough to meet the
timing of the outages.

Enriched uranium product (EUP) is expected to be used
in a just-in-time strategy. EUP can be purchased directly
from suppliers for delivery to fuel fabricators.’?® This
differs from traditional procurement practices, whereby
the customer purchases uranium and delivers it first to
a converter and then to an enricher. Since the customer
does not hold title to the uranium contained in the EUP,
the price of EUP includes both the cost of the uranium
feed (uranium and conversion segments of the nuclear
fuel cycle) suitable for enrichment and the enrichment
service. By purchasing EUP, nuclear power plant
operators no longer would carry the holding costs
involved in owning the uranium through the enrichment
stage, which would be transferred to the supplier and
included in the price of EUP. The largest suppliers of
EUP are expected to be enrichers with access to both
competitively priced uranium feed and excess enrich-
ment capacity.

Consolidation in Nuclear Fuel Procurement

A likely outcome of electric power industry restruc-
turing is a consolidation in the ownership of nuclear
power generation capacity. Consolidation is expected to
take place through mergers, acquisitions, and plant
closures. Also, some firms with successful nuclear
operating experience will seek to provide operations
management and related services to other owners of
nuclear power plants. Corresponding to the consoli-
dation in nuclear generating companies will be a decline
in the number of buyers of uranium and nuclear fuel
cycle services. In addition, individual utilities have
developed working partnerships for the purpose of
creating the economies of scale required to obtain

nuclear fuel and other services at lower cost. One such
partnership, the Utilities Service Alliance, was formed
by 10 utilities.

Those fuel buyers remaining after industry consolidation
are expected to engage in highly efficient procurement
practices. They will be positioned to seek price discounts
and other advantages from suppliers. Faced with over-
supply and declining market prices, suppliers have been
offering flexible contracts to utilities for many years.
One such flexible contract arrangement offers the option
to take delivery of additional quantities of uranium. The
decision by a nuclear generating company whether or
not to exercise such an option depends on market
conditions and the contract price. The option is less
likely to be exercised when the spot-market price is
lower than the contract price. In this situation, a nuclear
generating company could decrease its average cost by
purchasing some uranium at a lower price on the spot
market.

Consolidation in the Nuclear Fuel Industry

The dramatic decline in uranium prices since the late
1970s (Figure 13) has caused a number of companies to
exit the industry. Large oil, metal mining, and nuclear
services companies based primarily in the United States
have divested significant holdings of uranium assets to
concentrate on their core businesses.'® The buyers
generally have been either vertically integrated foreign
nuclear fuel cycle companies with foreign government
ownership or small domestic uranium mining com-
panies. The consolidation of the uranium industry is
continuing, although it is not as intense as it was
between about 1985 and 1995.

Recently, the fuel fabrication industry has become the
focus of significant consolidation that has been attrib-
uted to electric power restructuring. For example, a
Siemens executive commented on the joint venture
negotiations with British Nuclear Fuels, Ltd. (BNFL),
initiated in October 1997, as follows: “These talks are
aimed at strengthening the position of both BNFL and
Siemens in a competitive market place. The deregulation
of the world’s electricity markets is increasing the
pressure on nuclear power plant operators to reduce
their costs and increase plant availability. We want to
explore whether a joint venture company will enable us

127 3. Sellers, “Strategies for Competition and Nuclear Fuel,” paper presented at the Nuclear Energy Institutes’s FuelCycle 97 conference

(Atlanta, GA, April 1997), p. 6.

128 Energy Information Administration, World Nuclear Outlook 1995, DOE/EIA-0436(95) (Washington, DC, October 1995), p. 35.
129 Energy Information Administration, Uranium Industry Annual 1993, “Uranium In Situ Leach Mining in the United States,” DOE/EIA-

0478(93) (Washington, DC, September 1994), pp. x-Xiii.
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to better meet our customers’ requirements by com-
bining our technological and economic strengths.”**

Fuel fabrication is less of a commodities business than
uranium, conversion, or enrichment. Fabricators are
involved in the design, manufacture, installation, and
service of fuel assemblies for customers with a variety of
reactor designs. With a goal of reducing costs, nuclear
power generating companies are looking at fuel manage-
ment practices, such as extending the time between
refueling outages. To meet the needs of their customers’
changing fuel management practices, fuel fabricators
must develop innovative products and services. Facing
the high cost of continuously improving the per-
formance of reactor fuel in a potentially declining
market, some companies have chosen to exit the busi-
ness or seek joint venture partners. The remaining
companies have one or more of the following strengths:
(1) large market share, (2) manufacturing economies of
scale, (3) technological innovation, or (4) overall financial
strength.

Conclusion

As the States restructure generation markets over the
next few years, utilities that cannot cover the operating
costs of their nuclear power plants will be forced either
to sell their nuclear units or to retire them prematurely.
Nuclear units for which operating costs can be
covered—including capital improvement costs—probably
will remain in operation, but it is unlikely that all their
sunk capital costs can be recovered. The inability of
plant owners to cover the plant’s full costs, including
capital costs, under restructuring, produces “stranded
costs.”

How the States deal with stranded costs among utility
shareholders, creditors, ratepayers, and taxpayers will
determine whether nuclear utilities face bankruptcy.
The stranded cost recovery issue will not, however,
greatly influence whether certain nuclear plants remain
in operation. The operational decision will be related
primarily to the costs of operating the plant versus the
costs of acquiring replacement power on the open
market. Issues such as the long-run price of electricity,
the supply of surplus capacity, the costs of compliance
with Clean Air Act regulations, and the opportunities
for greater savings in nuclear O&M costs will determine
the outcome of the decision. At this point in time, it
seems unlikely that the worst-case scenarios painted by
observers of the nuclear energy market will come to
pass. Most U.S. nuclear power plants currently are
competitive with other sources of electricity, and dereg-
ulation probably will not cause them to become less
competitive.

Average fuel costs make up just over one-quarter of the
electricity generation costs for nuclear power plants.
Nevertheless, the competitive environment created by a
restructured electric power industry will provide the
impetus for nuclear power generating companies to
focus on reducing all costs, including fuel. In addition,
if early retirements of nuclear power plants are brought
about by the economics of electric power restructuring,
the demand for nuclear fuel will be reduced. To com-
pete, nuclear fuel suppliers will be forced to reduce
prices or provide more efficient, customer-driven ser-
vices. After enduring a prolonged period of depressed
prices, many participants have already exited the
nuclear fuel industry. Further consolidation is expected
as companies seek to pool resources and spread the risks
of operating in a highly competitive environment.

1% BNFL, “Siemens and BNFL Agree Talks on Nuclear Co-operation,” press release (October 15, 1997).
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3. Challenges, Risks, and Opportunities for Natural
Gas from Electric Power Industry Restructuring

Introduction

The electricity and natural gas industries are related in
many ways. Historically, both have used coal to produce
manufactured gas and to generate electricity, which they
then distributed to end-use customers. Earlier this
century, electricity was substituted for gas as a source of
lighting. Starting in the 1920s and 1930s, electricity and
gas competed for water heating, space heating, cooking,
space cooling, refrigeration, and clothes drying services
as the quality of home appliances improved.

Today, natural gas is used to generate electricity,
especially during periods of peak demand, and it is the
preferred source of energy for most new capacity. Both
industries are also network industries, in which energy
sources are connected to energy users through a some-
times complicated path of transmission and distribution
lines. In the future, the two industries will not only be
related but also interrelated by new institutions, such as
futures'® and spot contract markets. The degree to
which natural gas will be a preferred energy source for
peak electricity generation needs in the near future, or
lose market share to electricity in the residential,
commercial, and industrial sectors will be determined
largely by these new institutions as well as the new
business practices.

Natural gas supply has developed into a commodity
market over the past 15 years, with active spot and
futures markets. Electricity has been moving in the same
direction during the past 5 years, with 2 futures contract
markets established in 1996 and more expected by early
1998. Moreover, the number of generally recognized
trading locations for electricity is growing.

The Federal Energy Regulation Commission (FERC) has
begun opening up the electric transmission system in a
way similar to that in which it opened up the interstate
gas pipeline system. The electricity commodity and its

transport are increasingly priced and provided as
separate services. FERC has also proposed institutions
for providing critical information—to be available to all
interested parties in the industry electronically and in
real time—about the price and availability of transmis-
sion space. Such information supports the development
of competitive markets.

Institutions such as futures contract markets and
electronic auction markets are important for greater inte-
gration of the natural gas and electricity industries. A
principal challenge will be to improve the integration of
the electricity and natural gas industries through these
institutions to provide further support for the develop-
ment of a competitive energy market.

This chapter discusses the importance of information
and public markets for an integrated commodity market
for gas and electricity and how electronic auction
markets support integration. Price volatility is also
examined, because it is both the source of growth for the
futures market and a key motivator for the efficient
allocation of resources. In addition, the growth of
futures markets for electricity is illustrated. Some
problems and challenges in the movement toward a
more competitive market are also pointed out. The
chapter ends with some general conclusions about
expected changes in price and in capacity requirements
for the gas industry as a result of electric power industry
restructuring. A key point is that new institutions in
both the natural gas and electricity industries are likely
to affect suppliers of gas to electricity generators.

Market Evolution

New trading practices, institutions, and environments in
the natural gas and electricity industries continue to
develop and evolve as regulatory barriers to more open
exchanges are removed. These new areas consist

13! Futures trading is used in this chapter as an illustrative example representing the overall group of financial instruments available

for managing price risk, such as options trading.
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primarily of trading environments. For natural gas, the
new institutions are futures markets, market centers or
hubs—both at particular locations and along pipeline
systems—and electronic auction markets. For electricity,
the new institutions are futures markets, power
exchanges, and the public reporting of prices and
volumes traded at key locations.

The growth of the new institutions is a consequence of
unbundling—of wholesale transmission and generation
service on the electric side and of production, wholesale
transmission, and storage on the gas side. These trading
areas and institutions will continue to grow in im-
portance and be modified, as electricity and natural gas
unbundling is extended to the retail market. Inno-
vations, such as electronic auction markets, have
developed to improve the performance of cash markets.
New institutions, such as futures contract markets, will
both complement and compete with existing institutions,
yet generally they will tend to improve the inter-
relatedness of markets for the two sources of energy.

Futures Contracts

The natural gas futures contract market has been a huge
success, as indicated by the impressive growth in
transactions. Every day there are about 200,000 contracts
outstanding (open interest), which, in physical terms,
translate into about 2 trillion cubic feet (Tcf) of natural
gas—equivalent to almost 10 percent of the natural gas
delivered in a year in the United States.

The growth of the futures contract market has provided
several important benefits to the natural gas industry.
First, it enables companies in the industry to manage
unwanted price risk affecting expected gas transactions
and thus protect themselves from some effects of price
volatility. Second, it allows industry participants to
discover readily the price of gas at any time, both for use
in the negotiation of contracts for the commodity and as
a clear reference point for price determination in
transactions scheduled under a contract.

The typical market evolution for most industries is that
active spot markets develop before futures markets are
instituted. In contrast to this precedent, two electricity
futures contract markets have been established even
before a very active spot market has developed. This is
a significant circumstance, because just as price dis-
covery on the natural gas futures markets motivates
exchanges of natural gas, price discovery on electric
futures markets is expected to motivate exchanges of
electric power both in kind and between natural gas and
electric power. A major hindrance to the development of

interfuel exchanges so far is that no electric futures
market exists in the eastern part of the country to
complement the highly successful gas futures contract
market for delivery at the Henry Hub in Louisiana,
which is well connected with many natural gas markets
in the eastern United States.

Scheduling and Other Business Practices

Restructuring of the electric power industry in the
United States is expected to influence business practices
in the natural gas industry. For example, the scheduling
of gas and transmission services (nominations) by
wholesalers of gas will most likely be for increasingly
shorter periods to better match operating and business
practices in the electricity industry.

Although natural gas is used extensively for peaking
service in electricity generation, gas contract terms often
are not consistent with electric power needs. Hence, the
amount of gas used for power generation is less than it
could be only because it is much more timely and much
easier to trade power than to purchase gas to generate
power. At times, traded power is used rather than
natural gas to satisfy a need even when generation from
natural gas would have been the preferred choice.

Peak electricity prices can often be three times as great
as nonpeak prices, and daily peak prices can increase
several-fold over several days. Such large price fluc-
tuations result in corresponding variation in the need to
dispatch gas-fired generation because of the shifting
relative economics. Consequently, rigidities in the
flexible use of natural gas for power generation can
cause significant lost opportunities for the industry. The
continued opening up of the electricity industry and the
increased availability of timely, reliable price informa-
tion will provide a growing incentive for gas suppliers
to shorten contract terms and increase the flexibility of
scheduling practices to capture opportunities for
expanded sales to the generation sector.

The Importance of Information in
Competitive Markets

Liquid Markets and Price Transparency

Price transparency provides consistent, reliable infor-
mation on market conditions to a wide number of
market participants. This knowledge reduces trans-
actional uncertainty and promotes a liquid market with
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ready buyers and sellers of the commodity. In the
natural gas and electricity spot markets, the condition of
liquidity is often inferred from the number of trades
completed, since information on bid and ask prices is
not yet available for many transactions. Simply stated, if
a market has few or no trades on a day, it is considered
an illiquid market. In an illiquid market, the amount of
commodity exchanged can be very small, even though
the amount of the commodity available to the market
may be great. In fact, significant amounts of the com-
modity may lie idle when an illiquid market develops.

Price transparency is important for liquid markets and
is especially important for markets that are inherently
price volatile. Only if there is good price transparency
will a sufficient number of buyers and sellers with
different needs and preferences for risk be attracted to
the market. A large number of candidate buyers and
sellers with good market information and with ready
access to transparent prices will be needed to support
the development of liquid electricity and natural gas
markets. Other things being equal, a significant number
of transactions reduce the likelihood that market
dominance will cause divergence between realized
prices and a valid market clearing price.

The price spread between electricity and natural gas in
markets with good information and many diverse par-
ticipants is likely, on average, to be relatively constant.
Exceptions will arise in periods of unexpected and
significant shifts in demand and supply of the com-
modities. At such times, either the price of electricity or
the price of natural gas will change significantly as
demand for or supply of either fuel reacts. For example,
if the electricity price increases significantly relative to
that of natural gas because of a significant increase in
power demand, there will be a tendency to purchase
additional gas for the generation of electric power, thus
raising the price of natural gas also. These changes in
supply and demand will promote efficient increases in
trade at critical times, as long as sufficient capacity is
available to produce and deliver the energy.

Real-Time Information

When the demand for a commodity is highly variable
between days (for example, because of difficult-to-
predict weather changes) and the commodity is viewed
as essential to quality of life, the relative value of real-
time information about the commodity is enormous. In
general, reliable market information supports the
development of competitive markets with numerous
exchanges between buyers and sellers. This includes not
only reliable price information transparent to a wide
number of industry participants in real time but also
general market conditions.

Knowledge of the current market price is important
because it promotes efficient behavior. FERC realized in
developing Order 636'*? that readily available informa-
tion would have great commercial and operational value
and would also support the development of competitive
markets. Thus, Order 636 prescribed that pipeline
companies “...provide timely and equal access to all
information necessary for buyers and sellers to arrange
for capacity reallocation.” Additionally, FERC itself pro-
vides electronic access to much data on jurisdictional gas
pipelines. Despite the intent of this activity, its
development to date has not met the original goal to
provide timely, comprehensive data useful to promoting
a competitive market for transmission services.

Information is made available by both the pipelines and
the FERC.** The companies post their tariff'** schedules,
available released capacity, and operational available
capacity on electronic bulletin boards (EBBs). The two
types of capacity information are used by interested
potential firm shippers in acquiring the associated
rights.”® The FERC maintains various information on its
EBB, including information on pipeline tariffs, the index
of customers, and the discount report. The index of
customers is a quarterly report on the applicable tariffs
and capacity used in firm transportation and firm
storage services on the first day of each 3-month period.
The discount report is a filing by transporters to FERC

132 FERC Order 636, known as the Restructuring Rule, was issued on April 8, 1992, and was designed to allow more efficient use of the
interstate natural gas transmission system by fundamentally changing the way pipeline companies conduct business.

1% The present discussion is based on a representative description of available information. Any characterization of data posted on
the EBBs by the companies or the FERC is subject to a number of exceptions, a number of which are identified. The general simplification

is adopted for illustrative purposes.

134 A tariff is a compilation of all effective and superceded rates, rate schedules, general terms and conditions of service and forms of
service agreements. While it contains a set of pricing alternatives, the tariff generally does not indicate the actual price paid for any

transaction.

135 While a shipper may use operationally available capacity to move gas, an accurate measure of operationally available capacity will
not be identified until the capacity release bidding and award processes are completed.
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that provides the customer name, the rate schedule for
service rendered, and the maximum and actual rates
charged for each customer that received a discount in
the previous billing period. The discount report does
not, however, provide the amount of capacity that is
discounted.

Since the tariffs do not specify charged transportation
service rates, the FERC and pipeline company EBBs do
not provide timely information on prices paid by
primary holders of transportation capacity. Therefore,
transportation market participants are unable to deter-
mine the actual price primary holders of capacity pay for
capacity prior to the start of service. In addition, bids
for released capacity are not required to be posted on
EBBs. The successful and unsuccessful bidders are
notified of the results the day before nominations for
service may take place. Further, capacity trades at the
maximum tariff rate or with terms of one calendar
month or less are exempt from the bidding process.
These capacity trades are not posted until the day
nominations for service may take place. In all cases, the
price information for natural gas firm transportation
service is available only after the close of the auction
process. Absent a comprehensive data source, the extent
and quality of gas market information on price and
transactions completed varies significantly between
companies. These information limitations are serious
impediments thwarting widespread, effective use of
EBBs to facilitate active trading.

The value of information is likely to increase over time
as the natural gas industry continues to shift toward
more streamlined operations under competition from a
regulated, cost-of-service business. As excess capacity
is reduced, the allocation problem becomes more
pressing. Price risks from bottlenecks or congestion
increase as available capacity declines relative to
expected demand, which is growing. As the electric
power industry evolves along similar paths, its data
requirements will expand correspondingly.

Electronic Auction Markets and Information

Technological innovation has advanced the evolution of
markets in a number of ways. A recent development
involves the use of electronic auctions to promote
efficient transactions in the cash market. In the past
several years, electronic auction markets for the natural
gas commodity have become increasingly common for
a large number of locations.

Prices are very transparent on auction markets.
Throughout the trading day, bid and offer prices and

quantities are posted. When a buyer accepts a seller’s
offer price or a seller accepts a buyer’s bid price that
completes the deal, it is clearly indicated by a visual cue.
At the end of the trading day, the aggregate amount of
gas traded and the volume-weighted price are computed
and transmitted to the trade press. The press then sends
this material in tabular and graphical form to its
subscribers, often with some additional commentary.
Reporting of summary data for a day looks very much
like the reporting of summary statistics in the Wall Street
Journal for commodities traded on futures contract
markets. This information and the right to trade gas are
available for any company that is willing to pay a fee to
the company for access to the auction market trading
platform.

Companies are willing to pay a fee for participation in
an auction market because it offers profit opportunities
and, in some instances, a means of hedging price risk by
fixing the price of gas (see box in the following section).
Other companies are willing to pay a slightly reduced
fee just to view the price information and not to trade.
Some companies also subscribe to electronic data
services, such as Bloomberg's, which provide price and
other market information throughout the day from a
wide variety of sources.

Before the advent of public auction markets, most
companies in the industry relied on either futures
market or trade press information for price discovery.
This reliance had certain shortcomings. Futures prices
represent the price at a particular location, which is not
necessarily the location where a company would like to
make or take delivery. If there is a uniform differential
in futures prices between locations, changes in futures
prices between days at one market may be thought also
to represent price changes at other locations. However,
the usual relative price structure between locations may
not prevail under all circumstances, even for markets
that are geographically near each other. At such times,
the use of a single market price signal likely will lead to
inappropriate supply or demand response in the other
markets, distorting market behavior and often leading to
profits or losses not commensurate with local market
conditions. Nonetheless, futures markets are the most
general and accessible source of price information, and
there are ways to mitigate the impact of this source of
price risk. Trade press data for particular locations also
are subject to misreporting and measurement error.

Although public auction markets are just now being
developed in the electric power industry, their sig-
nificant growth in the natural gas industry (Figure 14)
may inspire further development for electricity. Not
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Figure 14. Auction Markets, January 1996 -November 1997
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Price Risk Exposure in Auction Markets

A company having the capability to engage actively in both buying and selling a commodity, such as natural gas, must consider
the price risk implications associated with activities in an auction market. Consider an electric utility using gas for power
generation. The company assesses its daily requirements and signs a contract to acquire its average requirement for a specified
time period at an agreed upon price. The company then buys natural gas whenever its current needs are above its average
requirements and sells gas whenever its current needs are below its average level.

If the utility developed an unbiased estimate of its expected average requirements, those requirements are symmetrically
distributed about that estimate, and the price the customer pays is independent of the utility’s incremental demands, then the
sums of the incremental amounts that it receives and pays by following this strategy should be equal. Thus, the price it pays for
natural gas during the term of the “average requirements” contract is the contract price for gas. However, the necessary
conditions are quite restrictive, and the utility remains open to other possible outcomes. If its price is negatively correlated with
its incremental demands then there should be a net gain associated with this strategy.

The above strategy would be a disaster for a customer with incremental demands that are positively correlated with price, such
as significant space heating demands. Further, if the estimate for its requirements is not unbiased with a symmetrical
distribution, the incremental amounts from subsequent resales and purchases may not offset, thus shifting the average price
for the utility up or down correspondingly.

These factors can be used as the basis for an acquisition strategy that attempts to optimize the expected return to the utility,
but it involves a complex set of factors under uncertain conditions. Such strategies may mitigate potential price risk impacts,

but they do not assure effective price risk protection.

surprisingly, companies involved in providing natural
gas trading platforms (computer software support,
credit rating checks, accounting and other services) have
plans to provide similar platforms for the electricity
industry. In fact, it is likely that electricity and natural
gas will be trading on the same screen in a few years.

Price Volatility

Price volatility refers to rapid and significant price
variability. Volatility can be measured as relative devia-
tions around an average price value. Volatility is
commonly higher for electricity and natural gas than for
other commodities. Most commodities exhibit price
volatility of less than 20 percent, whereas the average
price volatility for natural gas and electricity generally
exceeds 40 percent (Figure 15). For example, the average
price variability during the 8-month period from
November 1996 through June 1997 was about 45 percent
for natural gas and for electricity, more than twice that
for other commodities. The volatility for natural gas
declined between December and May, but the volatility
for electricity remained fairly constant.

The decline in the volatility of natural gas prices in the
spring could reflect the simple fact that natural gas
prices are influenced greatly by temperature, the
variability of which is at its lowest in the spring. Natural
gas, much more than electricity, is used for space
heating, which is a very temperature-sensitive use of

energy. On the other hand, electricity price variability
is influenced not only by temperature variability but also
by unplanned outages of generators and a greater
number of transmission problems. In addition, the
inability to store electrical energy means that buffer
stocks are not available to respond to unexpected
contingencies throughout the year.

The Need for Futures Markets in Price-
Volatile Spot Markets

Significant amounts of price volatility in a market
support the development and growth of futures markets
because of the great price risk in such markets. Price
volatility is a fact of economic life in deregulated com-
modity markets, subject to the whims of nature and
other forces outside an industry’s control. Companies
need to manage price risk so that they can both con-
centrate their energies on other aspects of their business
and protect income streams for investments. Hence,
futures markets have been developed as a way to
manage price risk. Because of the great volatility in
natural gas markets, the growth of the natural gas
futures market has been phenomenal. Most recently, the
growth in the electricity futures contract markets has
also been impressive (Figure 16).

Important factors for the development of a futures
contract market typically are the availability of a
standardized product and an active spot market. Spot
markets for natural gas have developed all across the
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Figure 15. Volatilities for Natural Gas (Henry Hub) and Electricity (California-Oregon Border)
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Figure 16. Electricity Futures Contracts
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United States as the industry has become increasingly
competitive. Natural gas and electricity are both highly
standardized commodities. In fact, standardization is
necessary in both industries to avoid operational
problems. The characteristics of natural gas are similar

in different markets scattered across the United States.
This, in part, explains the growth in the volume of
transactions on spot and futures markets for the
commodity. There is usually much more variability in
the characteristics of such well-known commodities as
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corn and wheat at different locations than there is for
natural gas and electricity.

Because location is an important attribute even for a
homogenous product, a delivery point must be
established for futures trading. The location chosen for
a delivery point for a futures market is usually where
there is a very active spot market and where delivery
problems are not likely to occur. Even though futures
contracts are primarily financial instruments for price
hedging or fixing the price of energy, deliveries through
a futures contract do, in fact, occur, and when they do
occur, the futures exchange has a great interest in
maintaining ease of delivery.

Futures markets thrive on the frequent exchange of
futures contracts. Frequent exchanges, in turn, are
motivated by inherent price volatility and supported by
market liquidity. An important objective of the futures
contract market is to obtain broad and extensive
involvement of the industry, which will support the
liquidity of the market. Because participation is
supported by the availability of information, futures
contract markets are information-intensive markets. As
new information is received about the condition of the
markets, participants in the industry open and close out
positions on the futures contract market, which again
provides support for liquidity.

The futures exchanges want to involve every part of the
industry—both buyers and sellers of the commodity—in
hedging instruments, so that it will be easy for
companies to open and close out futures positions at
current prices. However, the futures exchange gov-
erning board understands that the industry participant
will want to take delivery at times. In these arrange-
ments, delivery capability should never be an issue or
else the industry participants may lose interest in the
futures contract market, which may reduce its
liquidity.3®

In fact, recent growth in the electricity futures market as
measured by the number of contracts was influenced in

a significant way by an increase in the number of
deliveries through futures contracts and the number of
“exchanges of futures for physicals” (EFPs) (Figure 16).
In EFPs, companies use opposite futures positions to
help complete deals in the cash market. In an EFP, a
prospective buyer opens a long futures position
(equivalent to buying a futures contract for forward
delivery) and a prospective seller opens a short futures
position (equivalent to selling a futures contract for
forward delivery).

The great appeal of the futures contract market is the
superb price discovery associated with it and the
capability of a buyer and a seller to arrange delivery
some distance from the location of the delivery point for
the futures contract. They accomplish this by negotiating
the difference between the price on the futures contract
market and the price at the location where they would
like to complete an exchange. This type of arrangement
is possible because both parties at different locations
have the same price information available to them. They
also alert the futures exchange that they intend to do an
EFP, documenting the planned exchange. They simul-
taneously close out their opposite positions on the
futures contract market when they complete the deal on
the cash or physicals market.

While growth in standard deliveries can be viewed as
positive from the point of view of a market providing a
service, it is also suggestive of the stage of development
of the electricity spot markets. If the market for 1-month
deliveries of peak service (the specifications for delivery
under a futures contract) had broad market participation
and the futures and cash prices were converging, then
participants in the futures markets would close out their
positions and not take delivery through the futures
contract, because delivery through a spot contract
ordinarily would allow them more flexibility in terms of
delivery options. Moreover, if price discovery and the
delivery mechanism for 1-month peak deliveries at a
large number of locations were good and the number of
market participants were large, then EFPs would
generally not be used to effect exchanges.

1% A company uses the futures contract market by opening a position on the futures market that is consistent with its position in the
spot market. For example, if a company intends to sell power a month from now and wishes to fix the price today, it will sell a contract
for forward delivery at a price quoted on the futures market for delivery in the forward month (called a short position on the futures
contract market). If a company intends to buy power a month from now and wishes to fix the price today, it will buy a contract for forward
delivery (i.e., open a long position). When a company opens a futures position, it has to pay a broker for handling the transaction and also
has to post margin (a type of down payment) with the brokerage firm. The amount of margin varies with price volatility and also changes
over time as the current price of the commodity on the futures contract differs from the price when the company opened its position.
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Convergence of the Natural Gas
and Electricity Markets

New Institutions

In the restructured electricity industry, the independent
system operator (ISO) will be an institution for pre-
serving the operational integrity of the electricity
transmission system in the short term. The I1SO will be
independent of the transmission companies that use its
services. In the natural gas industry, the pipeline com-
pany, which provides services similar to those provided
by an electricity transmission company, is responsible
for the operational integrity of the pipeline system.

The fact that the pipeline company remains responsible
for the operational integrity of the pipeline system has
created concern in some segments of the gas industry
and complaints at FERC concerning possible affiliate
abuse. Concern arises that a pipeline company has an
extensive catalog of detailed transaction records
regarding the gas requirements and purchasing practices
of many, if not all, participants in the traditional markets
served by the pipeline. The marketing affiliate of a
pipeline, being staffed generally by former pipeline
personnel, may have a sizeable competitive advantage in
gaining market share. Further potential abuses can arise
if the pipeline company and its affiliate do not operate at
“arm’s length.” Some possible abuses stem from the
pipeline company’s possible access to certain real-time
information on the utilization of the pipeline system. In
addition, the pipeline company can impose penalties
based on this and other information.*” Other companies
complain that this access to information and the right to
impose penalties could result in benefits to the
marketing affiliate of a pipeline company.

In the electricity industry, the open access same-time
information system (OASIS) requires all bid and ask
prices for transmission space to be posted, including the
capacity contracted for under a transmission company's
tariff (primary capacity) and the primary capacity leased
to another party on a capacity release market (secondary
capacity). Regulatory reform of the gas industry led to
adoption of electronic bulletin boards (EBBs), which are
that industry’s precedent to the electric power industry’s
OASIS. However, as discussed previously in this
chapter, the gas industry EBBs generally have suffered
from a number of inadequacies related to their

information content and associated processing capa-
bility. At best, actual rates paid by holders of gas
transportation service are posted only after the fact, if at
all. These information limitations are serious impedi-
ments thwarting widespread, effective use of EBBs to
facilitate active gas trading.

The information available for the electric and gas
industries is not equivalent in extent or quality. As the
electricity and natural gas industries continue to move
toward markets in which different types of energy are
increasingly substituted for one another, depending on
price, and where an increasing number of companies are
regularly exchanging both types of energy to lower costs
and remain competitive, this disparity in information
may become a growing issue. On the one hand, more
complete posting of information in electric power
markets may encourage the gas industry to report
similar, more complete information. The motivation for
change in this case would arise if companies believe that
there are significant profits to be gained from taking
advantage of differences in current supply and demand
conditions in various energy sectors by substituting
energy sources whenever changes in relative prices
indicate such action would be wise. On the other hand,
companies in the gas industry may resist the release of
more information because they perceive greater com-
petitive advantage in exploiting other information while
details regarding their own transactions remain con-
fidential.

Exchanging Natural Gas and Electricity and
the Nomination Process

In the past several years, natural gas companies gen-
erally have needed to nominate for specific amounts of
pipe space a day ahead of time before they could ship
gas. In the spring of 1997, the industry moved to allow
for intra-day nominations, whereby a company could
arrange for shipments of gas on the same day it
purchased the gas. This is a major step forward, with
clear advantages for market participants to respond with
minimal delay as conditions warrant.

The electricity industry already has a sizeable daily
market in which power is actively traded on an hourly
basis as needs change. The greater frequency at which
electricity is traded reflects both the larger size of the
hourly loads faced by particular companies and a much

137 The pipeline company has the right to impose imbalance penalties when a company has taken more or less gas than authorized
under a contract. In theory, a pipeline might structure these penalties in such a way that it could penalize a group of customers

substantially without impacting its marketing affiliate severely.
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greater need to balance the loads on the electric system
throughout the day to avoid operating the system
beyond its limits.

The electricity industry has few options to adjust power
supplies, in contrast to the gas industry, where the
options include taking gas out of storage and changing
compression within segments of the pipeline system.
The inability to store electricity efficiently requires oper-
ators to meet consumption variations by dispatching
fewer or more generation units. Broader tolerances for
operating a gas system provide greater operating
flexibility, which allows operators to prepare the system
in a way that will allow them to better position them-
selves to serve anticipated demand or shifts.'®* For
example, gas transmission and distribution companies
can prepare for a demand rise by increasing line
pressure, thus “packing” the lines with extra compressed
gas. Additionally, deliveries can be drawn from gas
stored in facilities stocked during the off-peak period.

Whether the gas supplies are stored in the line or in
recognized storage sites, they are an important source of
gas at peak. Flexible options are also available in case
the demand does not develop as expected. The company
can sell the gas on the spot market, divert it into an
alternative storage site, or use “parking services” for the
gas from a market center. A utility usually has some
time to adjust its takes of gas to reduce any imbalance
that develops on the pipeline system because of taking
less gas than expected. These operational options do not
exist for electricity transmission.

Market Centers and Exchanges of Gas and
Electricity

Exchange of a commodity is naturally encouraged at a
location where there are pipeline or electric transmission
interconnections. The natural gas and electric industries
have several locations at which many pipelines or trans-
mission lines interconnect. In the natural gas industry, a
good example of such a location is the Henry Hub in
South Louisiana, where standard deliveries through
futures contracts occur. Exchanges are also encouraged
along those pipeline and transmission systems where a
large number of users have complementary needs and
where contract sizes are small, various contract terms
can be readily accommodated, and the needs of the
users change unexpectedly over time.

Contractual simplicity is an important factor influencing
activity. For example, if several companies use a master
contract in which only price, delivery, and receipt points
need to be negotiated to complete a deal, it will
encourage a much larger number of trades than there
would be otherwise. Areas along pipeline or trans-
mission systems where frequent exchanges of the
commodity occur are often described as “pooling points”
or “market centers.”

Suppliers of natural gas and coal to electricity generators
increasingly track the price of power at different
locations in real time. When the price of electricity rises
significantly at a location, they attempt to sell more gas
or coal into a market near the location, sell gas to a
particular generator near the location, or transport gas
or coal to a particular generator and arrange to have the
generator produce more power. In the latter case, the
gas supplier may also arrange to sell the power—a
practice known as “tolling.” In a sense, these activities
represent a race for generation, in which natural gas has
the advantage over most other energy sources because
of its greater operational flexibility and the ease with
which incremental gas supplies can be moved to
generators.

Another advantage of trading natural gas to generate
power instead of trading power to satisfy demand is that
it reduces the chance of congestion problems along
transmission lines. Instead of moving power great
distances over transmission lines, natural gas can be
distributed to generators near markets experiencing
significant unexpected shifts in demand for electricity.
Since such shifts in electricity demand are more likely to
occur in the summer, when significant space is available
on gas transmission lines, this strategy implies a better
use of industry infrastructure.

A good example of a market center along a pipeline
system is Transco-Zone 6, which extends from Northern
Virginia to New York City. Every day within this area
many exchanges of gas are made between companies
whose daily requirements vary from their daily rights to
gas. Thus, a shipper who has an unexpected need for gas
can balance it through exchange with a shipper who has
an unexpected reduction in its requirements. Accord-
ingly, the price statistics reported to the trade press for
Transco-Zone 6 are considered to be reliable because
they generally represent a large number of exchanges.

138 1n the case of unexpected demand or supply shifts, the operational flexibility often allows operators along the system to react to
changes without requiring these responses to be immediate. Delayed reaction to variation in electricity consumption can result in system

collapse.
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A good example of a trading area for electricity is the
area near the Pennsylvania, Maryland, and New Jersey
borders, designated PJM. This location is accessible to
many utilities and other large customers in the area.
Many of the major consuming centers within the PJM
area also are included in Transco Zone-6. The rough
geographic coincidence of these markets allow a
comparative analysis of gas and electric prices to assess
the potential for interfuel trading opportunities for
operators in these markets.

The prices for the two fuels in this area have striking
differences (Figure 17). The electricity price series is
more volatile than the natural gas series and, overall,
tends to be higher. If the average difference is sufficient
to compensate for conversion loss and additional capital
charges, there would appear to be profit opportunities
for companies that use natural gas to generate electricity
in this area.

The largest price spikes for electricity occurred in June
and July, which is a nonpeak period for gas prices,
providing arbitrage opportunities favoring electricity
over gas. The largest gas price spikes occurred in
December 1996 and January 1997, when electricity prices
also surged, but not to the same degree. An examination
of weather data indicates that temperatures were
significantly below normal at those times. This suggests
that very low temperatures similarly affect both prices
in this area, but gas prices so much so that the usual
relation is reversed, with natural gas prices above
electricity prices. Thus, it would be valuable for
electricity generators that depend on natural gas for
peak generation to avoid spot market purchases with
their high associated prices at such times.

Power trading is likely to grow in importance as the
electricity industry continues to be restructured at the
wholesale and retail levels. As the market for power
becomes more open, with broader industry participation
and competition, sellers of power will be strongly
motivated to seek out the least expensive supplies. The
net impact of increased power trading on gas use for
electricity generation remains to be seen. As more
power is exchanged between parties to satisfy peak
load demands, the demand for peaking generation—and
for the natural gas that is used heavily for peak-load
power generation—will be reduced. It does not
necessarily follow, however, that reduced use of natural
gas at one generation facility will result in the use of a
different fuel elsewhere. The fluid exchange of fuels and
power, both within and between the markets for each,
will facilitate trades that can realize locational
advantages in generating power from the same fuel but

in different markets. Such trades may be the preferred
outcome whenever the price differentials between
markets are sufficient to compensate for the incremental
transmission charges.

Challenges for the
Natural Gas Industry

The trading of electricity and natural gas is not nearly as
synchronized as it could be. The amount of trading in
electricity and natural gas needed to enable these mar-
kets to take advantage of arbitrage opportunities is less
than it could be, limiting the liquidity of both markets.

The terms of the shortest-term natural gas contracts tend
to be much longer than the terms of the shortest-term
electricity contracts. The difference in terms of trade is
such that a difference in price that may have inspired a
decision to purchase natural gas for electricity genera-
tion may erode significantly by the time the exchange
agreement is completed. In the worst case, a company
could be motivated to contract for large incremental
supplies of natural gas because electric power is selling
at a much higher price than natural gas; however, when
the company began receiving the gas for power
generation, it might discover that the price of natural gas
has risen to a prohibitive level relative to the price of
electricity.

When the terms of gas contracts become shorter, when
deliverability and flexibility improve, and when nomina-
tions for gas and electricity are better synchronized
within days, a greater number of trades can be com-
pleted. As a result, the level of price volatility could be
reduced, and the chances of regular price convergence
could be increased.

In order to promote exchanges, it is important that
transaction costs be a small proportion of the cost of
exchanging power and natural gas. Reduction in trans-
action costs will tend to occur when contracts become
increasingly standardized across natural gas and elec-
tricity. Only when such standardization occurs will a
Btu market with broad industry participation emerge.

Business practices for contracting exchanges of natural
gas for electricity have changed extensively in the past
5 years. Prior to the 1990s, electricity prices were based
on the cost of the energy needed to generate electricity
plus any additional direct and indirect costs of getting
the energy source to the generation plant. When
electricity prices are based on current supply and
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Figure 17. Spot Prices, November 1996 -December 1997

Natural Gas at Transco-Zone 6 and Electricity at PIM
120

| |
—— Electricity — Natural Gas

100 — ﬁ

60

o —"o

——

40

20

0
Oct Nov Dec Jan Feb Mar Apr May Jun Jul Aug Sep Oct Nov Dec

e

Dollars per Megawatthour

‘34
"
—9
h S
o

1996 1997

Difference Between Transco-Zone 6 and PJM Electricity
100 -

80 l

2]
o
|

N
o
|

11

: RORY,;
i “

N
o
|

%

Dollars per Megawatthour
——9,

-20

-40

Oct Nov Dec Jan Feb Mar Apr May Jun Jul Aug Sep Oct Nov Dec
1996 1997

Notes: PIM represents an area near the Pennsylvania, Ohio, and Maryland border where many power exchanges are made.
Transco-Zone 6 represents the portion of Transco Pipeline Company from Northern Virginia to New York City. The heat rate used
to convert the Transco-Zone 6 price to megawatthours (MWh) is 7.5 MMBtu per MWh.

Sources: PIM: The McGraw-Hill Companies, Inc. Power Markets Week (various issues). Transco-Zone 6: Pasha Publications,
Inc., Gas Dalily (various issues). Differences: Energy Information Administration, Office of Qil and Gas, derived from The McGraw-
Hill Companies, Inc., Power Markets Week, and Pasha Publications, Inc., Gas Daily.

Energy Information Administration/ The Challenges of Electric Power Industry Restructuring for Fuel Suppliers 55



demand conditions, the most economical and oper-
ationally flexible energy source will be used for
generation.

It is likely that metering and measuring gas flows
throughout the industry will be increasingly important
as more frequent exchanges of energy take place
between participants in the marketplace. The increased
importance of metering will also be a response to
improved price information as price responds more to
short-run shifts in demand and supply, especially
because there will be more short-term contracts for
natural gas and electricity being traded.

Peak load pricing likely will become increasingly
common in the electricity and natural gas industries as
market information is passed on to customers. When
peak demand prices are much greater than average
prices, this type of pricing should reduce electricity
demand at peak times. If a significant portion of peak
demand is satisfied from natural gas turbine generators,
the demand for natural gas will increase.

Reliable information on price, available during the day
to many participants in the industry, will lead to better
allocation of the commodity. In the longer term, it will
lead to better allocation of capital, because the industry
will have additional price information for deciding
where additional pipeline and transmission capacity
should be placed. As a result, the average costs of
transportation and services should be reduced, as well
as the amount of planned generating capacity required
as the electric power industry moves from a highly
regulated market to a less regulated one. Thus, in
general, both planned capacity and average prices for
the natural gas and electricity industries are likely to be
reduced in the future. These positive outcomes are likely
to occur only if reliable information on current market
conditions is readily available, prices are transparent,
and market institutions for gas and electricity are
designed to respond to short-run shifts in supply and
demand.
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4. Impacts of Electric Power Industry Restructuring
on Crude-Oil-Derived Fuels

Introduction

Many products are derived from crude oil, and they
serve many different markets. The transportation sector
is the largest market for petroleum fuels (66.2 percent of
petroleum consumed in 1997), followed by the industrial
sector (25.5 percent of petroleum consumed), the resi-
dential sector (6.0 percent), and the utility sector (2.3
percent). Of the fuels produced from crude oil, distillate
fuel oil, residual fuel, and petroleum coke are most likely
to be affected by electricity deregulation. Overall, how-
ever, there should be little impact on crude-oil-derived
fuels.

Petroleum use by utilities is small and has been dimin-
ishing (Figure 18). Similarly, petroleum fuels only about
2 percent of electric utility generation. Most of the
petroleum fuel burned by utilities is residual fuel oil,
which is a low-valued product whose markets are dis-
appearing, making it economical for refiners to convert
the fuel to other products. In 1997, residual fuel repre-
sented only 4.8 percent of all petroleum products
consumed, and utilities accounted for about 38 percent

Figure 18. Utility Consumption of Fossil Fuels,
1965-1996
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July, 1997), Table 8.5.

of total residual fuel consumption. The small impact of
deregulation on petroleum products will most likely be
from:

e Utilities having more flexibility and stronger
economic incentives to use the most economical
fuels

® Oil companies having more options for dealing
with their low-valued fuels, such as high-sulfur
residual fuel and petroleum coke.

Utility Use of
Crude-Oil-Derived Fuels

Once the utility industry is past the transition from a
regulated to a deregulated industry, competition should
increase. Fuel adjustment clauses will disappear, and
utilities will be under more pressure to find ways of
reducing their operating costs. Fuel costs, which
represent more than 75 percent of production costs for
fossil-fueled generating units, are a major target for cost
efficiency improvements.

Utility Fuel Costs

Utilities’ use of fossil fuels has changed over the years as
economics and regulations among the fuels have
changed. In general, coal has been the cheapest fossil
fuel on a Btu basis and the major fossil fuel used by
utilities. The utility sector is also the largest end-user for
coal. Coal is burned in generating units serving base
load. Petroleum in the form of two products, residual
fuel oil and petroleum coke, is also used to serve base
load, although petroleum coke comprises very little of
the utility petroleum fuel being used (5.0 percent in
1997).

From the mid-1960s through the oil embargo of 1973,
utility use of residual fuel oil grew from about 0.3
million barrels per day to 1.4 million barrels per day
(Figure 19). The accessibility and relatively low price of
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Figure 19. End Uses of Residual Fuel Oil,
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residual fuel were attractive until the embargo sent
prices spiraling upward. Utility consumption declined
for several years, then began to grow again until the next
crude oil price increase in 1979-1980. During the 1970s,
natural gas curtailments during the winter, and even
sometimes during the summer when winter stocks were
being built, caused utilities to turn to petroleum, even
though natural gas prices were more attractive.

After the crude oil price increases of 1979-1980, utility
use of residual fuel plummeted. Although consumption
showed some strength again after crude oil prices
declined in 1986, utility consumption fell during the
1990s as residual fuel lost ground to other fuels, such as
natural gas. The Powerplant and Industrial Fuel Use
Act of 1978 discouraged use of natural gas, even though
residual fuel prices outstripped natural gas prices.
Natural gas use declined slightly while the Fuel Use Act
was in force, but the Fuel Use Act was repealed in 1987.

Natural gas has become more appealing during the
1990s because of its low price, availability, and environ-
mental attractiveness (Figure 20). It is used for all load
applications from base load to peaking power,
competing mainly with residual fuel, coal, nuclear, and

Figure 20. U.S. Fossil Fuel Consumption,
1965-1996
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hydropower for base load, and with distillate fuel oil for
peak power needs. In addition to utilities, natural gas
has been the fuel of choice for nonutility generators;
more than 50 percent of the electricity being generated
from nonutilities comes from natural gas.

Petroleum coke comprises a small part of utility fuel
consumption, but increasing coke production, resulting
from increasing residual fuel conversion and falling
prices, is making this product attractive to some utilities.
Supply is adequate for substantial utility growth.
Utilities used only about 19.2 thousand barrels of petro-
leum coke per day in 1997, but 306 thousand barrels per
day were exported, most of which were green coke (fuel-
grade coke). The price of green coke'® is reported to
have fallen from as high as $50 per ton (nominal freight-
on-board U.S. Gulf Coast) in the early 1980s to $6 per
ton in 1996. The average delivered cost of petroleum
coke to utilities in 1996 was 78.2 cents per million Btu,
compared with the average delivered price of coal at
128.9 cents per million Btu.}*® Although coke’s fuel
properties are different from those of coal, it is being
blended with coal in some facilities without the require-
ment of substantial equipment modifications.

1% Different kinds of petroleum coke are produced and used in different markets. Green coke is the form of coke used as fuel. Some
green coke is calcined (pyrolized above 2600° F) to remove the volatile materials and create a high carbon-to-hydrogen ratio material that
can be used in producing graphite and carbon electrodes and anodes. Most of the coke consumed in the United States is used for anode
manufacture. Less than 10 percent of the fuel-quality green coke produced domestically is burned as fuel domestically. In 1997, utility
use of petroleum coke represented only 5.1 percent of total petroleum coke demand. Green coke is generally calcined or exported.

140 Energy Information Administration, Cost and Quality of Fuels for Electric Utility Plants 1996, DOE/EIA-0191 (Washington, DC, May

1997), Table 31.
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One other factor affecting the price of residual fuel and
petroleum coke relative to other fuels that is not evident
in the aggregate figures is the environmental quality of
the fuels. Utilities use little high-sulfur residual fuel oil.
Generally, the share of residual fuel oil receipts con-
taining more than 1 percent sulfur has remained less
than one-third (32.5 percent in 1985, 29.0 percent in 1990,
27.8 percent in 1995, and 33.0 percent in 1996).'%* Because
utility residual fuel use, including that of high-sulfur
residual fuel, has been exhibiting a downward trend,
and there is a general move to reduce sulfur in all fuels,
the market for high-sulfur products is shrinking. The
markets for fuels with low environmental quality are
disappearing internationally as well as domestically,
leaving refiners with products that are more difficult to
sell at a profitable price.

Utility Actions To Reduce Fuel Costs
Affecting Petroleum Fuels

The strategies employed by utilities to reduce fuel costs
that could affect petroleum-based fuels include:

® Repowering old, underutilized, fossil-fuel plants

e Increasing fuel flexibility by installing technologies
that allow for burning multiple types of fuel or by
blending fuels, such as petroleum coke with coal,
when it is economical

® Revisiting contracting and inventory policies to
take the best advantage of market opportunities
while balancing market risk.

Repowering

As utilities look ahead to increased competition, they are
scrutinizing their old, underutilized facilities for cost
improvements. Many old plants are not cost competi-
tive on a marginal basis and therefore are run only at
low capacity utilization. Utilities are determining what
is the best cost strategy: continuing to run as is,
refurbishing, retiring, or repowering. In the case of oil-
fueled units, retiring or repowering would further
reduce the demand for residual fuel.

Repowering involves replacing all or part of the steam
supply system in a plant with a new steam supply
system that is usually technologically different. Other

portions of the plant are then refurbished and reused.
The purpose behind repowering is to increase plant
capacity at a competitive cost and to improve heat rate,
thereby improving total plant efficiency while reducing
emissions. For example, old coal-, oil-, or gas-fired
boilers are candidates for replacement with efficient gas
turbines and new heat-recovery steam generators in a
combined-cycle system. The Electric Power Research
Institute (EPRI) reports that, to date, gas repowering has
been used heavily in areas where gas and oil are used
for intermediate and baseload generators, such as Cali-
fornia, Florida, and the mid-Atlantic States.**? In 1996,
these areas accounted for more than 56 percent of the
petroleum fuel burned in steam turbine prime movers.'*
Most of the petroleum used was residual fuel oil.

Of the 263 thousand barrels per day of residual fuel oil
consumed by utilities in 1996, about 127 thousand
barrels per day was used in units that began commercial
operation more than 25 years ago, including units that
use residual fuel as an alternative fuel. The figure
provides an upper bound on residual (fuel oil) demand
that might disappear as a result of repowering or
retiring. This potential “at risk” demand represents 15
percent of the total residual fuel consumption in 1996 in
all sectors (848 thousand barrels per day). Although
changes from repowering and retiring units would not
occur quickly, electricity deregulation is likely to hasten
the changes. The substantial amount of “at risk” utility
residual fuel (oil) use reinforces the continuation of a
diminishing market for this product.

Increasing Fuel Use Flexibility

Another means of saving on fuel costs is to make use of
technologies that can burn multiple fuels, such as gas-
ification units. Use of such technologies by utilities will
serve only to depress the use of residual fuel as long as
its price remains at a premium relative to the prices of
other fossil fuels.

Fuel blending, however, is providing opportunities for
petroleum coke, which can be more economical than
coal. Utilities with pulverized coal plants or gasification
units can make use of petroleum coke blended with coal.
Florida utilities, which are located close to the major
coke-producing refineries on the Gulf Coast, have been
showing interest in burning coke blends. Tampa Electric

! Energy Information Administration, Cost and Quality of Fuels for Electric Utility Plants 1996, DOE/EIA-0191(Washington, DC, May

1997), Table 10.

142 T, Moore, “Repowering as a Competitive Strategy,” EPRI Journal, Vol. 20, No. 5 (September/October 1995).
4% Energy Information Administration, Electric Power Annual 1996,Volume 1, DOE/EIA-3048(96)/1 (Washington, DC, August 1997),

Table 16.
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Company has completed test burns and is soliciting fuel-
grade petroleum coke to use in a 20-percent blend with
coal in its Big Bend Units 3 and 4. Seminole Electric
Cooperative received approval to burn coke blends of
up to 30 percent in its generating station and began
using some petroleum coke in 1997. Florida Power
Corporation is also exploring the possibility of burning
small blends of coke (5 percent) in its Crystal River Units
1 and 2. Florida Power feels that, even at that low blend
percentage, it could save more than $1 million a year;
however, the company is running into permitting
problems over concerns that the coke is high in sulfur
content and the Crystal River units do not have
scrubbers. Outside Florida, coke blending is being used
in other plants, including American Electric Power
plants in Ohio and plants owned by Northern Indiana
Public Service Company.1#

Fuel Purchasing and Inventory Policies

As deregulation proceeds, utilities will be looking at
their purchasing and inventory policies as a means of
managing fuel-cost risk. The spur of competition is
reasonably expected to result in the more economical
use of inventories, with benefits for the electricity
consumer. In addition, these managerial developments
may benefit distillate fuel oil markets, especially in the
Northeast. With the supply-demand balance under
stress during peak winter months, fuel purchasing and
inventory policies have encouraged some utilities to buy
more than needed immediately and at uneconomical
prices. What has concerned other users of distillate fuel,
particularly the many residential users of heating oil, is
how much utilities want to buy during such periods and
what prices they are willing to pay for the last barrel.
The consequences for available supply and marginal
prices affect the entire heating fuel market.

Utilities generally rely on distillate fuel to meet peak
demand, competing with distributors supplying the
residential and small commercial heating fuel markets at
the same time. With interruptible natural gas contracts,
the utilities must buy more distillate fuel during peak
periods in lieu of curtailed natural gas. During the
regulatory period, the inventory policies of some utilities
have encouraged or even required purchases in excess
of the immediate need to generate electricity to maintain
minimum stock levels or at least slow down the net
stock draw.

How much utilities are willing to pay for distillate fuel
has been influenced by fuel adjustment clauses that
allow utilities to pass fuel costs through to consumers
without a full rate hearing. This has reduced the
financial risk to utilities of bidding at high prices during
peak demand periods, regardless of near-term weather
and market prospects. Utilities also have more latitude
than heating oil dealers to bid higher prices for distillate
fuel, since the price of distillate represents a small part
of the overall cost of generating electricity. Hence, end-
use consumers of electricity are less affected by increases
in the price of distillate than are heating oil customers.

Only the minimum stocking requirement and fuel
adjustment clauses are expected to change given deregu-
lation, but those changes should be sufficient for utility
actions to change. In a deregulated environment, utilities
will want to optimize how they buy and stock distillate
fuel, using futures markets and financial devices for
hedging and minimizing cost without jeopardizing their
ability to meet customer needs.

In the past, how the utilities have purchased and stocked
distillate fuel during periods of peak demand has
reduced the volume of fuel available to meet immediate
total demand and has put upward pressure on the spot
price in the Northeast. This was particularly the case in
the severe winter of 1989-1990 (Figure 21),* during

Figure 21. Prices of No. 2 Heating Oil, Winter,
1989-1990
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Source: Energy Information Administration, Petroleum
Marketing Monthly and Platt's Oilgram Price Report, the
Computer Petroleum Corporation, and the Energy Information
Administration Telephone Survey for Heating Oil Prices.

144 C. Jones, “Fuel Management,” Power (January/February 1997), p. 25.
138 Energy Information Administration, An Analysis of Heating Fuel Market Behavior 1989-1990, SR/0G/90-01 (Washington, DC, June

1990).
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which the heating oil customers had to pay for a greater
run up in the bills to heat their homes and small
businesses than did electricity or natural gas users, in
part because the heating oil customers had no capability
to convert to another fuel. The changes in fuel pur-
chasing and inventory management alone during normal
market conditions should give utilities more incentive to
avoid bidding prices up during periods of market
stress.*® As the behavior of utilities in distillate markets
evolves, becoming more in line with other major whole-
sale purchasers, the uncertainty about the amounts and
prices that some utilities are prepared to bid for on the
spot market during periods of peak stress should be
reduced. In turn, the potential for avoiding price spikes
in the Northeast distillate market in the future should
improve.

Options for Refiners

Refiners have already been taking advantage of the
beginning of deregulation brought about by the Public
Utility Regulatory Policies Act of 1978 (PURPA).
Refineries are heavy users of electricity and steam, and
they have already built many cogeneration facilities,
some of which sell power to the grid. As described
below, many oil companies are entering the power
generation business as a result of their experience in
building and running power generation units in other
parts of the world as outlets for natural gas production.

Deregulation is also providing refiners with more op-
tions to deal with evolving heavy fuel and waste
disposal problems. Refiners are producing more residual
fuel and petroleum coke with high sulfur and high
metals contents, but the market for these products is
diminishing as environmental restrictions increase.

A Growing Dilemma

From a refiner’s perspective, residual fuel is a “leftover.”
Refineries are run with a focus on the higher valued
products, such as gasoline and distillate. Residual fuel
oil in 1997 represented only about 5.4 percent of crude
oil input to refiners, down from 7.1 percent in 1990, and
from 12.0 percent at its share peak in 1977. Residual fuel
is what is left after the higher valued products are
removed from crude oil. The shrinking market for

residual fuel, its low value, and an increasingly heavy
crude oil slate’ have caused refiners to install up-
grading equipment that converts residual material to
higher valued products. One such conversion process
leaves refiners with petroleum coke. As more residual
fuel is upgraded by using cokers, more petroleum coke
is produced, some of which is used as fuel.

A large part of the diminishing market for residual fuel
derives from the fact that the environmental qualities of
residual fuel have been deteriorating as a result of the
changing slate of crude oils being processed by refiners.
Refiners have been using more high-sulfur crude oil and
more crude oil with high heavy metal content. Most of
the sulfur, metals, and inert material found in the crude
oil are not removed as the oil is processed, but are
concentrated in the residual fuel oil. Coking has been a
standard process used to convert residual fuel with high
sulfur and heavy metals content; however, coking
further concentrates the sulfur and metals into the
petroleum coke.

Metals content can be an even greater problem than
sulfur content. Burning either residual fuel or coke
containing high sulfur in a boiler can be handled with
standard emissions control devices, but heavy metals
content can result in hazardous airborne pollution and
high-metal-content ash, which can become a disposal
problem. In the future, high-sulfur, high- metals resid-
ual fuel and coke may even become “wastes” to be
disposed of rather than fuels to be sold. Deregulation,
however, is presenting more alternatives for the oil
industry to dispose of such materials, as discussed
below.

As the demand for low environmental quality fuels
diminishes, refiners will have a harder time selling these
products profitably. As the use of new, clean coal tech-
nologies for power generation grows, the market for
low-quality fuels will expand, since many new tech-
nologies can burn dirty fuels safely. In the meantime,
even export markets are disappearing as countries
worldwide add more environmental restrictions to fuel
combustion, including transportation use of residual
fuels (bunker fuels). One source indicates that the
“market for high-sulfur, high-metals coke has constricted
to the point where some U.S. refiners are faced with
negative netbacks on their coke production.”

1% Competitive economics may dictate distillate fuel inventory levels for the long term that some utilities may regard as inadequate
when faced with peak electricity demand. While a few utilities may seek to bid prices high enough to meet their needs, the impact their
smaller volumes are likely to have on the overall supply-demand balance in the Northeast should be less than what has occurred

historically.

147 Heavy crude oils contain a higher percentage of high boiling point material, or “bottoms,” than do light crude oils.
148 D L. Heaven, “Gasification Converts a Variety of Problem Feedstocks and Wastes,” Oil and Gas Journal (May 27, 1996), pp. 49-54.

Energy Information Administration/ The Challenges of Electric Power Industry Restructuring for Fuel Suppliers 61



Options for Handling Low-Quality Residual
Fuel and Petroleum Coke

To deal with high-sulfur, high-metals residual fuel oil or
petroleum coke, refiners have the following options:

e Converting the residual fuel to other products
through processes such as coking, catalytic
hydrotreating, and hydrocracking

e Selling some or all of the residual fuel or fuel-grade
coke they produce to utilities or others who can
burn the fuel cleanly using air emission control
systems

e Gasifying the fuel and removing the sulfur and
metals before using the synthetic gas to create
steam, liquid fuels, chemical products, and/or
electricity.

Installing conversion equipment to reduce or eliminate
the volume of residual fuel is expensive and still may
not solve the refiners’ dilemma of getting rid of high-
sulfur, high-metals fuel. When coking is used to convert
the residual fuel, the sulfur and metals are concentrated
in the petroleum coke. Refiners look at their unique
circumstances to determine whether conversion and
upgrading investments are worthwhile, including a
refinery’s ability to treat the products resulting from the
residual fuel conversion.

The paragraphs above on “Increasing Fuel Use Flexi-
bility” discussed how the second option of selling the
fuel to those that can burn it cleanly is providing
opportunities for the petroleum coke market. As long as
transportation costs do not remove the current price
advantage that coke has over coal, high-sulfur coke can
be burned economically with coal, particularly in plants
already equipped with scrubbers. Although high-sulfur
residual fuel also can be burned in plants with
scrubbers, other fuels are more economical.

The third option for refiners eliminates the production
of residual fuel oil or petroleum coke, presents some of
the more interesting long-term solutions, and is an
option that has been directly affected by deregulation.
Refiners faced with a growing problem of getting rid of
high-sulfur, high-metals residual fuel and coke along
with waste disposal problems from other processes are
looking more closely at gasification, a process in which
electricity is one of the products. Before PURPA,

refiners’ choices to burn fuel and generate electricity
were limited. Units had to be sized to produce only as
much electricity as was needed internally. PURPA
removed that restriction, requiring utilities to buy excess
power from generators that met certain efficiency
criteria, which refinery cogeneration facilities would
generally meet. After PURPA, refiners could build units
that generated electricity in excess of their own needs
both to plan for future expansion and to earn extra
revenue. The ability to size units for selling power to the
grid adds another dimension to the economics of
gasification that could not be considered prior to
PURPA.

The Gasification Option

Gasification is a process that converts a variety of
hydrocarbon feedstocks, such as coal or residual fuel, to
a clean synthetic gas that can then be converted to other
products, such as chemicals, electricity, industrial gases,
or fuels. Figure 22 shows a process in which feedstocks
are gasified and the sulfur is removed from the resultant
gas product. Hydrogen is removed from the desul-
furized synthetic gas for other applications. Some of the
gas then is burned directly to create electricity and heat
for further process use, and the remaining gas can be
converted to chemicals. The steam from the heat
recovery steam generator can be fed to a steam turbine
instead of being directed to process use, which would
create a combined cycle after the gasification unit
instead of just a combustion turbine as shown. The
configuration with a steam turbine added is called an
integrated gasification combined-cycle unit (IGCC).

Generally, emissions form an IGCC unit using petro-
leum coke or residual fuel approach the low emissions
profile of a natural-gas-fired combined-cycle unit. Solid
waste from an IGCC is much less than from a boiler with
flue gas desulfurization or from a circulating fluidized-
bed boiler. Although IGCC produces more carbon
dioxide (CO,) than a natural-gas-fired combined cycle,
IGCC has much lower CO, emissions than other solid
fuel plants.**°

Refiners probably are one of the best markets for
gasification technology because of their ability to use the
various products that can be produced and their need to
dispose of materials that can be used as feedstock in
gasification units. The refinery gasification application
has been referred to as a “trigeneration system” that
produces steam, power, and synthesis gas, which, in

149 D L. Heaven, “Gasification Converts a Variety of Problem Feedstocks and Wastes,” Oil and Gas Journal (May 27, 1996), pp. 49-54.
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Figure 22. lllustrative Schematic of a Gasification Power System
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turn, can be used to produce hydrogen and/or
chemicals, such as ammonia.”® Gasification economics
are driven by the following factors:

The capital costs of the facility, including the need
for an air separation plant to produce oxygen

The trend toward heavier, and, in some cases,
higher metal content, crude oils that result in high-
sulfur, high-metals residual fuel or coke, which are
facing more environmental restrictions

The need to dispose of a variety of wastes

The cost savings realized from the ability to
produce some needed products in the refinery,
such as hydrogen, industrial gas, steam, and
electricity

e The revenue from producing additional products,
such as ammonia, methanol, fertilizer, and excess
electricity for sale to the grid.

Although the economics of gasification are specific to
each plant, some general information is available. Fluor
Daniels has indicated that the costs for a heavy-oil-based
IGCC unit might be from $950 to $1,100 per kilowatt of
generating capacity, compared with costs for a coal-
based IGCC that might run from $1,300 to $1,500 per
kilowatt.

Environmental factors play a large part in driving the
latest interest in refinery gasification. The fuel for the
gasification units is likely to be high-sulfur, high-metals
residual fuel or coke, along with waste streams, such as
off-spec chemicals, waste oils, sludge settled from
refinery process water streams, and tower bottoms from
phenol production units. At the Texaco El Dorado

1% p R. Simbeck, R.L. Dickenson, and A.D. Karp, “Markets for Gasification Technologies in the New World of Competitive Energy,”
Keynote presentation given at EPRI Gasification Conference (San Francisco, CA, October 1996), p. 4.
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Refinery gasification facility, the U.S. Environmental
Protection Agency (EPA) has authorized “exemption
from hazardous waste permitting requirements and
other hazardous waste regulatory requirements.”*
With the gasification unit being exempt from Resource
Conservation and Recovery Act requirements, the EPA
has distinguished between burning hazardous wastes in
an incinerator and gasifying them to produce other
products. This means that a refinery using gasification
does not have to incur expenses for disposal of the
hazardous waste and probably reduces long-term
liabilities associated with storing and disposing of
hazardous wastes.*?

Gasification is beginning in the refinery industry without
any government subsidies to use the new technology.
Two refineries using gasification to create power and
other products are the Texaco El Dorado refinery in
Kansas, which started up its gasification project in the
summer of 1996, and the large Shell Pernis refinery in
The Netherlands, which started operating in 1997. Other
combination refinery and power projects are being
proposed worldwide, such as in Japan and Europe. Two
projects in Italy have already secured financing and
should soon begin construction.'s

In summary, the ability of refiners to participate in the
electricity generation business outside their own facili-
ties has opened the door to the resolution of other issues.
First, refineries are prime cogeneration markets because
of their own steam and power needs. Furthermore,
technologies such as gasification can resolve other
refinery problems, and the economics are being driven
by factors other than those associated with traditional
cogeneration, including the need to dispose of waste and
the ability to produce useful products besides electricity
and steam.

Oil Companies as Electricity Generators

The impact of deregulation is probably affecting only a
few crude-oil-based fuels, but it is providing oil

companies with the opportunity for expanding syner-
gistically into a related business. Oil companies have
been moving into the electricity generation business for
years. Within the United States, many refineries and oil
field operations use cogeneration units. Many of the
units that have been built since PURPA was enacted sell
power to the grid as well as satisfying a facility’s own
needs. In 1996, the refining sector had 2,322 megawatts
of capacity in operation, on standby, or under con-
struction.’® (Utilities reported 145,129 megawatts of
petroleum- and gas-fired capability in 1996.%)

Most recently, offshore opportunities are providing oil
companies more experience with electricity generation.
In many parts of the world with large natural gas
reserves, power generation is the most economical use
of the gas. It was a natural extension for the oil com-
panies participating in developing those gas reserves to
move into power generation to create a market for the
gas production.

Royal Dutch Shell Group, Unocal, Mobil, and ARCO are
exploring moves into power generation to make use of
their unused gas discoveries.’® " Exxon, which has
been in the electricity generation business internationally
for years, is moving into China through several joint
ventures.’®® Texaco has indicated its intent to be as big
in power generation as it is in gas production. Coastal
Power, a subsidiary of Coastal, develops power projects,
and Coastal Electric Services Company is involved in
marketing power. Amoco also has a subsidiary set up to
market power, although Amoco has not indicated any
intention to go into the merchant electricity generation
business.”™ This offshore activity implies that, with
deregulation, the oil industry will be an important
electric power player in the United States as capacity
needs grow in the future.

Summary

Deregulation will serve to hasten the decline of an
already disappearing market for residual fuel oil.

181 E C. Jahnke, J.S. Falsetti, and R.F. Wilson, “Coke Gasification Costs, Economics and Commercial Applications,” Paper No. AM-96-54,

National Petroleum Refiners Association Annual Meeting (1996), p. 10.

12 \W.E. Preston, “Texaco Gasification Power Systems, Status of Projects,” Paper given at the EPRI Gasification Conference (San

Francisco, CA, October 1996), p. 6.

153 D R. Simbeck, R.L. Dickenson, and A.D. Karp, “Markets for Gasification Technologies in the New World of Competitive Energy,”
Keynote presentation given at EPRI Gasification Conference (October 1996, San Francisco, CA), p. 7.

1% Energy Information Administration, Form EIA-867, “ Annual Nonutility Power Producer Report.”

% Energy Information Administration, Electric Power Annual 1996, Volume I, DOE/EIA-0348(96)/1 (Washington, DC, August 1997),

Table 6.

1% «shell Targets Electric Power for Unused Gas,” Oil and Gas Journal (February 3, 1997), pp. 27-28.

187 « Asia’s Electric Gas Prices,” World Gas Intelligence (August 9, 1996), p. 1.

158 “Exxon Seeks Power Project in China,” Electric World (May 1997), pp. 12 and 14.

189 “Us Gas Firms Weigh Need to Enter Power Business,” World Gas Intelligence (December 13, 1996), p. 8.
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Increasing competition is causing utilities to scrutinize
their fuel costs ever more closely, and residual fuel is not
competitive in today’s markets. In addition, larger
shares of residual fuel and petroleum coke with high
sulfur and heavy metals content are being produced as
a result of the changing slate of crude oil inputs to
refineries; however, environmental restrictions are
shrinking the potential markets for these fuels. Refiners
may be faced with handling these products at a cost as
hazardous wastes rather than as fuels.

As utilities increase their search for cheaper fuel options,
fuel blending of petroleum coke has surfaced as an
economical route in some cases. Petroleum coke prices
currently are highly competitive with coal prices in some
regions, such as Florida, which is near the large coke-
producing refineries on the Gulf Coast. In these areas,
coke is being blended with coal either in quantities small
enough not to violate environmental restrictions or in
plants that have adequate pollution control devices and
waste handling to deal with the low-quality coke.

While deregulation, on the one hand, is hurting refiners
by hastening the demise of the residual fuel market, it
also is expanding opportunities for dealing with poor-
quality fuels and wastes. Refiners are beginning to look
to gasification as a means of using high-sulfur, high-
metals residual fuel and coke, along with a number of
refinery waste streams, as feedstocks to produce
synthetic gas, which could then be used to produce
power, steam, and a variety of chemicals (such as
hydrogen and ammonia) of use to refineries. PURPA
and subsequent legislation have increased the flexibility
of sizing such units to make the most of a facility’s
economic situation. In addition, a recent EPA ruling on
a Texas refinery allows the facility to treat the waste
streams being used as gasification feedstocks as fuels
rather than as hazardous wastes. The associated cost

savings and potential liability reduction add positively
to the economics of production. With wastes and high-
sulfur, high-metals fuels as gasifier feedstocks, the feed-
stock costs for gasification projects might even become
a negative cost. That is, it would cost the refinery more
to dispose of the fuels by some other means.

In utilities’ search for more economical fuel strategies,
distillate fuel prices might be affected by deregulation,
but whether for better or worse is unclear. Utilities are
and will continue looking at their inventory and fuel
purchasing policies as deregulation removes fuel adjust-
ment clauses and eliminates requirements for minimum
inventory levels. Distillate is used largely as a peaking
fuel along with natural gas. Natural gas contracts to
utilities and large industries are generally interruptible
during times of large peak needs so that residential
natural gas users will have adequate supplies. Utilities
then rely more heavily on distillate fuel oil and even
propane. Because they buy in large quantities, if utilities
enter the market when supplies are tight and prices are
rising, they can drive prices even higher. When evalu-
ating the number of times that this may have occurred
historically, compared with the carrying costs of extra
inventory, some utilities may find it economical to carry
less inventory and buy more distillate during times of
market stress if necessary. Others may find it cost
effective to carry more inventory to keep from having to
pay market stress prices.

Finally, the petroleum industry has for some time played
a role in domestic electricity markets as a result of its
own cogeneration activities. The industry also has a
growing role in the international power generation
business. The increasing involvement of petroleum
companies in power generation implies a potentially
strong role for this energy industry in U.S. electricity
markets in the future.
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5. Issues for Renewable Fuels in
Competitive Electricity Markets

Introduction

Restructuring of the U.S. electric power industry has
refocused attention on renewable energy and the policies
that affect it. Renewable energy sources include water,
wind, solar, geothermal, and some combustible
materials, such as landfill gas, municipal solid waste
(MSW), and other forms of biomass. Public policies
favoring renewable energy are nothing new. Policies
including tax and financial incentives and guaranteed
purchase power contracts, among others, have sup-
ported the development of renewable energy in the past.
Such policies have sought to develop a sustainable
energy future, reduce dependence on foreign oil, and
reduce the environmental impacts of fossil-fueled
electricity generation. These ends were deemed to be
more important than the fact that alternative fuels cost
more than fossil fuel sources of energy.

The advent of competition in electricity markets
necessitates a reevaluation of renewable energy policies.
Concerns about the use of renewable energy sources in
a competitive environment can be outlined as follows.
Competition in the electric power industry will en-
courage utilities to become more efficient and reduce
costs in order to lower electricity prices. There will be a
premium on short-term cost minimization. In this
environment, renewable energy sources will be chal-
lenged to continue to penetrate electric power markets
because they are generally higher-cost options for
producing electricity. Proponents of renewable energy
thus fear that renewables may be an inadvertent casualty
in the transition to a competitive market. This chapter
reviews the reasons for the historical interest in renew-
able electric power in the United States; the Federal and
State plans to support renewables; the various mecha-
nisms being implemented or discussed to provide that
support; and issues specific to individual renewable
energy resources and technologies.

Overview

The electric power industry and its regulators were
unprepared for the social, political, and economic
upheavals that followed the oil embargo of 1973. The
tripling of oil prices precipitated a need for numerous
rate increases by electric utilities because oil was being
used to fuel many power plants. In the wake of the oil
embargo, the goal of national energy policy was to foster
an adequate supply of energy at reasonable costs. As a
result, interest in renewable energy rose sharply during
the 1970s. A strategy to achieve that goal was to
promote a balanced and mixed energy resource system.
The development of renewable energy—which reduces
dependence on fossil fuels, does not need to be
imported, and generally produces fewer and less toxic
pollutants than fossil fuels—became a national priority.

The oil embargo of 1973 was a catalyst for the proposal
and adoption of the National Energy Act of 1978, a
compendium of statutes aimed at restructuring the U.S.
energy sector. One objective of the Act was to reduce
the Nation’s dependence on foreign oil and its
vulnerability to interruptions in oil supply through the
development of renewable and alternative energy
sources.

The most significant statute in the National Energy Act
for the development of commercial markets for renew-
able energy was passed into law as the Public Utility
Regulatory Policies Act of 1978 (PURPA). Among other
things, PURPA encouraged the development of
“nonutility” cogeneration and small-scale renewable-
fueled electric power plants designated as “qualifying
facilities.”*®® Under PURPA, utilities were required to
purchase electricity from certain qualifying facilities at
the utilities’ avoided costs, that is, the cost to the utility
if it had generated or otherwise purchased the power.
Some avoided cost purchase contracts, particularly in

180 Essentially, PURPA defines two groups of “qualifying facilities”: (1) “small power producers” with rated capacity less than 80
megawatts that obtain at least 75 percent of input energy from renewable sources and (2) renewable-based cogenerators. Utilities may not

own more than 50 percent of a qualifying facility.
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California, were very favorable to renewable tech-
nologies.

A second major factor influencing the development of
renewables was State policies promoting renewable
energy. California, in particular, promoted renewable
energy strongly in the 1980s with renewable energy tax
credits. By the late 1980s, however, California’s renew-
able tax credits for wind energy had ended, and
competition and pricing policies had begun to evolve in
the electric utility industry. “Competitive bidding”
became the predominant approach to defining avoided
costs. By the end of the decade, with declining natural
gas prices setting the value of avoided costs, renewable
facilities had difficulty competing in electricity markets
on the basis of price alone.

To spur renewable energy development, the Federal
Government provided several tax incentives. By 1982,
most renewable energy projects were eligible for a 10-
percent investment tax credit, a 15-percent business
renewable energy investment tax credit, a 40-percent
residential tax credit for renewables, and a 5-year ac-
celerated depreciation schedule. Taking advantage of
these incentive packages, private industry responded by
pioneering new renewable energy technologies and ap-
plications. In terms of Federal research and develop-
ment budget appropriations, funding for renewables
increased dramatically from fiscal year (FY) 1974
through FY 1979, stabilized for 2 years, dropped precipi-
tously in FY 1982, then decreased further each year until
rebounding in FY 1991. Funding increased to $391
million in FY 1995 before dropping to $268 million in FY
1996 and $244 million in FY1997. The appropriation for
FY 1998 is $272 million.’ This pattern of inconsistent
funding, as well as the on-again, off-again availability of
some incentives, has created an uncertain investment
environment for renewables.

The Renewable Electricity Marketplace

Electric utility and nonutility power producers gener-
ated 446 billion kilowatthours in 1997, 13 percent of their
total generation,’®® from renewable energy sources

(Table 11). Including net imports, total available
electricity from renewable resources was 467 billion
kilowatthours.

Water from conventional hydroelectric power plants'®
is the major renewable energy source for electricity
production in the United States. Conventional hydro-
electric plants produced 360 billion kilowatthours of
electricity (including exports), about 10 percent of total
U.S. generation (81 percent of renewable generation), in
1997. Other renewables accounted for an additional 86
billion kilowatthours, or 2 percent of total U.S. electricity
generation for the year. Excluding conventional hydro-
electricity, biomass is the largest renewable source of
electricity (75 percent), followed by geothermal (19
percent). Wind and solar account for the remainder (6
percent).

Of the 86 billion kilowatthours domestically generated
from nonhydroelectric renewable energy sources,®
nonutility power producers accounted for 91 percent
and electric utilities 9 percent. Electric utilities have
historically devoted few resources to nonhydroelectric
renewable energy sources. This is because, in general,
these facilities are small in size and more expensive per
unit of output than large central generating stations.
Federal and State incentives have, however, resulted in
the development of some nonhydroelectric renewable
power plants by electric utilities. In California, with
State incentives and favorable climate conditions,
electric utilities have developed geothermal, solar, and
wind facilities.

Manufacturing processes and legislative incentives favor
the production of electricity from renewable sources by
nonutility power producers. A nonutility power pro-
ducer includes a corporation, person, agency, authority,
or other legal entity that owns generating capacity, but,
unlike electric utilities, is without a franchised service
area or an obligation to serve retail customers. Non-
utility power producers include qualifying facilities (co-
generators and small power producers) under PURPA,
exempt wholesale generators'® under the Energy
Policy Act of 1992 (EPACT), other commercial and

181 U.S. Department of Energy, Office of Budget, DOE History Tables.
192 Total generation for 1997 is estimated to be 3,533 billion kilowatthours. Energy Information Administration, Monthly Energy Review,
DOE/EIA-0035(98/03) (Washington, DC, March 1998), Table 7.1 states that renewables’ share of total generation in 1997 was unusually

high due to record high hydroelectric generation.

182 pumped storage plants are not considered renewable since energy is consumed to pump the water to the upper reservoir.

184 Excluding electricity imported by utilities.

15 An exempt wholesale generator (EWG) is a nonutility electricity generator that is not a qualifying facility under the Public Utility
Regulatory Policies Act of 1978 (PURPA). EWGs were created by the Energy Policy Act of 1992 (EPACT), and made exempt from provisions
of the Public Utility Holding Company Act of 1935 (PUHCA). The exemption of EWGs from PUHCA regulations eliminated a major barrier
for utility-affiliated and nonaffiliated power producers who want to compete to build new non-rate-based power plants.

68 Energy Information Administration/ The Challenges of Electric Power Industry Restructuring for Fuel Suppliers



Table 11. Electricity Generation from Renewable Energy by Energy Source, 1993-1997

(Million Kilowatthours)

Source 1993 1994 1995 1996 1997
Nonutility Sector (Gross Generation) 2
Biomass ................ ... .. ... ... .. 55,746 57,392 R57,514 R57,997 62,607
Geothermal .......... ... ... .. ... ... .... 9,749 10,122 9,912 R10,198 11,212
Conventional Hydroelectric . ................ 11,511 13,227 14,774 R16,555 18,702
Solar ....... ... .. 897 824 824 R903 994
Wind ... 3,052 3,482 3,185 R3,400 3,727
Total .. 80,954 85,046 R86,208 R89,053 97,243
Electric Utility Sector (Net Generation) b
Biomass ................ ... .. ... ... .. R1,987 R1,985 R1,647 R1,912 1,867
Geothermal .......... ... .. ... ... ... .... 7,571 6,941 4,745 5,234 5,469
Conventional Hydroelectric . ............... 269,098 247,071 296,378 R331,058 341,400
Solar ... e 4 3 4 3 3
Wind ... * * 11 10 6
Total ...... ... . R278,660 R256,001 R302,785 R338,218 348,746
Imports and Exports
Geothermal (Imports) .................... 877 1,172 885 650 10
Conventional Hydroelectric (Imports) ......... 28,558 30,479 28,823 33,360 27,991
Conventional Hydroelectric (Exports) ......... 3,939 2,807 3,059 2,336 6,791
Total Net Imports . ..................... 25,496 28,844 26,649 31,673 21,210
Total Available Electricity from Renewable
SOUICES ..ttt i e e et et R385,111 R369,891 R415,642 R458,944 467,199

®Includes generation of electricity by cogenerators, independent power producers, and small power producers.

Excludes imports.
* = Less than 0.5 million kilowatthours.
R = Revised.

Notes: Biomass includes wood, wood waste, municipal solid waste, and landfill gas. Totals may not equal sum of components

due to independent rounding.

Source: Energy Information Administration, Annual Energy Review 1997, DOE/EIA-0384(97) (Washington, DC, July 1998), and

Office of Coal, Nuclear, Electric and Alternate Fuels estimates.

industrial establishments that may generate electric
power for their own use and buy backup or sell excess
power to electric utilities, and independent power
producers built solely to supply and sell power to
electric utilities.

The major technology used in nonutility generation is
cogeneration—the combined production of electric
power and another form of useful energy (heat or
steam). Many nonutility power producers use waste
energy streams (principally heat) to produce electricity,
and some manufacturing processes may produce
renewable waste (e.g., sawdust) that can be burned to
produce energy.

The distinction between the utility and nonutility sectors
assumes additional significance under some restruc-

turing proposals, notably in California. Under many
plans, a firm must generate some high percentage
(usually over 50) of its electricity from renewable
sources to be classified as a “green power” provider.
Such requirements will tend to limit utility ownership of
renewable generating facilities and push future non-
hydroelectric renewable development into the nonutility
sector.

Most renewable energy systems (except perhaps for
biomass) are not constrained by the same types of fuel
supply infrastructure considerations as fossil-fueled
power generating units. The constraints that renewable
power systems face are related to geographic availability
factors associated with particular wind, biomass,
geothermal, and hydroelectric resources. To a great
extent, renewable generating facilities are very region-
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and site-specific, which, depending on the circum-
stances, can be either a drawback or a significant
advantage. Until recently, most nonutility renewable
energy power generators and other nonutility generators
have sold their power directly to local utilities, or used
it on site, avoiding the need for nationwide transmission
access. With deregulation opening access to electricity
transmission, transmission pricing can affect the devel-
opment of renewable power generating facilities.

Utility Generation

Electric utilities generated 338 billion kilowatthours from
renewable resources in 1996 and 349 billion kilowatt-
hours from renewable resources in 1997 (Table 11).
Nearly 98 percent of utility generation came from
conventional hydroelectric facilities in both 1996 and
1997. Access to water power by utilities in Washington
made that State the leading producer of renewable
energy, accounting for 29 percent of all renewable
electricity produced in 1996 (Table 12).*¢ Washington
also leads the Nation in utility power produced from
wood and wood waste. Electric utilities in Illinois,
Connecticut, and Minnesota generated, respectively, 87
percent, 45 percent, and 31 percent of their renewable-
based electricity from municipal solid waste and landfill
gas. Virtually all utility geothermal energy comes from
California.

In 1996, 14 percent of utility renewable generation
nationwide occurred in California. (California's share of
nonutility renewable electricity was even larger—over 23
percent (Table 13).) State policies promoting renewable
energy have also influenced the development of
renewables. California, for example, promoted re-
newable energy strongly in the 1980's with renewable
tax credits. The combined effect of resource availability
and energy policy makes California the second-largest
producer of renewable electricity generation.!®’

Utilities in Oregon, which also has sizable water power
resources, produced the third-largest amount of elec-
tricity from renewables—13 percent. Besides New York
at 8 percent and Montana at 4.1 percent, no other State
contributed more than 4 percent of total utility
renewable generation.

Nonutility Production

Nonutility generators produced almost 86 billion kilo-
watthours of electricity in 1995 and 89 billion kilowatt-
hours in 1996 (Table 13). Almost 17 billion kilowatt-
hours (19 percent) of electricity was produced from con-
ventional hydroelectric facilities in both 1995 and 1996.
More than 42 percent of nonutility renewable electricity
generation is produced from wood and wood waste.

Nonutilities in California produce by far the largest
share of electricity, 23 percent. Nonutility renewable
generation (outside California) is more evenly spread
than is utility renewable generation. One reason is that
nonutility plants are usually smaller than utility plants,
having been built in many instances to service a single
facility (e.g., pulp and paper manufacturing plants).
Thus, many more resource locations—particularly for
biomass and hydropower—are available. After Califor-
nia, the States with the most nonutility electricity genera-
tion from renewables in 1996 were Florida, Maine,
Alabama, New York and Louisiana.

Federal Approaches to
Supporting Renewables

Various electric power restructuring bills have been
proposed in the U.S. Congress. All the proposals con-
tain sections designed to promote the development of
renewable energy. The Clinton Administration has also
recently presented a proposal, the “Comprehensive
Electricity Competition Plan,” as a blueprint for electric
power restructuring. This plan and four legislative pro-
posals are summarized below. The legislative proposals
discussed were drafted prior to the Administration’s
plan and were chosen for discussion because they
include provisions which have attracted considerable
interest.

Administration’s Comprehensive Electricity
Competition Plan

The Administration’s “Comprehensive Electricity Com-
petition Plan” was released in March 1998. The

166 State-level data for 1997 were not available when this report was published.

187 |n california, qualifying facilities (QFs) typically enter pre-approved contracts called Standard Offer Contracts with utility
companies. These contracts vary by the difference between short- and long-term costs based on the utility costs they displace. Short-term
avoided costs are generally calculated to reflect the costs that would have been incurred to supply the energy otherwise. These costs are
based on the utility’s marginal generating costs, varying with the fuel in use and seasonal demand. Long-term avoided costs are designed,
in addition to reflecting marginal costs, to include the costs of a resource (capital cost) that the utility would have constructed in lieu of the

QF resource.
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Table 12. Renewable Electric Utility Net Generation by State, 1996
(Million Kilowatthours)

Conventional
Hydro- Solar/ MSW/ Wood and Percent of
State electric [Geothermal |Photovoltaic | Wind Landfill Gas | Wood Waste Total U.S. Total

Alabama ...... 11,082 -- -- -- -- -- 11,082 3.3
Alaska ........ 1,266 -- -- -- -- -- 1,266 0.4
Arizona ....... 9,214 -- -- -- -- -- 9,214 2.7
Arkansas . .. ... 2,797 -- -- -- -- -- 2,797 0.8
California ..... 41,862 5,042 3 10 55 0 46,917 13.9
Colorado . ... .. 1,705 -- -- -- -- -- 1,705 0.5
Connecticut . . . . 530 -- -- -- 437 -- 966 0.3
Delaware ..... -- -- -- -- -- -- -- 0.0
Dist. of Col. . . .. -- -- -- -- -- -- -- 0.0
Florida........ 216 -- -- -- -- -- 216 0.1
Georgia . ...... 4,549 -- -- -- -- -- 4,549 1.3
Hawaii ........ 18 -- -- -- -- -- 18 0.0
Idaho......... 12,236 -- -- -- -- -- 12,236 3.6
lllinois ........ 20 -- -- -- 133 * 153 0.0
Indiana ....... 448 -- -- -- -- -- 448 0.1
lowa ......... 921 -- -- * 23 -- 944 0.3
Kansas ....... -- -- -- -- -- -- -- 0.0
Kentucky . . .... 3,497 - - - -- - 3,497 1.0
Louisiana ..... -- -- -- -- -- -- -- 0.0
Maine ........ 2,116 -- -- -- -- 1 2,116 0.6
Maryland . . .. .. 2,457 -- - -- -- -- 2,457 0.7
Massachusetts 921 -- -- -- -- -- 921 0.3
Michigan .. .... 1,648 -- -- -- -- -- 1,649 0.5
Minnesota . . ... 837 - - * 396 26 1,259 0.4
Mississippi .. .. -- -- -- -- -- -- -- 0.0
Missouri ...... 1,314 -- -- -- 31 -- 1,345 0.4
Montana ...... 13,741 -- -- -- -- -- 13,741 4.1
Nebraska ..... 746 -- -- -- 12 -- 758 0.2
Nevada ....... 2,143 -- -- -- -- -- 2,143 0.6
New Hampshire 964 -- -- -- -- -- 964 0.3
New Jersey .. .. -- -- -- -- -- -- -- 0.0
New Mexico ... 211 -- -- -- -- -- 211 0.1
New York ..... 27,116 -- -- -- -- 40 27,156 8.0
North Carolina 4,176 -- -- -- -- -- 4,176 1.2
North Dakota .. 3,151 -- -- -- -- -- 3,151 0.9
Ohio ......... 392 -- -- -- -- -- 392 0.1
Oklahoma .. ... 2,158 -- -- -- -- -- 2,158 0.6
Oregon ....... 44,513 -- -- -- -- -- 44,513 13.2
Pennsylvania .. 2,561 -- -- -- -- -- 2,561 0.8
Rhode Island .. -- -- -- -- -- -- -- 0.0
South Carolina 3,064 -- -- -- -- -- 3,064 0.9
South Dakota . . 8,833 -- -- -- -- -- 8,833 2.6
Tennessee . ... 10,579 -- -- -- -- -- 10,579 3.1
Texas ........ 954 -- * -- -- -- 954 0.3
Utah ......... 1,014 192 -- -- -- -- 1,206 0.4
Vermont ...... 1,528 -- -- -- -- 135 1,664 0.5
Virginia ....... 1,617 -- -- -- -- -- 1,617 0.5
Washington . . . . 98,079 -- -- -- -- 360 98,439 29.1
West Virginia . . 219 - - -- -- -- 219 0.1
Wisconsin . . ... 2,414 -- -- -- 93 226 2,733 0.8
Wyoming . . .... 1,232 -- -- -- -- -- 1,232 0.4

Total ....... 331,058 5,234 3 10 1,124 788 338,218 100.0

* = Less than 0.5 million kilowatthours.

Note: Sum of components may not add up to the total due to independent rounding.

Source: Energy Information Administration, Form EIA-759, “Monthly Power Plant Report,” and Form EIA-860, “Annual Electric Generator
Report.”
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Table 13. Nonutility Gross Generation from Renewables by State, 1996
(Million Kilowatthours)

Conventional

Hydro- Solar/ MSW/ Wood and Percent of
State electric Geothermal Photovoltaic Wind Landfill Gas Wood Waste Total U.S. Total

Alabama ....... -- -- -- -- W W 4,580 5.1
Alaska......... -- -- -- -- W W 123 0.1
Arizona ........ -- -- -- -- -- W W 0.1
Arkansas ...... W -- -- -- W 1,617 1,634 1.8
California .. .... 2,940 8,285 903 3,243 2,259 3,072 20,702 23.2
Colorado . ...... W -- -- -- W -- 120 0.1
Connecticut . ... 97 -- -- -- 1,736 -- 1,834 21
Delaware ...... -- -- -- -- -- -- -- 0.0
Dist. of Col. ... .. -- -- -- -- -- -- -- 0.0
Florida......... -- -- -- -- 3,496 2,586 6,082 6.8
Georgia . ....... 53 -- -- -- 105 3,168 3,326 3.7
Hawaii......... W 249 -- 23 630 W 992 1.1
ldaho.......... W -- -- -- W 526 1,585 1.8
lllinois ......... W -- -- -- 327 W 413 0.5
Indiana ........ -- -- -- -- 104 -- 104 0.1
lowa .......... 17 -- -- -- W W 59 0.1
Kansas ........ 11 -- -- -- -- -- 11 0.0
Kentucky ...... - - - - - w w *
Louisiana ...... 974 -- -- -- 99 3,025 4,097 4.6
Maine ......... 2,173 -- -- -- 590 3,075 5,838 6.6
Maryland . . ... .. -- - - - w w 771 0.9
Massachusetts . . W -- -- -- 2,073 w 2,486 2.8
Michigan ....... 144 -- -- -- 923 2,039 3,106 35
Minnesota . .. ... 353 -- -- 50 321 440 1,165 1.3
Mississippi .. ... -- -- -- -- w w 1,831 2.1
Missouri ....... -- -- -- -- W -- W *
Montana ....... w -- -- -- -- w w 0.1
Nebraska ...... -- -- -- -- -- -- -- 0.0
Nevada ........ W W -- -- -- -- 1,684 1.9
New Hampshire 503 -- -- -- 188 921 1,613 1.8
New Jersey .... W -- -- -- W -- 1,217 14
New Mexico . ... -- -- -- -- -- -- -- *
New York ...... 1,862 -- -- -- 2,040 600 4,502 5.1
North Carolina .. W -- -- - W 1,638 3,600 4.0
North Dakota . .. -- -- -- -- W -- W 0.0
Ohio .......... W -- -- -- W 433 444 0.5
Oklahoma . . .... -- -- -- -- W W W 0.3
Oregon ........ W -- -- -- W 522 993 11
Pennsylvania . .. 455 - - - 1,867 709 3,031 34
Rhode Island ... W -- -- -- W -- 110 0.1
South Carolina . . W -- -- -- W 1,574 1,710 1.9
South Dakota . . . -- -- -- -- -- -- -- 0.0
Tennessee .. ... 897 -- -- -- 62 550 1,508 1.7
Texas ......... W -- -- 83 77 W 861 1.0
Utah .......... 30 -- -- -- -- -- 30 0.0
Vermont ....... w -- -- -- -- w 390 0.4
Virginia ........ 92 -- -- -- 1,008 1,474 2,574 2.9
Washington .. 444 -- -- -- 170 792 1,406 1.6
West Virginia . . . W -- -- -- W -- 939 11
Wisconsin .. .... 292 -- -- -- 172 646 1,110 1.2
Wyoming ...... -- -- -- -- -- -- -- 0.0

Total ........ 16,555 10,198 903 3,400 20,449 37,549 89,053 100.0

W = Data withheld to avoid disclosure of proprietary company data.
Note: Sum of components may not add up to the total due to independent rounding.

Source: Energy Information Administration, Form EIA-0867, “Annual Nonutility Power Producer Report.”
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components of the plan were designed to work together
to provide the economic benefits of competition in a
manner that is fair to all consumers and to enhance the
environmental performance of the electric power in-
dustry. The plan has five basic objectives: (1) to en-
courage States to implement retail competition (i.e., end
users may choose their electricity provider); (2) to
protect consumers by facilitating competitive markets;
(3) to assure access to and reliability of the transmission
system; (4) to promote and preserve public benefits; and
(5) to amend existing Federal statutes to clarify Federal
and State authority.

The Administration’s plan, with the objective of pro-
moting and preserving public benefits, proposes policy
mechanisms, such as a renewable portfolio standard,
public benefit funding, and net metering, to promote the
development of renewables. The terms renewable
portfolio standard, public benefit fund, and net metering
are defined and discussed below.

Renewable Portfolio Standard

A renewable portfolio standard (RPS) is a market-based
strategy to ensure that renewable energy constitutes a
certain percentage of total energy generation or
consumption. An RPS could require electricity gen-
erators or sellers to cover a percentage of their electricity
generation or sales, respectively, with generation from
renewable technologies. It guarantees that a minimum
percentage of generation comes from renewable sources.
Under the Administration’s proposal, the initial RPS re-
guirement, based on electricity sales, would be set close
to the existing ratio of renewable generation to total
retail electricity sales, with an intermediate increase in
2005, followed by an increase to 5.5 percent in 2010. (In
1997, nonhydroelectric renewable generation represen-
ted 2 percent of total generation.) Retail sellers could
meet the RPS requirement either by generating sufficient
renewable electricity to meet the ratio, or by purchasing
tradeable renewable electricity credits that would be
created and tracked. The RPS would employ market
prices through credit trading and spread the cost of sup-
porting renewable generation more evenly across the re-
tail electricity market than does PURPA’s “must buy”
provision (Section 210), which would be repealed under
the Administration’s plan. The RPS could be subject to
a price cap.8

Public Benefit Fund

The Administration’s plan supports the creation of a $3
billion Public Benefit Fund (PBF) to provide matching
funds to States for low-income assistance, energy
efficiency programs, consumer education, and the
development and demonstration of energy technologies,
particularly renewables. The PBF would be a 15-year
program, funded through a generation or transmission
interconnection fee on all electricity.® Since trans-
mission will be regulated, the charge should be non-
bypassable to ensure that all customers pay the charge
and the charge is competitively neutral. The charge can
be based on energy, demand, or a combination of both.
In the Administration’s plan, the charge would be
capped at 0.1 cent (1 mill) per kilowatthour. States
would have the option to seek funds and allocate the
funds among public purposes. The States would
compete for the funds on the basis of cost-effective
proposals.

Net Metering

Net metering refers to the concept that a facility is per-
mitted to sell any excess power it generates over its load
requirement back to the electrical grid to offset con-
sumption. (A more detailed discussion of net metering
is provided later in this chapter.) Under the Adminis-
tration’s plan, all consumers would be eligible for net
metering, and all distribution service providers would
be required to assure the availability of interconnection.
This provision would apply only to very small (up to 20
kilowatts) renewable energy projects and would be
subject to a price cap determined at the State level.

Finally, in competitive markets, many different suppliers
will offer a diverse menu of energy products and
services with different pricing and billing plans. Under
the Administration’s proposal, consumers will have the
option of choosing suppliers on the basis of their
generation mix, including paying a premium for “green
power” (renewable generation). To ensure consumers
that they are purchasing green power, the Secretary of
Energy would be authorized to implement a rulemaking
to require all electricity suppliers to disclose reliable and
easy-to-read information on prices, generation sources,
and other information to enable consumers to make
informed choices among various offers.

168 A price cap is a value set on a credit that would be sold by the government to limit the price they would be traded for. The cap, in
effect, limits the cost of renewable electricity to consumers. Monies collected by the government from the sales of credits could be used

to support renewable technologies.

8% The terms used to describe such a charge include public benefit charge, access charge, wires charge, systems benefit charge, and
universal service charge. Although these terms differ, the concept is the same.
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Senate Bill 237 (The Bumpers Proposal)

Section 110 of Title One of Senate Bill 237 has a re-
quirement for a certain amount of renewable energy
generation. Starting in 2003, 5 percent of total retail
electricity sold must come from a renewable energy
source (including partial credit for hydroelectricity).
The amount increases to 9 percent in 2008 and 12 per-
cent in 2013. Thereafter, the requirement remains con-
stant until 2019, when it ends. Retail electric suppliers
may satisfy the requirement by earning renewable
energy credits under the National Renewable Energy
Trading Program, depending on the type of renewable
energy source used. Credits will be issued by the
Federal Energy Regulatory Commission (FERC) to any
facility using renewable resources for generation or for
any power purchased by the facility from a generator
using renewables. One half of one credit can be earned
by any large hydroelectric facility that generates and
then sells one unit of energy. One credit can be earned
by any facility that generates and sells electricity from a
renewable energy source other than hydro at a facility
built before the enactment of the Act. Two credits can
be earned by any facility built after the enactment of the
Act that generates and sells electricity from a renewable
energy source other than hydroelectric.

Senate Bill 687 (The Jeffords Proposal)

Section 5 of Senate Bill 687 instructs the Secretary of
Energy to establish a National Electric System Public
Benefits Board to fund programs related to renewable
energy sources, universal electric service, affordable
electric service, energy conservation or efficiency, or
research and development in any of these areas. The
money for the National Electric System Public Benefits
Fund will be financed from transmission wire charges
imposed by FERC and will be distributed to the States
by the Board. States must provide matching funds. The
Board will recommend eligibility criteria for disburse-
ments from the Fund and will determine the amount
needed every year for the fund. FERC will impose a
nonbypassable, competitively neutral wires charge paid
directly to the fund by the operator of the wire. The
charge will be applied to all electricity carried through
the wire, measured from the busbar at a generation
facility, which has an impact on interstate commerce.

Section 6 of the bill provides a renewable energy port-
folio standard imposed on any nonhydroelectric facility
that generates electricity for sale. Starting in the year
2000, 2.5 percent of total electricity generated by all
(nonhydropower) electricity generators must be gene-
rated from renewables. Renewable energy sources in-
clude wind, organic waste (excluding incinerated muni-

cipal solid waste), biomass, geothermal, solar thermal,
and photovoltaics. The required renewables portfolio
schedule after the year 2000 increases by approximately
1 percent a year until the year 2020 up to a total of 20
percent, which is the target level for beyond that time
period. The bill also provides for renewable energy
credits, to be issued by the Federal Energy Regulatory
Commission (FERC) beginning in 2001. One credit will
be given for each megawatthour of electricity sold by a
facility in the preceding calendar year that was
generated from a renewable energy source. Credits can
be traded and used in lieu of generation to meet the
generation requirement of the renewables portfolio
standard.

House of Representatives Bill 655 (The
Schaefer Proposal)

House of Representatives Bill 655 calls for a minimum
renewable generation requirement (Section 113) by
December 31, 2000. It directs the FERC to establish a
program to issue renewable energy credits to electricity
generators, providing for their sale and exchange. It
would require each generator (excluding hydroelectric
facilities) selling electric energy to submit such credits to
FERC in an amount equal to the required annual
percentage of the total renewable electric energy it gene-
rated in the preceding year. PURPA would be amended
so that it would no longer apply to any electric utility
whose customers are able to purchase retail services
from any offeror on a competitively neutral and
nondiscriminatory basis.

House of Representatives Bill 1359 (The
DeFazio Proposal)

The intent of House of Representatives Bill 1359 is to
amend PURPA to establish a means to support pro-
grams for energy efficiency, renewable energy, and uni-
versal and affordable service for electric customers. It
would establish a National Electric System Public Bene-
fits Fund, to be administered by the National Electric
System Public Benefits Board, which would provide
matching funds to States for the support of eligible pub-
lic purpose programs. This program would not super-
sede other programs that support renewable energy.

State Approaches
to Supporting Renewables

Much of the regulatory initiative to bring competition to
the electricity industry is occurring at the State level. As
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at the Federal level, most States have formulated policy
measures to preserve or promote renewables in a
restructured electric power market. The States have
been considering a number of regulatory mechanisms to
promote renewable energy development, including a
system benefits charge (SBC) or “wires charge,” RPS, net
metering, and green pricing (voluntary).

The SBC would be a fee that would be paid by users of
distribution lines, either generators or consumers. It
would be included in the cost of electricity to all
consumers. Revenues from the charge could be pooled
for use in a number of ways to fund the development of
selected renewable energy projects.

By design, both the SBC and the RPS would be com-
petitively neutral with respect to fuels and technology,
and would put in place a minimum public obligation to
support the development of renewable energy. Used
singly or in combination, they will have differential
effects on renewable energy development. The SBC
provides for a regulatory agency with the latitude to
promote specific renewable technologies or projects.

Given that the SBC is collected on a regular basis from
wires usage, itwould provide consistent support to
renewables. By providing this consistent support, it
would also have the effect of making the cost of capital
lower for this type of project development. The biggest
drawback of the SBC is the administrative cost and
difficulty of decisionmaking. The RPS, on the other
hand, does not have these administrative obstacles
because the market is used to determine which projects
are developed. The renewable portfolio standard would
encourage the lowest cost, highest efficiency projects to
be developed. There is, however, a risk of neglecting
the development of those renewable technologies that
have a longer development horizon. As of February 9,
1998, 6 States had enacted RPS provisions, 5 States had
enacted SBC provisions, and 26 States had some form of
green pricing program legislation (discussed below).

Net Metering

As mentioned above, net metering is an arrangement
that permits users generating power to sell any
electricity in excess of requirements back to the grid to

offset consumption.”® How excess energy (if any) from
facilities under net metering is treated, and what rates
are paid, are what differentiate State net metering
policies. Some State initiatives require the utility to pay
retail rates instead of avoided cost rates for the excess
energy. States may apply certain capacity restrictions
and, in some cases, fuel restrictions on facilities that
qualify for net metering.

Most net metering programs are available to customer-
owned small generating facilities only, and some
programs further restrict the eligibility to renewable
energy technologies. Net metering can increase the
economic value of small renewable energy technologies
for customers by allowing them to use the grid to bank
their energy, producing electricity at one time and
consuming it at another. This form of energy exchange
is especially useful for such renewable energy tech-
nologies as wind turbines and photovoltaics, which
transmit electricity to the grid intermittently (when the
wind is blowing or the sun is shining) and, at other
times, are consumers of electricity from the grid.

Green Pricing/Marketing

Green pricing or green marketing is an approach States
have used to maintain or increase demand for renewable
electricity. In green marketing programs, electricity
suppliers offer consumers electricity produced from
environmentally preferred resources consisting largely
of renewable energy. Consumers who voluntarily
choose to purchase their electricity under a green
marketing program pay a premium above their normal
electricity bills. This premium is then applied toward
the additional costs incurred by electricity suppliers to
develop and maintain a renewable power project that
might otherwise not be cost-effective.

Initially,}™* the goal of green marketing was to provide
customer-driven mechanisms for enabling the develop-
ment of additional renewable energy power projects.
Although the concept of green marketing originated in
a regulated environment, a number of utilities and non-
utilities are looking at green pricing programs as a way
to differentiate their product in a more competitive mar-
ket. Market research conducted to date suggests that
there is a willingness among consumers to pay more for

0 Niet metering, in effect, measures the difference between the total generation of a facility and the electricity consumed by the facility
with a single meter that can read electricity flows in and out of a facility. Hence, the meter will record the net energy received by the facility
or, if the facility generated more than it consumed, the energy delivered to the grid.

"1 Green marketing programs were first introduced by companies like Detroit Edison, Gainesville Regional Utilities, Sacramento
Municipal Utility District, Public Service of Colorado, and Traverse City Light and Power.
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power from renewable energy up to a certain point.'’
Assuming that this remains true in the future, regardless
of what shape the restructured electric industry takes,
green marketing programs are likely to continue
evolving as viable competitive strategies that electricity
suppliers can use to aggregate customer groups, reach
specific market segments, and retain existing customers.

As of March 1998, there were 17 State level green pricing
programs in operation, 5 in active development, 7 that
were pending formulation based on utility market
research, and 4 in the planning stage. A current list of
green pricing programs can be found at
http://www.eren.doe.gov/greenpower/summary.html.
A current list of utilities and power marketers involved
in green power programs can be found at
http://www.eren.doe.gov/greenpower/marketing.
html. These Web sites are maintained and regularly
updated by the Department of Energy’s Office of Energy
Efficiency and Renewable Energy.

The case of green marketing is illustrative of the types of
issues associated with this strategy. With hundreds of
nonutility “electric service providers” planning to offer
electricity in the California market, fierce competition
will likely produce a variety of claims about the
electricity being offered. In order for customers to make
informed choices, they must understand what really
distinguishes one supplier from another. A criterion
that some customers say they will use is the extent to
which generation is environmentally acceptable. For
most such customers, this means renewable sources.

Unfortunately, pilot programs in New England illumi-
nated the potential for “green fraud,” when some
suppliers allegedly offered their customers electricity
that they labeled as green but that in fact was no
different from any other electricity in the New England
Pool. To prevent such abuses in the future, legislatures,
regulators, and private organizations have proposed
measures to give electricity customers valid information

on the renewable content of their electricity. To provide
customers data on their suppliers, California’s Assembly
Bill (AB) 1305 legislation, enacted in 1997, requires all
electric service providers annually to state the source of
their electricity.' Categories include coal, large
hydroelectric (greater than 30 megawatts), natural gas,
nuclear, other, and eligible renewables (biomass and
waste, geothermal, small hydroelectric, solar, and wind).
In lllinois, the new Environmental Disclosure Law'"
requires every “electric utility and alternative retail
electric supplier” to provide customers quarterly the
known sources of electricity by fuel type, with
corresponding emissions information.

To provide further assistance to customers in evaluating
how “green” their electricity is, the non-profit Center for
Resource Solutions in San Francisco will certify with its
“Green-e Brand” that approved electric service
providers:'’

® Obtain at least 50 percent of total energy from
“eligible renewable resource facilities” through
performance obligation contracts

® Utilize fossil resources in the nonrenewable
component of the electricity product that have
equal or lower air emissions (for SO,, NO,, and
CO,) than the fossil portion of an equal amount of
system power (from California’s Power Exchange).
Generate air emissions from waste renewable fuels,
to the extent they are utilized, at a rate as low as or
lower than would be generated by alternative
waste disposal methods

® Refrain from using nuclear power beyond that
contained in system power purchased for the
eligible electricity product’s portfolio.

The success of green marketing programs is related to
the extent that consumers would choose to pay higher
rates for renewable-based electricity.'’® Green marketing

1728 Fahrar and A. Houston, “Willingness to Pay for Electricity from Renewable Energy,” Proceedings of the 1996 ACEEE Summer Study
on Energy Efficiency in Buildings (August 25-31, 1996), pp. 2-6. However, a clearer indication of what people will actually pay can be
determined by undertaking local-area market research. Only 10 percent of the respondents in one such local area survey indicate they
would participate in a specific green pricing program. In fact, several local-area market research studies indicate that at the program’s
inception, only 1 percent will actually sign up.

13 While over 100 nonutilities initially announced plans to service the California market, only 27 nonutilities had formally filed to offer
electricity as of April 1, 1998.

174 1LCS 5/16-127 (new) -- Public Act 90-561.

% power marketers participating in the Green-e Branding Program as of November 1, 1997, were Edison Source, Foresight Energy,
PacifiCorp, Enron Energy Services, Green Mountain Energy Resources, Electric Clearinghouse, Bonneville Power
Administration/Environmental Resources Trust, and the Sacramento Municipal Utility District. Planning to enter the market by mid- to
late 1998 were PG&E Energy Services and Cleen ‘n Green.

1% It should be noted that the premium paid by consumers for green power would be used to increase the amount of renewable-based
electricity available on their system, or, powerpool. It is not a direct purchase of renewable-based electricity from supplier to consumer.
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amounts to product differentiation, with the result that
the demand for renewable-based electricity would have
its own supply and demand functions. Absent system
benefits charges (SBC) and renewable portfolio stand-
ards (RPS) in a competitive market, renewable electricity
product differentiation is even more critical because it
(ostensibly) increases the demand for renewable energy.
However, some believe that in a competitive market-
place, both an RPS or SBC and green marketing are
necessary and serve to complement each other.*"

Current Economics

Renewable technologies are generally characterized by
relatively high capital costs and low operation and
maintenance costs. These characteristics make them
attractive in the long run, but less so in a competitive
setting where the premium is on near-term cost mini-
mization. Renewable generating technologies continue
to make advances, thereby increasing their efficiency
and lowering cost; however, outside of some niche
market applications, they still are not economically
competitive with conventional sources of power.

One of the ways in which capital costs decrease is
through “learning by doing.” That is, as the number of
units of a product are built, manufacturers learn more
efficient production techniques and costs thereby
decline. In the case of renewables, this can occur
whether a company builds for the domestic market or
for export. With American firms competing for foreign
markets, costs are likely to decline further domestically.
Capital costs and operations and maintenance (O&M)
costs also decline through “economies of scale,” that is,
up to a certain (optimal) plant or project size.

Levelized Costs of Renewable Electric
Technologies

When determining the fuel source to use in constructing
a new generating plant, “levelized” cost is usually used
to determine which technology and energy source will

be least cost. Levelized costing considers all capital, fuel,
and operating and maintenance costs. In levelized
costing, capital costs are amortized over the expected
power output for the life of the plant.'’®

EIA estimates the levelized costs of all generating tech-
nologies using its National Energy Modeling System,
(NEMS). Tables 14 through 17 show decision year 2000
cost and performance information, based on NEMS, for
fossil and renewable technologies for the major regions
of the country best suited for renewables.

Although geothermal energy appears to be the least
costly of the technologies compared in the California-
Southern Nevada power area (CNV) (Table 14), there is
very limited capacity available for development at 37.6
mills per kilowatthour. Wind power offers a 10-percent
cost advantage over natural gas combustion turbine
technology. However, wind technology is intermittent
and therefore cannot be fully credited for firm capa-
city. The levelized cost of biomass power is about
double that of wind and gas combustion turbines. The
biomass power cost, however, does not include any
credit for waste disposal costs that might be otherwise
incurred.

In the Northwest (NWP) and the Southwest, except
California (RA), the cost comparison is much the same,
except that biomass is about one-fourth less expensive
than in California.' In most of Texas (ERCOT), how-
ever, natural gas combustion turbines are 10 mills per
kilowatthour cheaper than the next cheapest technology,
wind power. Biomass in eastern Texas produces power
for approximately the same cost as in NWP and RA.

It is worth reiterating that site-specific conditions are
critical to the economic feasibility of renewable electric
generating plants. NEMS does not assess generating
plant feasibility on a site-specific basis.

A number of state public utility commissions (including
Rhode Island and Massachusetts) have also studied
levelized/life-cycle costs of renewables.'®

Y7 Actually, green pricing creates an increased risk in a competitive market that, should consumer preferences turn away from
renewables, less renewable electricity might be demanded than if the utility under the existing “rate of return” rate making scheme rolled
a small amount of higher-cost renewable-based electricity into its overall rates.

8 |n general, “levelized cost” is the present value of the total cost of building and operating a generating plant over its economic life,
converted to equal annual payments. In the context of this report, levelized costs are the calculated average busbar costs per kilowatthour
of generating electricity over the plant lifetime, including overnight capital costs per kilowatt, fixed operations and maintenance (O&M
costs per kilowatt, variable O&M per kilowatthour, and fuel costs per kilowatthour, using a specified discount rate.

9 The regions used in this chapter are based on EIA NEMS model Electricity Market Module regions as shown on p. xiv of Energy
Information Administration, Electricity Prices in a Competitive Environment, DOE/EIA-0614 (Washington, DC, August 1997). These regions

are synonymous with the NERC regions and subregions.

180 C.T. Donovan Associates, Inc., Scoping Study of Renewable Electric Resources for Rhode Island and Massachusetts, Volume 2: Life Cycle

Cost Analysis (Burlington, VT, November 1997).
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Table 14. Cost and Performance Characteristics for Combustion Turbine and Renewable Generating
Technologies, California-Southern Nevada (CNV)

Levelized
Overnight Variable Plus Capacity | Construction Cost®
Capacity Capital Cost Fixed O&M P Factor Lead Time (1995
Technology ? (megawatts) | (1995 $/kilowatt) (1995 mills/kwh) (percent) (Years) mills/kWh)
Combustion Turbine
(Conventional) . . 160 329 10.8 85 2 60.3
Combined Cycle
(Conventional) . . 250 480 20.6 85 3 59.3
Biomass ....... 100 2,630 11.3 80 4 84.3
Geothermal .. ... 50 1,765 10.8 80 4 37.6
Solar Thermal . .. 100 3,064 12.5 42 3 107.8
SolarPV ....... 5 4,283 4.0 28 2 196.0
Wind .......... 50 778 9.4 31 3 40.2

®Decision to build made in 2000. Plant assumed to enter service at end of construction lead time.

Does not include fuel costs, which are included in the levelized cost. The cost of fuel per kilowatthour varies by fuel and the
efficiency of that technology to transform energy to electricity.

“Includes various externality costs and credits.

Notes: CNV refers to the Electricity Market Module Region: California Southern Nevada Power Area, which includes most of
California (it does not include the extreme eastern and northern parts) and the southernmost part of Nevada. The regions used
in this chapter are based on EIA NEMS model Electricity Market Module regions as shown on p. xiv of Energy Information
Administration, Electricity Prices in a Competitive Environment, DOE/EIA-0614 (Washington, DC, August 1997). These regions are
synonymous with the NERC regions and subregions. Natural resource and other limitations may restrict number of units able to
be built at these costs.

Source: Energy Information Administration, Annual Energy Outlook 1998, DOE/EIA-0383(98) (Washington, DC, December 1997);
National Energy Modeling System run AEO98B.D100197A.

Table 15. Cost and Performance Characteristics for Combustion Turbine and Renewable Generating
Technologies, Southwest (RA)

Levelized
Overnight Variable Plus Capacity | Construction Cost®
Capacity Capital Cost Fixed O&M P Factor Lead Time (1995
Technology 2 (megawatts) | (1995 $/kilowatt) (1995 mills/kwh) (percent) (Years) mills/kWh)
Combustion Turbine
(Conventional) . .. 160 359 10.8 85 2 43.8
Combined Cycle
(Conventional) . .. 250 517 20.6 85 3 35.2
Biomass ........ 100 2,863 8.7 80 4 62.9
Geothermal . ..... 50 1,869 17.7 80 4 39.9
Solar Thermal . ... 100 2,998 14.2 37 3 119.2
SolarPV ........ 5 4,163 4.3 30 2 175.9
Wind ........... 50 756 9.1 31 3 39.1

®Decision to build made in 2000. Plant assumed to enter service at end of construction lead time.
®Does not include fuel costs, which are included in the levelized cost. The cost of fuel per kilowatthour varies by fuel and the
efficiency of that technology to transform energy to electricity.

“Includes various externality costs and credits.

Notes: RA covers Arizona, virtually all of Colorado and Utah, eastern Wyoming, and extreme western Texas, South Dakota,
and Nebraska. The regions used in this chapter are based on EIA NEMS model Electricity Market Module regions as shown on
p. xiv of Energy Information Administration, Electricity Prices in a Competitive Environment, DOE/EIA-0614 (Washington, DC,
August 1997). These regions are synonymous with the NERC regions and subregions. Natural resource and other limitations
may restrict number of units able to be built at these costs.

Source: Energy Information Administration, Annual Energy Outlook 1998, DOE/EIA-0383(98) (Washington, DC, December
1997); National Energy Modeling System run AEO98B.D100197A.
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Table 16. Cost and Performance Characteristics for Combustion Turbine Technologies and Renewable

Generating Technologies, Northwest (NWP)
Levelized
Overnight Variable Plus Capacity | Construction Cost®
Capacity Capital Cost Fixed O&M P Factor Lead-Time (1995
Technology 2 (megawatts) | (1995 $/kilowatt) (1995 mills/kwh) (percent) (Years) mills/kWh)
Combustion Turbine
(Conventional) . .. 160 316 10.8 85 2 42.2
Combined Cycle
(Conventional) . .. 250 463 20.6 85 3 30.0
Biomass ........ 100 2,540 8.8 80 4 58.5
Geothermal . ..... 50 1,415 8.6 80 4 30.0
Solar Thermal .. .. 100 2,921 15.9 37 3 133.0
SolarPV ........ 5 4,083 4.6 30 2 217.1
wind ... ... 50 742 9.4 31 3 P38.6

®Decision to built made in 2000. Plant assumed to enter service at end of construction lead time.
Does not include fuel costs, which are included in the levelized cost. The cost of fuel per kilowatthour varies by fuel and the

efficiency of that technology to transform energy to electricity.

“Includes various externality costs and credits.
Notes: NWP includes Washington, Oregon, Montana (excluding easternmost port), Nevada, Utah, the western part of Wyoming,
and extreme eastern California. The regions used in this chapter are based on EIA NEMS model Electricity Market Module regions
as shown on p. xiv of Energy Information Administration, Electricity Prices in a Competitive Environment, DOE/EIA-0614
(Washington, DC, August 1997). These regions are synonymous with the NERC regions and subregions. Natural resource and other
limitations may restrict number of units able to be built at these costs.
Source: Energy Information Administration, Annual Energy Outlook 1998, DOE/EIA-0383(98) (Washington, DC, December 1997);
National Energy Modeling System run AEO98B.D100197A.

Table 17. Cost and Performance Characteristics for Combustion Turbine and Renewable Generating

Technologies, Electric Reliability Council of Texas (ERCOT)

Levelized
Overnight Variable Plus Capacity Construction Cost
Capacity Capital Cost Fixed O&M P Factor Lead Time (1995°
Technology ? (megawatts) | (1995 $/kilowatt) (1995 mills/kwh) (percent) (Years) Mills/kWh)
Combustion Turbine
(Conventional) . . 160 316 10.8 85 2 38.5
Combined Cycle
(Conventional) . . 250 459 -- 85 3 33.6
Biomass ....... 100 2,519 9.6 80 4 62.9
Geothermal .. ... N/A N/A N/A N/A 4 N/A
Solar Thermal . .. 100 2,863 16.4 32 3 137.3
SolarPV ....... 5 4,003 4.3 26 2 202.6
Wind .......... 50 727 11.7 25 3 48.3

®Decision to build made in 2000. Plant assumed to enter service at end of construction lead time.
PDoes not include fuel costs, which are included in the levelized cost. The cost of fuel per kilowatthour varies by the fuel and
the efficiency of that technology to transform energy to electricity.
“Includes various externality costs and credits.
Notes: ERCOT, which includes most of Texas, is a region of the Electricity Market Module. The regions used in this chapter
are based on EIA NEMS model Electricity Market Module regions as shown on p. xiv of Energy Information Administration,
Electricity Prices in a Competitive Environment, DOE/EIA-0614 (Washington, DC, August 1997). These regions are synonymous
with the NERC regions and subregions. Natural resource and other limitations may restrict number of units able to be built at

these costs.

Source: Energy Information Administration, Annual Energy Outlook 1998, DOE/EIA-0383(98) (Washington, DC, December
1997); National Energy Modeling System run AEO98B.D100197A.
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Transmission Issues for Renewable Energy
Technologies

The tariffs'® for transmission access and services are
coming under review as the electric power industry
evolves from a regulated to a competitive environment.
The structure of the transmission tariff will determine
the allocation of transmission costs to the users of the
transmission system, and ultimately, to the respective
consumers. The structure of the transmission tariff can
impact the prices of transmission for different generation
technologies and energy sources, which could affect the
economics of these technologies.

The transmission tariff is designed to recover both the
marginal and fixed costs of the transmission system.
The marginal cost of transmission for completing any
given power transfer, including losses, ancillary services
(i.e., capacity reserves), and any congestion cost, is
typically a small fraction of the embedded cost included
in transmission tariffs. The transmission tariff also sets
prices well above the marginal cost to recover the fixed
cost of the transmission system. The methodology used
to recover fixed costs (in excess of marginal cost) can im-
pact the price of electricity, thereby potentially affecting
competition among generation suppliers. For example,
certain transmission tariffs could result in a distant gene-
ration supplier paying “pancaked” transmission rates!®
to several transmission providers, the sum of which
greatly exceeds the marginal cost of transmission.

The most common type of transmission tariff is postage
stamp pricing. A postage stamp rate is a fixed charge
per unit of energy transmitted within a particular zone,
irrespective of the distance that the energy travels.
Other transmission tariffs include megawatt-mile and
congestion pricing. Megawatt-mile rates explicitly reflect
the cost of transmission based on both the quantity of
power flow and the distance between the receipt and
delivery points. Congestion pricing is used to allocate
the available transmission capacity by increasing the
price to users of the transmission lines as maximum
transmission capacity is reached.

Currently, transmission tariffs are based on contract
path pricing. A contract path rate is one that follows a
fictional transmission path agreed upon by transaction
participants. However, contract path pricing does not

reflect actual power flows through the transmission grid,
including loop and parallel path flows. Flow-based
pricing schemes can be used as an alternative to contract
path pricing.

Tariffs that include charges for firm (take-or-pay) trans-
mission capacity or transmission distance will increase
the cost of transmission for generating units having low
capacity factors (e.g., due to intermittency of operation,
as with wind-powered facilities) or with increasing
transmission distance (e.g., remotely located facilities, as
with biomass powered facilities). Under these tariffs,
technologies utilizing certain renewable energy tech-
nologies having inherently low capacity factors, large
distance from load centers, and intermittent operation
will incur relatively higher transmission costs than other
technologies.

Historically, renewable energy technologies have re-
ceived Federal and State incentives to make them more
price-competitive with fossil-fueled technologies. In
competitive markets, advocates of renewable energy
resources, in addition to promoting incentives (e.g.,
renewable portfolio standards), are also promoting
green pricing programs where consumers pay a pre-
mium for electricity from renewables. How competitive
renewable technologies ultimately become will depend
on the cost of renewable technologies to produce
electricity, including transmission prices, incentives that
mandate consumption or reduce the cost of renewable
generation, and the price elasticity of consumers’
demand for green power. High prices for transmission
services, added to the cost of renewable generation,
could reduce the demand for renewables even with
green pricing programs. However, a transmission tariff
that results in high transmission prices in certain
geographic areas may create an opportunity in those
areas for distributed generation by using renewable
technologies to compete with central station power
plants.

Distributed Generation

During the early development of the electric power
industry, electricity was provided using distributed gen-
eration, sometimes called distributed resources, where
generation occurs near or at the site of electricity
demand. Although distributed generation has been

18! Tariff is a set of schedules filed with the regulatory authority specifying lawful rates, charges, rules, and conditions under which

service is provided.

182 «“pancaked” transmission rates refer to paying multiple rates on top of one another. For example, if postage stamp transmission
rate schedules are in effect, then a firm which had transmission facilities outside a single “zone” would have to pay for crossing into another

“zone”; hence, the term “pancaked.”
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replaced by large central-station power plants—made
possible by the development of an adequate, reliable,
and efficient transmission system—it may be staging a
comeback under deregulation.

Generation will be priced competitively under deregu-
lation, but transmission and distribution (T&D) will
continue to be regulated. T&D regulation is undergoing
substantial changes, with transmission owners required
to open access to transmission lines, and the transmis-
sion services undergoing a transition to “unbundling” of
services and prices. Under unbundled services, trans-
mission owners must provide a clear and specific tariff
for a variety of transmission access services (e.g., point-
to-point vs. network related, interruptible vs. non-
interruptible charges) and a variety of dispatching and
power management services (e.g., capacity reserves,
voltage control, and administration). Distributed gen-
eration may have opportunities in niche markets to be
competitive with the cost of electricity from central
stations, which includes cost of transmission (including
losses and ancillary reserves), operating power sub-
stations, and distribution lines and equipment for
delivery to end users.

T&D costs can vary greatly among locations with the
unbundling of rates. T&D costs may be relatively low
for customers receiving power from plants close to
major transmission lines or substations. For customers
located far away from main transmission lines, or in
constrained areas of the grid, T&D costs may be a
multiple of the average costs. Distributed generation
may prove to be attractive in areas where it can defer
T&D investment or where it can improve reliability to
the consumer. Small-scale renewable generation tech-
nologies that have seen significant cost reductions and
improvements in operating characteristics may be
competitive and provide benefits (e.g., environmentally
friendly, minimum land use) not available from large
central generating stations. In the future, fuel cells, wind
turbines, solar panels, and some biomass technologies
may meet these criteria.

Renewable Energy Resources

Each of the renewable resources and technologies is
different with regard to resource location, markets, and

infrastructure. Therefore, each may be differentially
affected by deregulation. This section discusses the
possible effects of competitive markets on each of the
renewable sources.

Biomass

Biomass produced 75 percent of nonhydroelectric
renewable electricity in 1997, with wood comprising the
largest component of biomass energy. Clearly, the
success of any restructuring provision attempting to
increase substantially renewable-based electricity in the
near term will require more generation from biomass
sources. A major issue in this section is the availability
of additional biomass resources, especially wood and
wood waste, which are the principal biomass products
used to produce electricity. Their use is greatest in the
forest products industry, which consumes about 85
percent of all wood and wood waste used for energy
and is the second-largest consumer of electricity in the
industrial sector (Figure 23).1% Electric utilities have
historically relied on fossil fuels and consumed very
little biomass. Of the more than 500 U.S. biomass power
production facilities (with total capability near 10
gigawatts), fewer than 20 are owned or operated by
electric utilities.

Almost all industrial firms that generate biomass-based
electricity do so to achieve multiple objectives. First,
most of these firms are producing biomass-related
products'® and have waste streams (e.g., pulping liquor)
available as (nearly) free fuel. This makes the cost of self-
generation cheaper in many cases than purchasing
electricity. Despite the fact that the Forest Products
Industry self-generates a substantial portion of its
electricity demand, its sizeable power requirements
leave plenty of room for additional competitively priced
self generation, if such is possible. Second, combusting
waste to generate electricity also solves otherwise
substantial waste disposal problems. Thus, the net cost
of generation is much lower to the forest products
industry than it would be if its generating facilities were
used only to produce electricity, because a sizable waste
disposal cost is being avoided. The use of waste-based
fuel by some industrial generators to reduce waste
disposal costs while simultaneously providing power is
an example of synergy among industrial production,
environmental concerns, and energy production.

183 Bjomass includes wood, wood waste (e.g., black liquor from paper pulping operations), municipal solid waste, manufacturing
wastes, ethanol, and “other biomass” (e.g., used tires, utility poles, and various combustible gases which are byproducts of manufacturing.)
18 Based on sector analysis of data in Energy Information Administration, Manufacturing Consumption of Energy, 1994, DOE/EIA-

0512(97) (Washington, DC, December 1997), Table A43.

18 These are usually wood waste streams but can be from a wide variety of sources, such as rice hulls or bagasse from sugar harvesting.
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Figure 23. The Largest Electricity-Consuming
Industries and Their Generation, 1994
(Million Kilowatthours)
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Source: Energy Information Administration, Manufacturing
Consumption of Energy 1994, DOE/EIA-0512(94)
(Washington, DC, December 1997).

Although many people envision substantial increases in
biomass power for the future with “energy crop” plan-
tations forming a primary supply base,'*® this is not
feasible in the near term. Presently, “closed-loop” (i.e.,
sustainably supplied) biomass power projects are at the
research and demonstration phase.’®” This reemphasizes
the fact that significant near-term increases in biomass-
produced power will need to come from sectors
currently producing power from biomass.

If the principal source of biomass for power is waste
streams, then industrial company biomass generation
beyond current levels will require changes in basic
industrial operating conditions which generate those
waste streams. That is, the synergy referred to above
must be maintained. A decision by an industrial com-
pany to increase electricity generation would be based
on (1) how increasing generation would affect industrial
operations, i.e., existing processes and products; (2)
anticipated costs and supply implications for additional
primary biomass fuel; and (3) the cost of self-generated
versus purchased electricity.

One industrial operating condition which could change
is the character of the biomass fuel used. If primary fuel
(e.g., dedicated crops and trees) rather than waste-based
fuel were used to support increased generation, fuel

costs would change. Another is that increased industrial
biomass generation could require alteration or addition
of fuel storage, material handling, and generating
equipment (e.g., for cofiring retrofits). Third, increased
demand would be placed on the fuel supply infra-
structure. While some biomass fuel resources are owned
by industrial companies,'® in other cases companies
purchase from private or government landowners. The
availability of additional biomass fuel from noncaptive
suppliers is thus uncertain. Hence, prices paid for
electricity would have to be sufficiently high to motivate
forest product generators to become net sellers beyond
current levels for there to be a significant impact on U.S.
biomass-generated electricity from the industrial sector.

It is generally perceived that, absent mandatory incen-
tives to promote and preserve public benefits (e.g., RPS,
wire use charges), electricity restructuring will exert
competitive market pressures that will (on a macro
scale) tend to reduce, rather than increase, the price of
electricity. Itis, therefore, not reasonable to anticipate a
substantial increase in industrial output of biomass
electricity solely due to market restructuring. Even with
a mandatory RPS, it is unclear that the cost of new
biomass power would be less than for other renew-
ables—particularly wind—in the near term.

The effect, on the other hand, of green power marketing
programs, voluntary or State-mandated, is an altogether
different matter. During the past year, there has been a
steadily increasing demand for renewable-based elec-
tricity as a result of retail marketing programs and State
production mandates and incentives. Whether or not
demand for green power is beginning to outstrip initial
supply, there is clear evidence of new interest and
participation by both forest products and energy com-
panies, and public attitude and corporate image play no
small role in this change. Utilization of additional
primary biomass resources, such as timber, for energy
may be constrained somewhat in the short term by
available generating capacity. The potential of the wood
resource base for energy use is large, however, under
qualified conditions.

One major qualification is that noneconomic factors,
such as public perceptions regarding land use, will play
a major role in how much of the wood resource base
may be used for energy. There may be a conjunction at

186 “Energy crops” are any crops grown and dedicated for energy production, with the intent that the generating facility can be

“sustainably supplied” by these crops.

187 For example, a 75-megawatt generating plant, which will be fueled by a sustainable alfalfa supply grown by regional farmers, is

being built in Minnesota.

188 The ownership of resources by an entity using that resource is known as “captive ownership.”

82 Energy Information Administration/ The Challenges of Electric Power Industry Restructuring for Fuel Suppliers



